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ABSTRACT 
 
This contribution engages in the evaluation of offshore sandstone reservoirs of the Central 
Bredasdorp basin, Block 9, South Africa using primarily petrophysical procedures. Four 
wells were selected for the basis of this study (F-AH1, F-AH2, F-AH4, and F-AR2) and were 
drilled in two known gas fields namely F-AH and F-AR. The primary objective of this thesis 
was to evaluate the potential of identified Cretaceous sandstone reservoirs through the use 
and comparison of conventional core, special core analysis, wire-line log and production 
data. A total of 30 sandstone reservoirs were identified using primarily gamma-ray log 
baselines coupled with neutron-density crossovers. Eleven lithofacies were recognised from 
core samples.  
The pore reduction factor was calculated, and corrected for overburden conditions.  
Observing core porosity distribution for all wells, well F-AH4 displayed the highest recorded 
porosity, whereas well F-AH1 measured the lowest recorded porosity. Low porosity values 
have been attributed to mud and silt lamination influence as well as calcite overgrowths. The 
core permeability distribution over all the studied wells ranged between 0.001 mD and 2767 
mD. Oil, water, and gas, were recorded within cored sections of the wells. Average oil 
saturations of 3 %, 1.1 %, and 0.2 % were discovered in wells F-AH1, F-AH2, and F-AH4. 
Wells F-AH1 to F-AR2 each had average gas saturations of 61 %, 57 %, 27 %, and 56 % 
respectively; average core water saturations of 36 %, 42 %, 27 %, and 44 % were recorded 
per well. 
The volume of clay was calculated from the linear gamma-ray method. Over the reservoir 
section, well F-AH1 had an average volume of clay equal to 16.5 %, F-AH2 had an average 
of 22.7 %, well F-AH4 had 21.2 %, and F-AR2 had 7.8 %, all representing relatively clean 
sandy formations with minor clay and silt influence. Log derived porosity was calculated 
using Density, Neutron, and Sonic log data with focus to estimate porosity within the non-
cored reservoir sections of each well. These four wells showed good average log derived 
porosities of 10.5 %, 12.7 %, 11.6 %, and 12.7 %. Three log derived water saturation models 
were calculated using the Archie, Simandoux, and Indonesian methods. The log calculated 
water saturation models were calibrated using conventional core water saturation and 
capillary pressure results in order to determine the best matched log water saturation model 
for each well. Average log derived water saturations for the four wells were 51 %, 24 %, 40 
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%, and 34 %. A key observation was that low water saturations (less than 50 %) were 
recorded where hydrocarbon zones were identified.  
Repeat Formation Test and log data were used to identify potential fluid contacts in each 
well. Gas, oil and water gradients of 0.23 g/cc, 1.18 g/cc, and 1.68 g/cc were interpreted to 
exist in well F-AH1. The gas-oil contact (GOC) and oil-water contact (OWC) was interpreted 
to be at 2416.5 m and 2455.9 m in this well. In well F-AH2, gas and water gradients of 0.22 
g/cc and 1.16 g/cc were interpreted down to a gas-water contact (GWC) at 2436.1 m. In well 
F-AH4, gas and water gradients of 0.40 g/cc and 1.11 g/cc were interpreted down to a gas-
water contact (GWC) at 1836 m. Well F-AR2 was interpreted to have a gas gradient of 0.14 
g/cc within the tested reservoir section.  
Cut-off parameters were established to distinguish between pay and non-pay intervals. Pay 
potential intervals must have a porosity of at least 4 %, clay volume less than 31 %, and water 
saturation less than 60 %. Seventeen of thirty reservoirs met the cut-off criteria for net pay 
potential. Gross thicknesses of the reservoir intervals ranged from 1.8–81 m and net 
thicknesses ranged from 0-68 m respectively. Reservoir 1 of well F-AH2 had the highest 
gross and net thicknesses of 80.62 m and 67.82 m at a net/gross ratio of 0.841. In essence, 
this work has contributed to evaluating the predominantly gas bearing sandstone reservoir 
quality distribution based on a petrophysical property analysis. 
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CHAPTER 1 
 
INTRODUCTION 
 
1.1 BACKGROUND 
Widespread exploration for more than thirty years onshore South Africa have shown no 
conventional hydrocarbon accumulations, although there are research efforts that propose 
tapping into unconventional shale gas within the Karoo. Preceding the roll-out of 
hydrocarbon exploration in the South African offshore in the late 1960’s, there had been no 
geological studies of the continental shelf of South Africa. The presently understood geologic 
history of the area in general and of the Bredasdorp basin in particular thus branches from 
hydrocarbon exploration efforts (Davies, 1997). Since 1980, the Bredasdorp basin has been 
the center of focus for drilling and seismic activity, where exploration drilling in particular 
has resulted in 181 exploration wells being drilled from 1981 to 1991 (Ojongokpoko, 2006). 
These exploration efforts yielded fruitful results as several oil and gas fields have been 
discovered following commercial production.  
Throughout the geological record, sedimentary rocks have been known to host a majority of 
the world’s non-renewable fuel, ground water, and metal ore resources. Oil and gas reserves 
are of particular significance to this study. Additionally, it forms a combustible high source of 
energy which is at present time being utilised for commercial, industrial or household 
reasons. Conventionally, oil and gas currently produced worldwide is primarily derived from 
reservoir rocks (such as sandstone, limestone or dolomite) that contain accumulated 
hydrocarbons within its pore spaces.  
Hydrocarbon accumulations may be found both onshore and offshore, via different trapping 
mechanisms and formation conditions. This study addresses a few aspects regarding the 
offshore Bredasdorp basin, one of many Southern African offshore basins that are known to 
contain proven hydrocarbon reserves. The Bredasdorp Basin is located on the Southern 
African continental shelf (between Cape Agulhas and Mossel Bay) and is by far one of the 
largest hydrocarbon producing blocks within Southern Africa (Bell et al., 1986). Results from 
over 200 drilled wells and seismic survey data delineates the Bredasdorp Basin as being one 
of four basins.  
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Many hydrocarbon reservoirs were encountered within Cretaceous sandstones of the 
Bredasdorp Basin. It is understood that the gas and oil these sandstone reservoirs contain may 
have been generated from one or more of the carbon-rich source rocks in the confines of the 
basin or within the western part of the Southern Outeniqua Basin. The hydrocarbons are 
made up of liquid oils and traces of high molecular weight hydrocarbons, considered to be 
residues after earlier oil charges, and wet gas with condensate (Davies, 1997). Concentrations 
of these hydrocarbons are commercially significant and are vigorously being explored. Many 
of the producing reservoirs are currently producing oil and gas condensate. This necessitates 
exploration efforts to concentrate their search into those parts of the basin where such 
hydrocarbons are preferentially trapped. Exploration therefore requires an understanding of 
their accumulation within the reservoir rock itself. This may be understood by generating 
some basic petrophysical parameters which include porosity, permeability, hydrocarbon and 
water saturation, thickness and area range of reservoir formation. The parameters are 
essentially derived from various wire-line logs (sonic, acoustic, nuclear etc.), where the logs 
themselves are a result of a process of well logging, and also confirmed against measured 
parameters of physical samples (e.g. sample measured porosity versus log measured 
porosity). Crain (2004) has defined well logging as the process of recording various physical, 
chemical, electrical or other properties of the rock/fluid mixture penetrated by drilling a well 
into the earth’s crust. An important process of reservoir characterisation is core analysis. Core 
analysis is a way of evaluating well conditions by studying samples of reservoir rock and 
gives very accurate insight into the porosity and permeability, among other characteristics, of 
the well. The combination of core analysis with petrophysics software can further increase 
accuracy of down-hole studies as well as to provide the convenience of well visualisation. 
Typical reservoir sandstones are primarily composed of fine- to coarse-grained sandstones 
(and to a lesser extent limestone) with possibilities of fine intercalations of shale, silts, and 
clays. These porous and permeable reservoirs, together with conditions that favor 
hydrocarbon accumulation (source, trap, and seal) would entail greater chances of producing 
an economically viable resource. Thus, understanding porosity and permeability 
heterogeneity within a study area is vital in order to accurately estimate and evaluate potential 
hydrocarbon resources, as well as to understand reservoir quality. Reservoir characterisation 
allows one to properly study reservoir rocks, their petrophysical properties, and the fluids 
they may contain (oil, water etc.).  
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The Petroleum Agency of South Africa (PASA) currently controls the management of South 
Africa’s exploration activities, where key responsibilities include soliciting of propositions 
for offshore acreage of the southern and western coasts of the country (PASA brochure 
2004/5). SOEKOR (Southern Oil Exploration Corporation), the State owned oil and gas 
Exploration Company, (presently known as PetroSA, Petroleum South Africa) discovered gas 
and oil deposits offshore in Block 9 of the Bredasdorp Basin where a total of 165 wells have 
been drilled. Thirty-two of these 165 wells have been classified as oil and/or gas discoveries 
which are relatively small in size (Op. Cit.). Broad (2004), explained that the F-A gas and 
condensate fields (discovered in 1980 by SOEKOR) in the Bredasdorp Basin are currently 
being exploited by Mossgas, where an average of 194 million standard cubic feet of gas and 
9,500 barrels of condensate are being produced on a daily basis. The gas and condensate are 
sent to the Mossgas synfuels plant via a 91km pipeline and then converted to kerosene, 
diesel, and petrol.  
Additional gas and oil deposits have been discovered by PetroSA offshore in Blocks 9 and 
11a of the Bredasdorp basin, where these gas deposits lie separate from the Mossgas synfuels 
and E-BT oil field developments. According to Schalkwyk (2005), PetroSA has looked to 
farm out 40 percent in each of the sub units that surround the F-A and E-M oil fields within 
Block 9. This was to present a way of increasing production above Oribi’s current 20,000 
bpd. The Oryx field (or E-AR field) is located 6km away from the Oribi field and was to 
compensate for the steady declining output of Oribi.  
 
1.2 AIMS AND OBJECTIVES 
1.2.1 AIM 
This research aims to evaluate the reservoir potential (associated with parameters such as 
porosity, permeability, water saturation, and clay volume) within selected wells of the 
Bredasdorp Basin, with petrophysics and basic core analysis being the fundamental basis of 
the investigation. The elements used to evaluate the reservoir potential will form a 
comprehensive model from which logical conclusions and recommendations may be derived.   
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1.2.2 OBJECTIVES 
In order for the primary objective of this research to be achieved, the following tasks were 
carried out effectively: 
 Used visual core description to identify all sedimentary facies present within the 
concerned wells. 
 Identified and interpreted the depositional processes responsible for the derivation of 
the facies. 
 Created a database of wire-line logs, conventional core data, special core analysis data 
for each well using the Interactive Petrophysics (IP) software package, after which: 
o Logs were used to identify facies, reservoir zones and potential hydrocarbon 
zones for entire wells based on wire-line log signatures (Gamma ray, 
resistivity, neutron, density etc.). 
o Core-log depth shifting and matching was carried out. 
o Porosity, permeability, fluid saturation, volume of clay variations etc. were 
estimated for entire wells using Interactive Petrophysics (IP) software 
calculations. 
 Used Repeat Formation Test (RFT) results to identify fluid contacts. 
 Used Special Core Analysis (SCAL) data to determine the porosity and permeability 
under overburden conditions, resistivity index, cementation exponent, saturation 
exponent, etc. 
 
1.3 AREA OF INVESTIGATION 
The Bredasdorp Basin underlies the Indian Ocean and extends approximately 18,000 km² 
along the Southern coast of South Africa, which is generally in less than 200 m water depth 
(Wood, 1995). The basin typically lies southeast of Cape Town, west-southwest of Port 
Elizabeth, and southwest of Mossel Bay. The Bredasdorp basin lies furthest in the south-
westerly direction of the Southern African offshore basins. The formation of this basin 
resulted from extensional episodes during the initial stages of rifting during the Jurassic 
period; and is essentially filled with Upper Jurassic and Lower Cretaceous synrift continental 
and marine strata, and post Cretaceous and Cenozoic divergent rocks. The Bredasdorp Basin 
is bound in the north by the Infanta Arch and in the south by the Agulhas Arch, where both 
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arches form basement highs that are composed of Cape Supergroup sediments, granite, and 
Precambrian Metamorphic rock. The basin opens to the southeast to connect with the 
Southern Outeniqua Basin, which is terminated by the Agulhas-Falkland Fracture Zone 
(AFFZ) further to the southeast (Figure 1.1). 
 
 
 
 
 
 6 
 
 
Figure 1. 1 Locality map of South Africa’s offshore basins and schematic cross section of Bredasdorp Basin (Modified from Petroleum agency SA, 2010). 
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To date, over 200 wells have been drilled in the Bredasdorp Basin. The study is focused on 
reservoir zones encountered by four selected wells of various geographical locations (Table 
1.1) within the PetroSA concession (Block 9) of the basin that include: F-AH1, F-AH2, F-
AH4, and F-AR2. Table 1.1 shows well co-ordinates and various depths involved during 
drilling. Kelly Bushing (KB) refers to the vertical distance from the rotary table or Kelly 
bushing device on rigs to sea level. 
 
Table 1. 1 Well co-ordinates and various depths involved during drilling 
Well 
name 
Location 
KB to sea 
level (m) 
Water 
depth (m) 
Total drilling 
depth (m) 
Cores described 
F-AH1 
Latitude: 
34⁰58'28.35"S 
26 106 2688 
C1 to C4 (2415-
2479m) Longitude: 
22⁰01'40.69"E 
F-AH2 
Latitude: 
34⁰52'45.69"S 
26 105 2678 
C1 to C6 (2368-
2459m) Longitude: 
22⁰00'03.61"E 
F-AH4 
Latitude: 
34⁰52'58.95"S 
26 107 2670 
C3 to C5 
(2403.40-
2442.40m) 
Longitude: 
22⁰01'53.84"E 
F-AR2 
Latitude: 
34⁰55'16.00"S 
25.3 103.7 3000 
C1 to C3 (2667-
2716m) Longitude: 
22⁰05'41.13"E 
 
Water depth refers to the distance between sea surface and sea floor. Total drilling depth 
indicates the distance from Kelly Bushing to the bottom of the well. Cores (C1, C2, etc.) are 
sample pieces of rock formation collected from drilling activity. Core depths are in meters 
below KB. 
The F-AH structure is located on the northeastern edge of the Bredasdorp Basin 
approximately 79 km south-southwest of Mossel Bay. The structure is a faulted domal 
structure with an aerial closure of 11 square km, and is situated midway between the E-S and 
F-A structures.  
The F-AH1 well is situated 3.5 km northwest of F-AR3 and 10 km east of E-S3, and was 
drilled to test for hydrocarbons in an independent domal closure formed by the F-AH 
structure at the Horizon C (1At1) level. The borehole was also designed to aid evaluation of 
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the relationship between the potential F-AH reservoir and the gas bearing sandstones 
intersected in boreholes F-AR2 and F-AR3 (Bell et al., 1986). 
Well F-AH2 is located 7.5 km east of borehole E-S3 and 78 km south-southwest of Mossel 
Bay. The well was also recommended to test for hydrocarbons in an independent area of the 
domal closure northwest of the F-AH1 well (Bell and Van Heerden, 1986). 
Well F-AH4 is in the northeastern section of the Bredasdorp Basin, 950 m north-northeast of 
F-AH1. 
Well F-AR2 lies some 3.3 km southeast of borehole F-AZ2 and approximately 5 km west-
northwest of borehole F-AR1. The borehole was positioned to test the westward extension of 
the F-AR lobe of the F-A gas field, after gas and natural gas liquid were found reservoired in 
thick porous and permeable sandstones beneath Horizon C (1At1) at the F-AR1 well site 
(Holmes, 1985) 
Figure 1.2 below shows a well location map. The box to the top right is a map of South 
Africa depicting the current activity in terms of exploration and production as per September 
2014 (IHS, 2014). The map has been enlarged to display the well locations used for this study 
(highlighted yellow) and neighboring wells within the area. The bottom left box is a map of 
geological provinces overlain with various licensed areas (IHS, 2014). The F-A lease block is 
highlighted red.  
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Figure 1. 2  Well location map (adapted from IHS, 2014) 
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CHAPTER 2 
 
REGIONAL GEOLOGY 
 
2.1 REGIONAL GEOLOGICAL SETTING 
South Africa’s coastline reaches an approximate length of 3000 km of which 900 km is 
covered by the west coast, stretching from the Orange River to Cape Point. The continental 
shelf and slope have generally been found to be wider off the western and southern coastal 
areas, and thinner off the east coast with exception to the Durban basin area. The continental 
shelf and slope are approximately 20-160 km wide off the western coast, and 50-200 km wide 
off the southern coast. According to Thomson (1999), the centralised Karoo plume within 
Mozambique is believed to be the cause of breakup in Gondwana, specifically the splitting of 
Africa from Antarctica. The country consists of various marginal offshore basins that are 
divided into three separate tectonostratigraphic zones.  
The western offshore region is defined by the Orange basin (Figure 2.1, A) and spans an area 
of approximately 191600 km² (largest offshore basin of South Africa), which encompasses 
45% of the total area of all basins (Petroleum Agency SA, 2004/5). This basinal area is 
known as a broad passive margin that formed in relation to the opening of the South Atlantic 
Ocean during the early Cretaceous period.  
The southern offshore region is defined by the Outeniqua basin (figure 2.1, B), which is a 
large composite intracratonic rift basin representing a strong strike-slip movement during the 
Late Jurassic-Early Cretaceous breakup and separation of Gondwana. The Outeniqua basin 
comprises a chain of en echelon sub-basins (Petroleum Agency SA, 2004/5), from east to 
west: Algoa, Gamtoos, Pletmos, and Bredasdorp basins. Each of these basins contains a rift 
half-graben structure that is in turn overlain by a variably thick sequence of sediments from 
the drift phase (Petroleum Agency SA, 2004/5). This sequence of sediments from the drift 
phase shows occurrences of cyclic sedimentation and accumulation as the basin was in its 
primary formation process. The deep water extensions of the Gamtoos, Pletmos, and 
Bredasdorp basins converge into the Southern Outeniqua basin.   
The whole basin contributes to 30 percent of the total basinal area and spans an area of 
approximately 124 000 km² (Petroleum Agency SA, 2004/5).  
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Figure 2. 1 Map illustrating the locations of South Africa’s offshore basins.  
A 
B 
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The eastern offshore region is defined by the Durban and Zululand basins that formed in a 
narrow passive margin setting during the Jurassic period. These basins formed as a result of 
the breakup of Africa, Madagascar, and Antarctica. Sediment deposition within the eastern 
offshore region was limited and restricted to these two basins. The Durban and Zululand 
basins together contribute to 25 percent of the total basinal area of the South African offshore 
and spans an area of 107 000 km² (Petroleum Agency SA, 2004/5).  
 
The upstream petroleum sector of South Africa is growing rapidly and plays a vital role in the 
evolution of the national oil industry and economy. Data and flow testing derived from wells 
drilled offshore provide evidence that certain offshore areas of South Africa are good gas 
provinces. The recent discovery of offshore reserves has led to an increase in South Africa’s 
prospects natural gas production. Within this paper, only the Bredasdorp basin will be 
discussed in detail as it is the basin under investigation. This basin has a significant number 
of economic to marginal economic discoveries of oil, gas, and condensate. Productive fields 
such as Oribi, Oryx, and Sable are estimated to contain ultimate recoverable reserves of 
approximately 23 million, 7 million, and 25 million barrels (MMbbl) respectively (Petroleum 
Agency S A, Brochure, 2003/4). 
 
2.2 PRE-OUTENIQUA BASIN 
2.2.1 CAPE FOLD BELT  
According to Allogo (2006), the low temperature and pressure orogenic Permo-Triassic Cape 
Fold Belt (CFB), formed a mere part of the Gondwana’s orogenic belt which had an influence 
spanning across South America, Southern Africa, Antarctica and Australia. The CFB can be 
seen as a major pre-break-up event associated with the subsequent formation of the 
Outeniqua Basin off the south coast of South Africa. The Cape Orogeny essentially 
developed when the Gondwana landmass began to override the Pacific Plate (Dingle et al., 
1983). This type of plate movement has been called ‘Andean-type subduction’ of the Pacific 
Plate under the Gondwana Plate (Martini, 1974; Rhodes, 1974; De Wit and Ransome, 1992; 
Visser, 1995; Lock, 1980; Smellie, 1981; Johnson, 1991; Cole, 1992).  
The CFB may be divided into two structural branches: The Cedarberg or Western Branch, 
which has a northwest-southeast trend and constitutes gentle open folds; and the Swartberg or 
Southern Branch, which has an east-west trend and differs by being intensely deformed with 
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thrusting and overturned beds (Lock, 1978, Hälbich et al., 1983). Hälbich et al. (1983) and 
Johnston (2000) went on to explain that both of these structural branches eventually link up 
within the Ceres area to form the Cape Syntaxis with a southwest-northeast trend, and that the 
Swartberg Branch forms the greater part of the CFB by spanning over 600 km from this 
syntaxis to Port Elizabeth. Such information clearly indicates a primary stress orientation in 
the north-south direction (Allogo, 2006). The Swartberg Branch has well defined onshore 
deformational trends that lie along the south and east coast of South Africa, but also contains 
an offshore equivalent that may be followed off the south coast where it forms the basement 
rocks of the younger offshore basins (De Beer, 1989).  
According to Hälbich (1992), the Cape and Karoo Supergroups were largely affected by the 
Cape Fold Belt. The Cape Supergroup is made up by a succession of siliciclastic sandstones 
and shales that were deposited largely under marine conditions in outer shelf beach 
environments. These successions were deposited to the south of the Kaapvaal Craton during 
the Late Palaeozoic times (Allogo, 2006). The Cape Supergroup was in turn overlain by the 
Karoo Supergroup.  
Orogen dating showed that there were five main paroxysmic events at 278 ± 2 Ma, 258 ± 2 
Ma, 247 ± 3 Ma, 230 ± 3 Ma and 215 ± 5 Ma, all of which were interpreted to be deformation 
ages associated with episodic compression that was caused by subduction of the Pacific plate 
under the Gondwana plate (Hälbich et al., 1983). Hälbich et al. (1983) further explained that 
the CFB orogenesis underwent a cooling stage during the 215 Ma age.  
 
2.2.2 BREAKUP OF GONDWANA 
At one stage, the Gondwana supercontinent comprised the following present landmasses: 
South America, Africa, India, Madagascar, Australia, New Zealand and Antarctica. Up until 
the present day, there are uncertainties that remain and dwell around the abrupt disintegration 
of Gondwana into small continental land segments. Despite these uncertainties, the timing 
and evolution regarding the break-up of Gondwana is, however, known with reasonable 
accuracy.  
Four main extensional episodes have been established for Gondwana’s break-up. Allogo 
(2006) explained that the initial rifting stage initiated during the Early Jurassic period (180 
Ma), resulting in the separation of West Gondwana (South America and Africa) and East 
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Gondwana (Antarctica, Australia, India and New Zealand). Allogo (2006) went on to explain 
that the second extensional stage occurred during the Early Cretaceous Period (130 Ma) when 
South America detached from the Africa-India plate, and the African-Indian plate from 
Antarctica. The third stage occurred during the Late Cretaceous (90-100 Ma), which resulted 
in the parting of Australia and New Zealand from Antarctica, as well as separation of 
Madagascar and Seychelles from India (Op. Cit.). Gondwana’s break-up was finally 
completed in mid-Tertiary (25 Ma) times and resulted in the separation of the tip of the 
Antarctic Peninsula from South America.  
South Africa’s continental margin, extending along the south coast upon which the Outeniqua 
Basin lies, was created in response to the separation of South America, Africa and the 
Falkland Plateau (McMillan et al., 1997; Liro and Dawson, 2000). Allogo (2006) states that 
the detachment trailed ancient CFB thrust faults that were revived during Gondwana break-
up. Evidence of these reactivated ancient weak zones may be found by observing normal 
faults that are present within the Cretaceous offshore basins (Johnston, 2000). The Shear 
movement that was established along the Agulhas-Falkland Fracture Zone (AFFZ) presents a 
notable tectonic feature in the sense that the great Falkland Plateau was vastly separated from 
the Outeniqua basin. The matching of the structural trend between the Outeniqua Basin and 
the Falkland Islands, even after a 180 degree rotation of the latter (Marshall, 1994, and 
Johnston, 2000), highlights the outcome of the AFFZ on the adjustment of southern 
Gondwana morphology (Allogo, 2006). 
 
2.3 GEOLOGY OF THE BREDASDORP BASIN 
In order to better understand the Bredasdorp basin as a whole, one must venture into the 
various aspects that define the geology of the basin. Therefore, the following sections will 
provide insight into the basin’s structural configuration and development, thermal gradient 
history, and stratigraphy.  
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2.3.1 STRUCTURAL CONFIGURATION AND DEVELOPMENT 
2.3.1.1 Tectonic setting of the Bredasdorp Basin 
The Bredasdorp basin forms the westernmost of five south-easterly trending rift basins on the 
southern boundary of the African continent (Davies, 1997). It is located beneath the Indian 
ocean off the southern tip of the South African coast and covers an area of approximately 
18 000 km², being 200 km long and 80 km wide (McMillan et al., 1997). The basin is 
essentially a sub-basin of the greater Outeniqua Basin that formed via dextral shearing 
processes of the South African margin, processes that began in the Early to Mid-Cretaceous 
period. According to Davies (1997), the Outeniqua basin is arbitrarily divided into two 
sections at the 200 m isobath: the first zone is the inboard section containing the Bredasdorp, 
Pletmos, Gamtoos, and Algoa sub-basins; and the second zone is the deeper outboard section 
containing the Southern Outeniqua basin. Toward the east, the Bredasdorp basin is separated 
from the western part of the Southern Outeniqua basin by a north-south lineation of early 
structural horsts (Roux, 1996). The basin is controlled to the north by the east-west branch of 
the Permo-Triassic Cape Fold Belt (CFB), which is a northern verging fold and thrust belt; 
and to the southeast by the lower-Cretaceous Agulhas Falkland Fracture Zone (AFFZ), which 
is a dextral transform fault that formed during the separation of Africa and South America. 
The underlying sediments of the Bredasdorp basin are primarily metamorphosed sedimentary 
rocks (metasediments) from the Palaeozoic Table Mountain (TMG) and Bokkeveld Groups 
which form the dividing highs (e.g. The Agulhas and Infanta Arches). Fouche, et al. (1992), 
indicated that the geometry of the basin follows the grain of the underlying Cape Fold Belt, 
suggesting that the structural control may be related to the reactivation of earlier planes of 
weakness.  
The drift-onset unconformity (1At1) is concurrent with the earliest oceanic crust in the South 
Atlantic, and is consequently related to the end of the rift phase which occurred in the Lower 
Valanginian (Petroleum Agency Brochure 2004/2005). According to Olajide (2005), the 
Falkland Plateau, which formed part of an intricate series of microplates, gradually moved 
west-southwestward past the southern coast of Africa. A consequence of these movements 
was the creation of several oblique rift half-graben sub-basins including the Bredasdorp 
Basin, which may be considered to be failed rifts. It is youngest in the west and oldest in the 
east. The transitional rift-drift phase followed the rift phase and mainly contained three 
phases of inversion that was connected to the incessant shearing processes. Olajide (2005), 
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states that the mid Albian saw the end of the transitional rift-drift phase as the Falkland 
Plateau finally separated from Africa and was followed by the development of a true passive 
margin. The Syn-rift sedimentary sequence is comprised of fluvial and shallow-marine 
sediments whereas the postrift sequence was controlled by deep-marine sediments (De Wit 
and Ransome, 1992). 
A majority of the tectonism experienced by the Bredasdorp basin after its formation is 
primarily linked to deferential plate motion during the separation of Africa and South 
America, the transit of the Bouvet/Shona hotspot, and the initiation of the African Super-
swell (Davies, 1997). 
As previously stated, there were three distinct positive inversion events that prevailed within 
the Bredasdorp basin (De Wit and Ransome, 1992), in chronological order, starting with the 
oldest:  
The first inversion event was known as the pre-1At1 inversion. There is a sharp break in the 
contact between the basement and syn-rift sediments, with these synrift sediments being 
folded directly above (Figure 2.2). The boundary is understood to be a fault plane along 
which compressional reactivation of a pre-existing normal fault (initially formed due to 
rifting) took place. According to Ojongokpoko (2006), timing for the end of deformation may 
be determined by observing the onlap relationships of a second phase of syn-rift sediments 
against the fold structure. An erosional event followed and resulted in the formation of the 
drift-onset unconformity (1At1). This drift-onset unconformity noticeably eroded the upper 
section off the antiform within the syn-rift sequence (Figure 2.2). De Wit and Ransome 
(1992) further explained that the syn-rift sequence displayed an additional type of response to 
the pre-1At1 compression, where the syn-rift sequence of the half-graben was folded by 
compressional reactivation of the half-graben forming fault. 
The second inversion event was known as the post-1At1 inversion and involved the 
deformation of the Late-Valanginian 1At1 drift-onset unconformity. This 1At1 unconformity, 
along with its over- and underlying strata, either folded or reverse faulted at a low angle in 
response to the compressional forces that prevailed. The faulted 1At1 drift-onset 
unconformity was produced by reactivated graben forming normal faults. The syn-rift 
sequence folding and tilting resulted from post- 1At1 compression. De Wit and Ransome 
(1992) explain that there is a reverse sense of displacement of the 1At1 unconformity that 
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occurs along a north-westward verging thrust fault. Folding in the post-rift sequence may be 
found in as late as Hauterivian times. 
The final inversion event was known as the Mid-Albian inversion, where a definitive fault 
plane reflection in basement rock and a reverse displacement of the 1At1 unconformity was 
recognised. According to De Wit and Ransome (1992), this reverse sense of movement on the 
fault also resulted in asymmetric folding in the post-rift sequence of at least Albian age, as is 
the deformation of the mid-Albian 14At1 unconformity. 
 
2.3.1.2 Structural development of the Bredasdorp Basin 
According to Ojongokpoko (2006), the Bredasdorp basin lies between two anticlinal 
dominated basement highs at Cape Infanta and Cape Agulhas. The Bredasdorp Basin has 
been defined as a wide basement depression with an asymmetric cross-section, being best 
described as a graben structure (Dingle et al, 1983). The Southern limit of the Bredasdorp 
Basin formed as a consequence of a faulted and gently northward tilting flank of the Agulhas 
Arch which may be traced as a major subsurface feature to the southeast of Cape Agulhas 
(Ojongokpoko, 2006). The arch’s upper section lies exposed and consists of post-Palaeozoic 
strata, comprising Table Mountain Group quartzites as well as Bokkeveld shales over a 
granitic core. Dingle et al (1983) explained the western part of the basin floor generally dips 
toward a north-western direction, with the deepest extents of the basin lying close to the 
northern margin. Elsewhere, the basin floor is generally flat. The basin’s basement rock 
descends, in the north, rapidly through several minute boundary faults from the Infanta Arch 
(Ojongokpoko, 2006). Embayments to the Infanta Arch are formed by the basin’s northern 
edge linearity, which are broken by small grabens. At least three horsts project southeast and 
southward into the basin, are above the general level of the basin floor, are bounded by short 
curved faults, and are current targets for oil exploration drilling. Dingle et al (1983) further 
explained that the basin’s western section does not extend onshore, but does however breakup 
into small, narrow, northwest-southeast horsts and grabens, that spread out to the coast 
linking Cape Agulhas and Cape Infanta.  
The Petroleum Agency SA brochure (2004/5) summarises the Rift Phase, Early Drift Phase, 
and Drift phase which will be discussed below: 
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2.3.1.2.1 Rift Phase (Mid-Jurassic – Valaginian).  
The rift phase was predominantly driven by extension related subsidence and consisted of a 
typical synrift basin fill. There was an erosional truncation of the late-rift sediments due to 
isostatic uplift on both flanks of the half graben. In certain places, the entire synrift sequence 
has been removed due to the marginal uplift and erosion of the northern flank (Petroleum 
Agency SA, Brochure, 2004/5). 
 
2.3.1.2.2 Early Drift Phase (Hauterivian – Early Barremian). 
There was continued uplift that resulted in erosional truncation on the southern flank, all 
before the commencement of a rapid thermal subsidence. The rapid subsidence and 
deposition of a deep water sequence of sediments, which form good source rocks, occurred 
within the graben (Petroleum Agency SA, Brochure, 2004/5). 
 
2.3.1.2.3 Drift Phase (Barremian – Turonian).  
Regional subsidence of the basin occurred during this phase and was driven by thermal 
cooling and sediment loading, causing continued minor movement on the Arniston Fault. Oil 
prone source rocks of the early Palaeozoic occurred within the half graben and were at peak 
oil generation. Regional subsidence continued up until the early Tertiary, when alkaline rich 
intrusives affected the southern flank, ensuing an uplift and erosional period that occurred 
from the Turonian up until the present day (Petroleum Agency SA, Brochure, 2004/5). 
 
2.3.1.3 Tectonic elements of the Bredasdorp Basin 
According to Schalkwyk (2005), the tectonic elements that occur within the Bredasdorp 
Basin are primarily in the form normal faults; however, compressional structures are also 
known to have developed. These normal faults typically display listric type geometry and 
detach onto common decollement planes at greater depth. There are several normal faults that 
have accompanying transfer faults, implying that the normal fault systems in the Bredasdorp 
Basin are representative of linked fault system (Op. Cit). Extension took place in variably 
orientated stress fields at different geological times, which have been evident from the 
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occurrence of several different orientations of normal faults that have been noted within the 
Bredasdorp basin.  
Rift faults form the oldest faults in the area and typically do not displace the 1At1 drift onset 
unconformity. The 1At1 unconformity is, however, displaced by the second generation of 
normal faults and may involve the lower sequences of the post rift sequence. The base-
Tertiary unconformity is displaced by the youngest normal faults in the area. There are non-
tectonic normal faults that also reside within the Bredasdorp basin and are not basement 
involved, typically forming as a result of differential compaction within the post rift 
sequence. It was further explained that tectonic normal faults may also have components of 
differential compaction, implying the possibility that many of the younger normal faults are 
of compactional origin rather due to crustal extension (Op. Cit.). 
 
2.3.2 THERMAL GRADIENT HISTORY OF THE BREDASDORP BASIN 
The Late Cretaceous saw a reduction in temperature gradient within the Bredasdorp basin due 
to a reduced heat flow and subsidence after rifting. The basin, according to Davies (1997), 
contains a present high heat flow with a thermal gradient of 35-49°C.km-1. The thermal 
history has been described by Bloemenstein (2006) as ‘unusual’, (as seen in the following 
paragraphs) due to the variable heat flow rates throughout the basins formation.  
Africa once migrated over a mantle plume that gave rise to convection currents and 
consequently led to regional uplift during the late Cretaceous to early Tertiary. In comparison 
to post-rift subsidence, burial rates were at a steady low. Temperatures within the basin 
steadily increased at a rate of over 3°C/Ma up until ~80 Ma (Davies, 1997). It was further 
explained that between ~80 Ma and ~50 Ma, this steady increase in temperature later 
declined to less than 0.3°C/Ma, accompanied by a decline in sedimentation rate within the 
basin during the Early Tertiary; increasing steadily once again during the Miocene to 
Pliocene (Op. Cit.). According to Bloemenstein (2006), between ~80 Ma and ~55 Ma, the 
temperature of Turonian source rocks for oil generation increased by ~10°C. An increase in 
temperature by roughly 20°C was apparent (from changes in maturation upon burial) in the 
Bredasdorp post-Aptian sequences as formation waters migrated into it from the Southern 
Outeniqua Basin (Davies, 1997). Davies (1997) went on to further explain that early burial, 
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hotspot transit, and a hydrothermal event affected the maturation of the Aptian and older 
formations.  
 
2.3.3 SEDIMENTATION 
The sedimentary infill of the Outeniqua basin may be broadly divided into the syn-rift 
sequence, representing an early deposition of sediments into the basin whilst rifting was 
taking place; and the post-rift sequence, representing an influx and deposition of sediments 
after rifting ceased with the onset of drift. These two broad successions are separated by the 
regional ‘1At1’ rift-drift unconformity. Figure 2.2 below represents the chronostratigraphic 
chart of the sedimentary Bredasdorp basin. The syn-rift and post-rift sequence subdivisions 
will be described below. 
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Figure 2. 2 Sequence chronostratigraphic framework of the Bredasdorp Basin (Petroleum Agency SA, 2003) 
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2.3.3.1 Syn-rift succession 
The syn-rift sequence represents sediments deposited from Late Jurassic to Early Cretaceous 
within half graben structures developed during an extensional tectonic regime as rifting 
started to take place. The base of the sequence is essentially bounded by Horizon D where 
sediments lie on faulted basement, and the top of the sequence is bounded by the 1At1 rift-
drift unconformity. Meandering and braided rivers, alluvial fan conglomerates and other 
fluvial transport systems were all present at the time of rifting and subsequent faulting 
(Burden, 1992; McMillan et al., 1997; Davies, 1997). According to McMillan et al. (1997), 
the Cape Supergroup and Karoo Supergroup formed the Cape Mountains and essentially 
served as a source of sediment for the deposition of the syn-rift succession as erosion took 
place. The syn-rift sequence typically consists of continental clastic deposits from 
orthoquartzites and slates of the Cape Supergroup, and sandstones and shales of the Karoo 
Supergroup; altogether intercalated with shallow marine sediments. The shallow marine 
sandstones discussed below form the reservoir rocks of the rift sequence, where the present 
F-A gas field extracts its hydrocarbons. McMillan et al. (1997) further went on to explain that 
the syn-rift sequence may be further subdivided based on four distinct intervals noted (Figure 
2.2): 
i. Predominantly red and green argillite with minor reddish sandstones and 
conglomerates of the lower fluvial interval. 
ii. Glauconitic sandstones reflecting tidally influenced shallow marine deposits of a 
lower shallow marine interval, resulting from the first marine incursion within the 
basin. 
iii. Interbedded non glauconitic sandstones, red-green claystones, and siltsones 
representing an upper fluvial interval 
iv. A second appearance of glauconitic sandstones representing an upper shallow marine 
interval that is richer in quartz grains and poorer in lithics in comparison to the lower 
shallow marine sandstones. 
The end of the Valanginian saw the conclusion of the rifting event which was soon followed 
by a major marine transgression and consequent rift-drift unconformity known as 1At1.   
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2.3.3.2 Post-rift succession 
McMillan et al. (1997) also subdivided the post-rift sequence based on tectonic development 
and depositional history. These two major intervals are the transitional to early drift sequence 
and late drift sequence discussed below. 
i. Transitional to early drift sequence (1At1-13At1) 
This sequence lies directly over the rift-drift unconformity 1At1 and formed due to an 
increase in the water depth and subsequent extension of a deep water environment 
that followed the marine transgression. This deep water setting was ideal for the 
deposition of deep marine sediments succeeding the formation of submarine canyons 
and channels as there was a strong shelf progradation. These submarine canyons and 
channels provided a means for turbidity current flows that fed into the lower depths of 
the basin. There was a period of subsidence that prevailed in the basin that was 
characterised by low sedimentation rates and a relatively steady depositional 
environment. The deposition of mud was typically erratic within this sequence. 
According to Davies (1997), periods of sediment starvation favoured the deposition of 
organic rich muds as there was no disturbance by an influx of non-organic sediment.  
 
ii. Late drift sequence (13At1 to present) 
The Bredasdorp basin was under high levels of erosion during the Early Aptian as a 
marine regression was prominent and resulted in the erosional 13At1 unconformity 
being formed. The regression was short lived as a major marine transgression 
influenced the basin and induced extremely low oxygen levels, once again favouring 
the deposition and preservation of organic rich muds which form the best source rocks 
in the basin. According to McMillan et al. (1997), such conditions were particularly 
prevalent within the central and southern parts of the Bredasdorp Basin. According to 
Allogo (2006), there was a renewed deposition by turbidity currents during the earlier 
marine transgression which favoured the deposition of isolated high-order lowstand 
system sandstones in close proximity to the base of the 13A sequence as well as the 
14A sequence. Sediment starvation occurred once again following the 15At1 
unconformity (Late Cenomanian) where organic-rich muds were deposited. McMillan 
et al. (1997) explain that these organic-rich muds are too immature for the generation 
of viable hydrocarbons. McMillan et al. (1997) further explained that as a 
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generalisation, all deposition that occurred after the 15At1 unconformity was 
controlled by shelf progradation and that the typical sediments found in the succession 
are calcareous sandstones, limestones, and marine claystones. 
 
2.3.4 SEQUENCE STRATIGRAPHY 
2.3.4.1 Introduction to sequence stratigraphic concepts 
Sequence stratigraphy is the study of rock relationships within a time-stratigraphic 
framework of repetitive, inherently related strata bounded by surfaces of non-deposition, 
erosion, or the correlative conformities of the associated strata (Posamentier et al., 1988; Van 
Wagoner, 1995). Sequence stratigraphy therefore is the science of describing the vertical and 
lateral affiliations of rocks, where relationships may be based on age (chronostratigraphy), 
rock type (lithostratigraphy), on fossils (termed biostratigraphy), or on the magnetic 
properties of a rock (magnetostratigraphy). 
 
2.3.4.1.1 Sea level and accommodation 
The two most fundamental concepts that affect a sequence stratigraphic model are namely sea 
level change and accommodation space provided by the basin, as both hold control on the 
amount of sediment that may be deposited within a basin (Flint et al., 1995). Sea level change 
or variance may be described in two relationships, namely: Eustatic Sea-Level change 
(termed ESL), where the sea level variance is relative to a fixed point (such as the centre of 
the Earth); and Relative Sea-Level change (termed RSL), which is a combination of Eustatic 
Sea-Level and subsidence or uplift of the basin essentially affecting accommodation space. 
Figure 2.3 displays the difference between Relative Sea-Level change and Eustatic Sea-Level 
change as proposed by Catuneanu (2002).   
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Figure 2. 3  Graphic displaying ESL and RSL with notable differences between both (Catuneanu, 2002). 
 
2.3.4.1.2 Depositional sequences  
A depositional sequence is an influx of sediments deposited as an interval of relatively 
conformable and genetically related strata bounded above and below either unconformities or 
the correlative conformities of the strata (Mitchum et al., 1977). The relative sea level rise 
and fall as previously explained, directly influences the deposition of a sedimentary package 
between a decrease and increase of accommodation space.  
The Bredasdorp Basin consists predominantly of Type-1 sequences (Brown et al., 1995). 
Offshore South Africa, sequences are typically of a third order frequency where the duration 
lasts between one and three million years. Fourth order sequences are higher in frequency and 
range in duration between 0.1 and 0.5 million years (Brown et al., 1995). Flooding surfaces in 
the form of transgressive and maximum flooding surfaces; and sequence boundaries that are 
found within third order sequences may characterise fourth order higher frequency surfaces.  
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2.3.4.1.3 Key surfaces 
From the perspective of a high resolution stratigraphic analysis, key stratigraphic surfaces 
will typically include sequence boundary surfaces, transgressive surfaces (or initial fan 
flooding surfaces), and maximum flooding surfaces; where each of these surfaces define a 
significant change in deposition and is seen on well logs as lithological breaks (Serra and 
Sulpice, 1975). The above mentioned key surfaces will be described with detail in the 
following sections. Figures 2.4 and 2.5 below illustrate the various depositional system tracts 
and surfaces that bound them. 
 
Figure 2. 4 Graphic representing the various system tracts (Modified by Kendall, 2003) 
 
 
Figure 2. 5 Graphic representing two different models of system tracts (modified from Vail, 1987; Hunt and 
Tucker, 1992 and 1995)   
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A. Sequence Boundaries (SB)  
According to Catuneanu (2002), a sequence boundary is an erosional unconformity that 
describes the base of a specific sequence showing a sudden influx of sand sediment supply 
and capping the previous Highstand Systems Tract (HST), representing a type of regression. 
It has been noted that even though sequence boundaries are formed by a fall in sea-level, the 
boundaries themselves do not form erosional surfaces everywhere. A Type 2 sequence 
boundary forms when regression is common or normal and a Type 1 sequence boundary 
forms when regression is imposed or forced within the area. Hunt and Tucker (1992), 
accentuate how the diachronous sub-aerial unconformity is expressed from the upper surface 
of an eroded down-lapping and prograding shoreline of forced regression. 
B. Transgressive Surfaces (TS) 
A Transgressive surface (TS) marks the first major flooding surface after the Sequence 
Boundary (SB) and is typically situated at the top of sandstone dominated successions that 
represent the Lowstand Systems Tract (LST). Parasequences of the Transgressive systems 
Tract and Lowstand Systems tract are usually separated by this Transgressive Surface 
(Figures 2.4 and 2.5). According to Boyer et al. (2005), this first major flooding surface 
represents a gradual deepening of the environment with the introduction of fine sediments 
during sea-level rise. Sequence Boundaries are known to merge Transgressive Surfaces. Such 
cases are mainly found in landward sections of passive margins (Allogo, 2006). 
C. Maximum Flooding Surface (MFS) 
According to Gibbons et al. (1993), the Maximum Flooding Surface (MFS) represents the 
final significant flooding surface during sea-level rise within a Transgressive Systems Tract 
(TST) and is the deepest water facies within the sequence. The end of a transgression period 
is marked by the appearance of a Maximum Flooding Surface (MFS) and typically shows a 
change from a retrogradational style stacking pattern in a Transgressive Systems Tract (TST), 
to a progradational or an aggradational stacking pattern that is seen in the early High Systems 
Tract (Posamentier et al., 1988; Van Wagoner et al., 1988; Galloway, 1989).   
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2.3.4.1.4 System tracts 
According to Brown and Fisher (1977), System Tracts serve to connect coexistent 
depositional systems and form a subdivision of a depositional sequence. System tracts are 
linked to cyclic changes in relative sea-level and interpretations are primarily based its 
position within the sequence, stratal stacking patterns, and the types of surfaces bounding 
them (Allogo, 2006). The three main systems tracts used in this study are described in detail 
below: 
A. Low Systems Tract (LST) 
The Lowstand Systems Tract (LST) consists of a group of depositional systems that form 
during a relative sea-level fall and is commonly comprised of sediment gravity flows that 
have been deposited down slope and along the basin floor. The LST is typically bounded at 
the top by a Sequence Boundary and at the base by a Transgressive Surface. The LST may be 
divided into three parts namely the Early Low Systems Tract (ELST), Middle Low Systems 
Tract (MLST), and Late Low Systems Tract (LLST), as suggested by Sixsmith (2000). The 
ELST consists of gravity flow deposits and an erosional base, the MLST characterises slope 
type deposition and its associated slope fan systems, and the LLST represents shelf edge delta 
deposition and backfilling of incised valleys (Allogo, 2006).  
B. Transgressive Systems Tract (TST) 
The Transgressive Systems Tract (TST) is different from the LST in that it develops during a 
relative sea-level rise when the rate of sediment influx into the basin exceeds the rate of 
sedimentation. The TST is divided from the LST by an underlying transgressive surface (or 
flooding surface) and overlain by a maximum flooding surface (MFS). It commonly consists 
of retrogradational parasequence sets and represents an overall fining upward trend capped 
with shale (showing high-stand deposits) at the top, indicating marine transition. Continuous 
relative sea-level rise causes the creation of accommodation space at a faster rate than the 
sediment fill rate. Near shore minor sand becomes reworked in the process and minimal 
sediment is moved out to the continental shelf (Olajide, 2005).   
C. Highstand Systems Tract (HST) 
The Highstand Systems Tract (HST) is characterised by a slow, late episode of relative sea-
level rise as seen in its contained aggradational to progradational set of parasequences. The 
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HST is typically bounded at the top by a Sequence Boundary (SB) and a Maximum Flooding 
Surface (MFS) at the base. The rate of sea-level rise typically drops below the sedimentation 
rate with a consequent normal regression of the shoreline being generated. Primarily, offshore 
hemapelagic shales and silts form in the HST (Allogo, 2006). The sediments prograde 
seaward and usually occupy the proximal part of the outer shelf, resulting from a sea that was 
influenced by high sediment production rates. Excess shelf and shelf-edge sourced materials 
are also received by slope and basin type environments. As erosion takes place in the 
underlying HST, a new SB is slowly formed.  
 
2.3.4.2 Sequence stratigraphy of the Bredasdorp Basin 
Prior to 1987, exploration took place within the structural syn-rift plays of South Africa’s 
offshore basins, but had a low success rate (Broad, 2000). Post-rift plays were deemed more 
viable for exploration after the first oil discovery occurred within the Bredasdorp basin. Since 
then, a concerted effort was placed into applying sequence-stratigraphic concepts to the 
Lower Cretaceous post-rift sequences. This was to allow for correlation of depositional 
system tracts and related facies of the basin. The combination of thermal cooling, eustatic 
sea-level fluctuations and rift tectonics lead to the development of ten cyclic depositional 
sequences and mega sequences within the Bredasdorp basin, identified within the resolution 
limits of regional seismic profiles. According to Broad (2000), these sequences were typically 
deposited between mid-Valanginian and lower-Santonian times. 
Within these depositional sequences, Lowstand Sequence Tracts were identified as having 
relatively good quality hydrocarbon reservoirs. According to Oluseyi (2005), a relative sea-
level fall below the shelf edge resulted in the Lowstand System Tracts that developed on 
erosional type 1 unconformities, displaying incised valleys and canyons with surfaces 
allowing for the deposition of: 
a) Mounded and sheet like submarine/basin-floor fans 
b) Submarine channel fill and associated mounds and fans 
c) Prograding deltaic/coastal lowstand wedges 
These features formed in-sync with the erosional activity that formed widened incised valleys 
and submarine canyons where channelized slope fans and deltaic/coastal lowstand wedges 
formed as relative sea-levels began to rise. Shale and marine condensed sections sealed off 
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the fans, wedges, and infill sediments. These shales and marine condensed sections 
developed during a regional marine incursion of the shoreline, resulting in shelf flooding and 
poorly developed Transgressive Systems Tracts as relative sea-level rise accelerated. 
Basinward progradation of developed deltaic/coastal systems display well defined clinoforms 
with the sea-level at an overall highstand (Oluseyi, 2005). 
 
2.3.5 INTRODUCTION TO GEOLOGICAL ELEMENTS OF A PETROLEUM 
SYSTEM 
The accumulation of hydrocarbons and formation of oil or gas deposit involve certain 
prerequisites and typically are the following: 
a) Source Rock (Organic rich) 
b) Reservoir Rock (porous and permeable) 
c) Trap 
d) Seal (prevents hydrocarbons from being expelled to the surface) 
Not all hydrocarbon accumulations are found to be of economic benefit. Therefore, there are 
further geological requirements needed for a hydrocarbon play to be economic and typically 
relies on factors such as: sufficient volume of accumulated ‘hydrocarbon-in-place reserves, 
production potential of recoverable reserves, preservation of the petroleum deposit; and non-
geological factors such as cost of development/production, and present day prices of oil/gas.  
 
2.3.5.1 Source rocks 
A source rock is a sedimentary rock that is predominantly fine-grained and contains organic 
material transformed under conditions of heat, time, and pressure where the outcome is a 
liquid and/or gaseous hydrocarbon. They are anoxic deposits that inhibit the diffusion of 
oxidants that work to break down organic matter. Source rocks are usually shale or limestone. 
Source rocks are classified based on the type of kerogen they contain and might fall under 
being oil or gas prone. Kerogens are considered to be precursor elements to oil and gas. The 
three types of kerogen are described below: 
 
 
 
 
 31 
 
a) Type 1 Kerogen- This has high Hydrogen to Carbon ratios and is made of 
marine algae, being very rich in petroleum. 
b) Type 2 Kerogen- This is herbaceous in nature and has an intermediate oil-gas 
ratio, usually being found along marginal marine environments. It is 
volumetrically an important oil-prone source rock 
c) Type 3 Kerogen- This has low Hydrogen to Carbon ratios and is commonly 
sourced from terrestrial plant matter, making it gas prone (Laudon, 1996).  
 
 2.3.5.2 Reservoir rocks 
A reservoir rock is any rock that has adequate porosity and permeability to allow for the 
accumulation and storage of oil or gas under sufficient trapping conditions. The porosity and 
permeability of the rock is dependent on the depositional pore geometries and the alteration 
that takes place during diagenesis. Common reservoir rocks are sandstones, limestones, and 
dolomites, but hydrocarbon accumulation within fractured igneous and metamorphic rocks 
are also known. 
 
2.3.5.3 Traps 
A trap is any part of the reservoir that holds an economic quantity of oil and/or gas. It is any 
barrier that prevents the upward movement of oil or gas, allowing either or both to 
accumulate. A trap includes a reservoir rock and an overlying or up-dip impermeable cap. 
Traps are typically classified as the following: 
a) Structural trap – This is formed due to folding, faulting, or other deformation events.  
b) Stratigraphic trap – This is a result of lithological changes within the reservoir rather 
than structural deformation or changes.  
Porosity/permeability trap – This is formed by lateral variations in 
porosity/permeability of the reservoir rock, e.g., as a result of cementation, 
presence of clay minerals, or decrease in grain size. 
c) Combination trap – This trap contains a mixture that has both structural and 
stratigraphic elements.  
d) Hydrodynamic trap – This type of trap is due to flow of water. 
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2.3.5.4 Seals 
The efficacy of a trap is not only determined by its four-way closure as a seal is also required. 
The seal is a relatively impermeable bed or layer that caps reservoir rocks in a trap. In the 
context of stratigraphic traps the seal will commonly be found above and below the trap. 
Common seals are shale and evaporite.  
 
2.3.5.5 Petroleum system 
According to Junslanger (1999), a petroleum system has been defined as a natural system 
containing an active source rock with all related oil and gas, and geological elements and 
processes that are necessary for a hydrocarbon accumulation to exist.  
 
2.3.6 PETROLEUM ELEMENTS OF THE BREDASDORP BASIN 
2.3.6.1 Source rocks 
According to Van Der Spuy (2000), the lower Valanginian to mid-Aptian (1A-13A 
sequences) transitional rift-drift sequence of the Bredasdorp basin holds good quantities of 
deep marine oil and gas prone source rocks. Of these sequences, the mid-Aptian 13A source 
rocks are the main features that release viable condensate gas in the present producing fields 
of the basin. Marine condensed sections and transgressive shales of the Aptian age can reach 
thicknesses in excess of 100m and span large aerial extents. The organic material is 
predominantly Type 2 with a lesser Type 1 component. The syn-rift source rocks also attain 
sufficient maturity over large parts of the basin. Younger source rocks attain maturity towards 
the west and south of the Bredasdorp basin (Petroleum Agency SA, Brochure, 2003).  
 
 
 
 
 33 
 
2.3.6.2 Reservoir rocks 
Sandstone reservoirs are commonly found in both syn-rift and drift successions. Stacked and 
amalgamated channels and lobes initiating from sediments and materials eroded from a pre-
existing highstand shelf form the sandstone reservoirs of the Bredasdorp basin. These 
materials were essentially transported by turbidity currents into the central parts of the basin. 
Within the western and south-western play areas, channelized reservoirs are greater in 
number due to proximity to the base of the slope; as opposed to the eastern area where fan 
lobes are in greater numbers. According to Olajide (2005), these reservoirs were not under a 
direct influence by faulting activity. There is, however, evidence suggesting that paleo-
channel trends of Aptian and Albian sequences were influenced by deep seated basement 
structures related to syn-rift faulting.  
 
2.3.6.3 Traps and seals 
Typical seals are marine shales and condensed sections that developed during the 
transgressive phase, with traps being present from late Cretaceous to early Tertiary (Olajide, 
2005). Shallow marine to fluvial syn-rift reservoirs are trapped structural and truncation traps 
whereas drift reservoirs are trapped by a variety of low relief closures namely stratigraphic 
pinch-out traps, inversion-related closures, and compaction drape anticlines (Petroleum 
Agency Brochure, 2003). 
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CHAPTER 3 
 
WIRELINE CONCEPTS 
 
3.1 INTRODUCTION TO WIRELINE LOGGING 
This section describes the theory behind the wireline tools used to measure various 
subsurface properties interpreted in this investigation. Wireline logging forms a fundamental 
tool in the evaluation of the subsurface and is one of the most important assets to a petroleum 
geologist. The process of wireline logging involves lowering a logging instrument via a 
logging cable down hole (drill well) in order to carry out measurements of the subsurface 
formations. These measurements include physical, chemical, electrical, or other properties of 
rock/fluid mixtures encountered by the logging tool, where the tool itself is suspended from a 
steel cable or fixed within the drill string. Data that is read from the actual formation is 
transferred to the surface and recorded as a continuous log as the instrument moves from the 
bottom of the hole toward the surface. Well logs are therefore products of survey operations 
consisting of one or more set of digitised data (Fadipe, 2009). A log that is recorded for a 
hole is termed a ‘Run’, where each run is named numerically starting from the first time that 
a specific log is recorded. The data recorded from the formation are not direct measures of 
the petrophysical properties and are therefore converted into properties that are of geological 
significance during stages of log interpretation.  
Marcel and Conrad Schlumberger were the pioneers of geophysical well logging in 1927, 
where it was developed for petroleum industry use, essentially making use of a resistivity tool 
that measures sandstone porosity variations in the Merkwiller-Pechelbronn oilfield of eastern 
France (Schlumberger, 1989).  
The logging section below has been grouped into 2 parts, namely: open-hole and cased-hole 
logging applications, where open-hole logging measures the formations nuclear, electrical 
and acoustic properties; and cased-hole logging measures the formations nuclear, acoustic, 
and magnetic properties.  
Wireline tools may be grouped into active and passive type tools, where active tools measure 
the formations response to some form of ‘excitations’ (Examples include neutron, density, 
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resistivity, and the nuclear magnetic resonance tools); and passive tools that measure natural 
occurring phenomenon emitted from the subsurface formations such as gamma radiation 
(released by certain elements in the host rock, recorded by the Gamma Ray log) or electric 
potential (recorded by the Self Potential log), where mud salinity variations result in a 
potential difference as seen in wells and formation water (Opuwari, 2010). 
 
3.2 NUCLEAR/RADIOACTIVE LOGS 
The Nuclear/Radioactive log measures radioactivity and may either act as a passive tool by 
measuring radiation that is naturally emitted from the formation, or act as a tool that induces 
radiation by formation bombardment, emitted from a source within the Sonde. The primary 
role of the nuclear log is to aid in the identification of lithologies and to deduce the porosity 
and density of the target formations (Fadipe, 2009). The Nuclear logs become particularly 
useful for cased-hole applications, as these tools function efficiently while steel casing is in 
place. Naturally occurring radioactive materials emit alpha, beta, and gamma radiation 
particles, where the latter particles have sufficient penetrating capabilities for use in wireline 
logging. Neutrons used in wireline logging have high penetrating power and aid in exciting 
atoms by bombardment. These neutrons are primarily absorbed and slowed by hydrogen 
atoms in formation fluids, making it a vital property in well logging. Figure 3.1 below 
represents the different penetrating powers of various types of radiation. 
 
 
Figure 3. 1 Graphic representing various types of radiation and their characteristics (modified from CHUBU 
Electric Power, 2013) 
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Common lithology that exhibits natural radioactive phenomenon often contains Potassium, 
Thorium, and Uranium. Shale represents the most commonly occurring sediment that has 
high radiation levels, where sands fall within an intermediate category, and limestone, 
dolomite, and quartz displaying relatively very low radioactivity.  
Less commonly, radioactive ores, ash bands, and potash beds that display higher radiation 
than shale may be found within the subsurface. Caution is advised when interpreting 
nuclear/radioactive logs, as not all shales are radioactive and not all radioactive formations 
are shale. One example is radioactive sand that is capable of giving high gamma-ray readings 
and may result is misinterpretation of lithology. It is therefore common to combine various 
log interpretations (gamma-ray, neutron, density etc.) in order to accurately interpret 
subsurface conditions.  
 
The basic nuclear logs that are commonly found are the following:  
 Conventional Natural Gamma-Ray (GR)  
 Spectral Gamma-Ray (SGR)  
 Formation Density (RHOB)  
 Photoelectric Effect (PEF)  
 Compensated Neutron (CNL)  
 Sidewall Neutron Porosity (SNP)  
Only the Conventional Natural Gamma-Ray, Formation Density, and Compensated Neutron 
logs will be discussed as they were used within this study. 
According to Fadipe (2009), the Spectral Gamma Gay (SGR) is the borehole equivalent of 
gamma ray spectrometer. The SGR is more complex than the simple GR as it possesses the 
ability to separately record the potassium, uranium, and thorium activities of the target 
formation and aid in the identification of the hosting depositional environment. Depositional 
environments may be differentiated as uranium is commonly concentrated in marine 
sediments and thorium is found predominantly within terrestrial sediments.  
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3.2.1 CONVENTIONAL NATURAL GAMMA-RAY LOG (GR) 
A Gamma Ray log measures and records the natural radiation that is given off or emitted 
from the formation. This natural radiation is emitted as a by-product of nuclei disintegration 
within the subsurface, displaying Potassium, Uranium, and Thorium within its decay series 
(Schlumberger, 1989). The aforementioned elements are typically found concentrated within 
shale, and within feldspar and micaceous minerals of sandstone reservoirs. Shale is the most 
commonly occurring sedimentary rock consisting of these radioactive elements.  
The GR log is primarily used for the basic analysis of lithology, quantitative estimation of 
clay content, formation correlation (sandstone-sandstone, shale-shale matching), and depth-
log matching. The vertical resolution of the tool is approximately 0.6m, where its effective 
depth of investigation depends on the density of the rock and may vary from 0.15m to 0.3m 
(Opuwari, 2010). The standard units of measurement for the GR log are in the form of the 
American Petroleum Institute (API). A low GR reading typically below 45 API represents a 
clean sandstone formation and a high GR reading above 75 API indicates shale zone, though 
it should be noted that these readings are subject to local measurements and serve as a general 
basis for sand/shale differentiation. The gamma-ray measurements are used to calculate the 
amount of shale present within a section as a function of depth. Figure 3.2 below is a graphic 
showing how the GR log deflections may be used in conjunction with other logs to infer 
lithology, oil/gas/water zones etc.  
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Figure 3. 2  Graphic representing a Gamma Ray, Sonic, and Resistivity logs with the interpreted differentiation 
between source and reservoir rocks (after Crain, 2004) 
 
The GR log is usually found within track one of petrophysics visualisation software and 
varies in scale according local conditions but commonly falls between 0-100 API and 0-150 
API. Figure 3.3 below shows various log signatures in response to different lithology and 
fluids within the formations. On the GR log, a strong deflection to the right indicates a shale 
zone, and a strong deflection to the left indicates sandstone.  
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Figure 3. 3  Graphic representing various log signatures in response to different lithology and fluids of the 
formation (Source: Directional drilling, 2006) 
 
The standard conventional GR sonde makes use of a scintillation counter that consists of a 
sodium iodide crystal coupled to a photomultiplier tube which records minute flashes of light 
related to the penetrations of the crystal by gamma rays (Opuwari, 2010). The counter 
measures the total disintegration from sources within a limited radius in close proximity of 
the hole. 
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3.2.2 DENSITY LOGS 
The Density log makes use of Gamma radiation which is induced within the formation and 
will typically result in two main interactions with the atoms and their associated electron 
clouds namely: Compton scattering and Photo-electric density. The measurement of 
formation Bulk density is possible when Compton scattering is encountered and is based the 
concentration of electrons moderating the gamma flux (Opuwari, 2010). The Photo-electric 
response occurs at lower energy conditions of the spectrum where gamma rays are absorbed 
by the formation’s atoms which then eject secondary gamma rays. 
The tool’s radioactive source releases high energy gamma rays (usually Cs137 isotopes) that 
pass through the target formation until a degree of particle scattering (Compton scattering) is 
initiated, and then eventually absorbed as energy was lost (Figure 3.4). Isotope Cs137 is 
commonly used as it has a high energy (662 KeV) and probability for Compton scattering. A 
portion of these scattered rays are captured by two detectors made of sodium iodide and then 
counted. The amount of counts measured by each detector is directly proportional to the 
electron density of the rock and proportional to the bulk density (Op. Cit). 
 
 
Figure 3. 4  Graphic representing Compton Scattering of Gamma rays (Adapted from Opuwari, 2010) 
 
The density log measures the number of low energy gamma rays that are in close proximity 
of the sonde, due to elastic scattering and is directly proportional to the electron density of the 
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rock. Technically, electron density is measured by the tool instead of the formation bulk 
density. This makes the ratio of atomic number and atomic weight an important aspect to take 
into account.  
 
The electron density of the formation has a direct influence on the amount of gamma rays 
returning to the tool. The following equations have been described by Opuwari (2010) 
relating to the bulk and electron density. The electron density (ρe) can be related to the bulk 
density (ρb) by the equation below: 
 
ρe = ρ (2Z/A) ……………….. (3.1)  
 
Where Z is the number of electrons per atom and A is the atomic weight.  
 
Interpretation of the equation depicts that Z/A = 0.5 which is very close for most elements 
commonly encountered, with the only exception being hydrogen as it has a minuscule effect 
on the encountered measurements. Therefore, ρe=ρ.  
The tool measured density has been experimentally related to the electron density as:  
 
ρb =1.0704ρe – 0.1883 ……………….. (3.2)  
 
The depth of investigation for the tool is relatively shallow (around 10cm) and the fluid is 
expected to be mud filtrate having a density of 1.0 g/cm3 for fresh water, and 1.1 g/cm3 for 
salt/ saline water (Op Cit.).  
The following subsection will only aim to describe the Formation Bulk Density log (RHOB) 
where Compton scattering is prevalent, as this log was used within the study.  
 
3.2.2.1 Formation Bulk Density Log (RHOB) 
The density log records the overall density of a rock (solid matrix and fluid enclosed pores). 
The unit of measurement for bulk density is in gram per centimetre cubed (g/cm³). The 
density log is plotted on a linear scale of bulk density. The log is typically displayed in tracks 
two and three and ranges in scale between 2.0 and 3.0 g/cm³ (Rider, 1996). The density 
parameters are displayed in table 3.1 below:  
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Table 3. 1 Depth of investigation of density tool and typical readings (Opuwari, 2010) 
Density Parameters Standard  
Depth of investigation  
18 inches  
6 inches Vertical resolution  
6‟ to 9 inches  
Limestone (0%)  
Sandstone (0%)  
Dolomite (0%)  
Anhydrite  
Salt  
2.71  
2.65  
2.87 Reading in Zero porosity  
2.98  
2.03  
Shale  
Coal  
2.2-2.7  
1.5+ Typical Readings  
 
The density tool has a major use in porosity determination, is relatively accurate, and displays 
minute borehole effects, making it a useful tool in evaluating reservoirs.  
For the calculation of porosity:  
  
      
      
……………….. (3.3) 
Where:  
Φ = Porosity  
ρ ma =matrix density  
ρ b =density from log  
ρ f =Fluid density of the mud filtrate  
According to Opuwari (2010), other uses for the density log include:  
 Lithology identification when combined with the Neutron tool  
 Gas indication when combined with the Neutron tool  
 Formation acoustic impedance when combined with the Sonic tool  
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 Shaliness of the target formation when combined with the Neutron log  
3.2.3 NEUTRON LOG 
The neutron log was designed to measure the target formation’s ability to mitigate neutron 
flow. The log therefore reacts to the presence of hydrogen within the formation. A principle 
component within water and oil is hydrogen, which the tool is able to react with, and in turn 
indicates the formation’s porosity (both primary and secondary).  
The neutron log was introduced two years after the Gamma ray log by Well Surveys 
Incorporated (Schlumberger, 1989). 
A chemical source within the tool’s sonde is needed to emit neutrons into the formation. The 
emitted neutrons either come from a radium-berylium or an americium-berylium source 
(Crain, 2004). Crain (2004) further explained that radium and americium are natural alpha 
particle emitters, and that these alpha particles eject fast neutrons from beryllium. The fast 
neutrons travel through the formation and are then slowed down substantially as they collide 
with hydrogen atoms, and then captured by nuclei. This results in high energy gamma rays of 
capture to be emitted, where the gamma ray count rate at the detector is inversely 
proportional to the hydrogen content of the formation, in a semi-logarithmic relationship (Op. 
Cit.). Shales display relatively high neutron porosities due to the large amount of water 
(hydrogen) they contain. According to Opuwari (2010), the principle uses of a neutron log 
are: 
 Porosity display directly on the log  
 Lithology determination in combination with Density and Sonic logs  
 Gas indication in combination with Density log  
 Clay content estimation with gamma Ray log  
 Correlation in open or cased holes  
 
There are two main logging instruments that make use of a chemical source and are classified 
according to the energy level of the detected particles. Fast neutrons contain energies that are 
greater than 100 KeV; Epithermal neutrons contain energies that are typically above 0.025 eV 
and may go up to 100 KeV; thermal neutrons have energies of approximately 0.025 eV 
(Crain, 2004). 
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3.2.3.1 Compensated Neutron Log (CNL) 
This is the most common neutron log in use today. Compensated Neutron Log tools are 
mostly neutron- thermal neutron tools (N-N), but may be accompanied additional detectors 
that are sensitive to epithermal neutron (N-EN) measurements.  This is a dual detector log 
that measures the rate of decrease of neutron density with distance from the source and 
converts it into a calibrated apparent porosity value (Op. Cit.). Crain (2004) further explained 
that the rate of decrease (displayed by the ratio of near to far count rates) is mainly caused by 
the hydrogen content within the formation.  The CNL log may be run in both open and cased 
holes. Figure 3.5 below represents an illustration of a CNL tool.  
 
Figure 3. 5 Schematic of a compensated neutron tool 
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3.2.3.2 Sidewall Epithermal Neutron Porosity Log (SNP) 
This logging system is sensitive mainly to epithermal neutrons and is also known as a 
neutron-epithermal (N-EN) log. The neutron detector counts slow epithermal neutron density 
which is directly related to the amount of hydrogen concentrated between the source and the 
detector (Crain, 2004). The detector count rate is relayed to a computer that translates it into 
porosity units relating to a sandstone, limestone or dolomite scale (Crain, 2004). The scales 
are dependent on inferred or known mineralogy. A shortfall of this tool is that it assesses a 
relatively small volume of rock.  
 
3.3 ACOUSTIC LOG (SONIC) LOG 
Sonic logging involves compressional wave measurement in real time which is then 
translated into velocity for lithology, seismic, and geotechnical applications (Opuwari, 2010). 
The sonic log is mainly used to estimate porosity, identify lithology and type of fluid within 
the formation’s pores. The tool essentially records the length of time (Interval transit time) 
that it takes for acoustic sound waves to travel through the target formation. The interval 
travel time is given as Δt. The travel time of a Primary (P) wave or compressional wave 
moving through a rock varies with rock type and compaction state of the rock. Compressional 
waves are fast moving waves that are refracted as they pass through the rock and are the first 
waves to arrive at the receivers for interception, making them easy to distinguish (Crain, 
2004). By measuring the signal amplitude and the time it takes for an acoustic signal to travel 
through a rock medium, one may obtain the formation properties of the rock. Figure 3.6 
below represents a typical schematic of a sonic tool. 
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Figure 3. 6  Schematic setup of an acoustic (sonic) tool displaying the positions of transmitters and receivers in 
the sonic tool. 
The sonic tool, as seen in 3.6 above, makes use of a transmitter pair as well as four receivers 
to adjust for cave-in and sonde tilt, where spacing configuration between the transmitters and 
receivers lies between three and five inches. It is also equipped with a de-spiker located in the 
sonde, to remove or mitigate external noise that may interfere with the log. It is a centralised 
tool that may log at speeds of six metres per minute in water and transmit acoustic signals at 
ten times per second (at 20 kHz). A voltage is generated after each signal is intercepted by the 
receiver, where the first arrival is distinguished within a set time frame (Op. Cit.). The tool 
relies on a fixed and set spaced geometry; therefore calibration of the tool is not required. 
Raw travel times are displayed in micro-seconds per foot.  
The tool is mainly used to investigate the porosity of the target formation and as such, is 
capable of generating sandstone or limestone porosity logs for comparison with porosities of 
neutron and density logs. A shortfall of the sonic tool is that only reacts to primary porosity 
and is not able to display fractures or vugs.  
The basic equation for calculating sonic porosity is given by the Wyllie Time Average and is 
shown below: 
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 ……………….. (3.4) 
Where:  
Φ = Sonic Porosity  
Δt log = Formation of interest sonic log reading  
ΔtMax = Matrix travel time  
Δtf = Mud Fluid travel time 
An alternate method to translating sonic slowness into porosity is given by the “Raymer 
Gardner Hunt” equation which takes into account the irregularities in the field (Raymer et al., 
1980). This equation makes use of a compaction constant (C), which is usually taken as 0.67. 
The equation is given below: 
   
          
     
 ……………….. (3.5) 
Table 3.2 displays typical sonic porosity readings of common sedimentary rocks encountered. 
Table 3. 2 Typical sonic porosity readings of common sedimentary rocks encountered (Rider, 1996) 
Mineral Matrix Travel time (Δtmax)m.s 
Sandstone  51 - 55  
Limestone  47.6 -53  
Dolomite  38.5 -45  
Anhydrite  50  
Salt  67 - 90  
Shale  62.5 - 167  
 
The major uses for the sonic log are: 
 Porosity determination 
 Correlation   
 Lithology  
 Seismic tie in time-to-depth conversion.  
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3.4 ELECTRICAL LOGS 
Electrical logs are used where evaluation of the formations electrical properties are required. 
Different electrical logs measure different frequency ranges of the formation. There are two 
electrical logs that will be described, namely the Spontaneous Potential (SP) log and the 
Resistivity log. 
 
3.4.1 SPONTANEOUS POTENTIAL (SP) LOG  
The Spontaneous or Self Potential log measures the natural potential difference (minute 
electrical voltages) or self-potential between an electrode situated in the borehole and a 
reference electrode situated at the surface and does not use any induced artificial currents for 
measurement. It originates from electric currents flowing within the borehole mud caused by 
electromotive forces within the formations.   
According to Fadipe (2009), there are three main factors needed to induce an SP current: 
i. Conductive fluid within the borehole 
ii. A porous and permeable bed that is enclosed by an impermeable formation 
iii. A salinity (or pressure) difference or gradient between the borehole fluid and the 
formation water. 
Electrochemical effects of salinity variation between the borehole fluid (mud filtrate) and 
formation water result in an SP current. This current is measured in millivolts (mV) and 
varies on a positive or negative scale. The SP reading for shale is measured relative to a shale 
baseline. Deflections to the left of the baseline fall within the negative scale where the 
formation becomes sand influenced. A maximum deflection representing clean porous sand is 
termed the static self-potential (SSP) as explained by Opuwari (2010). The SP log may be 
used to differentiate between permeable and impermeable zones, and is therefore a good 
facies indicator. Figure 3.7 below is a graphic of an SP curve showing a shale line and static 
self-potential, with the differentiation between sand and shale influenced zones.  
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Figure 3. 7  Self-Potential curve representing a shale line and static self-potential. 
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The main uses of the SP log are to: 
 Calculate formation water 
 Indicate permeability 
 Estimate shale volume 
 Indicate facies 
In the determination of formation water resistivity of water (Rw), the following equation is 
applied: 
         
   
   
………………… (3.6) 
Where:  
K = Constant that depend on formation temperature  
Rmf = Resistivity of mud filtrate at reservoir temperature 
Rwe = Equivalent resistivity of water  
SSP= Static SP value 
 
3.4.2 RESISTIVITY LOG 
The resistivity log is a measurement of the target formation’s resistivity or how effectively 
the formation inhibits the flow of an electrical current. Most sediment behaves as insulators 
whilst their contained fluids behave as conductors (with exception to hydrocarbons). 
Conductivity logs act in an opposite way to resistivity logs as they measure the formation’s 
conduction to electrical current, a value which commonly translated into resistivity.  
 
The resistivity log works with a direct current using the principles of Ohm’s law, and uses 
two current electrodes as well as two voltage electrodes. The measuring units are in ohm-
meters and plotted on a logarithmic scale (Crain, 2004).  
Hydrocarbons are highly resistive to the flow of an electrical current. A porous formation 
such as sandstone containing saline water will show a relatively low resistivity log response. 
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The scenario will be opposite for the same formation containing hydrocarbons, displaying a 
relatively high resistivity log response. It is therefore ideal to make use of resistivity logs in 
identifying hydrocarbon bearing formations. The same porous formation may contain a 
varying array of resistivity log responses, all of which are dependent on the enclosed fluids. 
 
3.5 AUXILIARY LOGS 
Auxiliary logs are mainly aimed at aiding the quantitative interpretation of various other logs 
that may be influenced by borehole diameter, fluid temperature, hole deviation, and borehole 
roughness (Op. Cit.). The auxiliary logs include: 
 
 Caliper log 
 Temperature log 
 Dipmeter log 
 
The caliper log was the only auxiliary log made available in this study and will therefore be 
briefly discussed below. 
 
3.5.1 CALIPER LOG 
The caliper log essentially works by measuring the diameter of the borehole or casing and 
shows where deviations occur from the standard drill bit diameter. It is therefore a recording 
of the target formation’s mechanical response to drilling and allows for the correction of 
other concerned logs and measurements (Opuwari, 2010). The tool also serves as input data 
for environmental corrections. Sections of boreholes that contain a high caliper reading or 
larger diameter than the drill bit size is interpreted as a caved-in or washed out section. The 
measurement of the borehole is conducted using either two or four flexible arms that are 
symmetrically situated on each side of the logging tool, and touches the wall of the hole to 
give a reading of borehole diameter as the tool is run. The caliper log is the first run within 
the borehole, and may be run in any borehole conditions as it is a mechanical tool. Within 
Interactive Petrophysics or related software, the caliper log run is usually displayed within 
track one and may vary between 6 and 16 inches, depending on borehole conditions (i.e. 
strength of surrounding formations). 
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CHAPTER 4 
 
MATERIALS AND ANALYTICAL METHODS 
 
This chapter deals with the various techniques, analytical methods and materials employed 
within this investigation. The workflow diagram below (Figure 4.1) puts these methods into 
perspective as a graphical aid and quick reference to various processes carried out to build a 
petrophysical model. For the purpose of this study, core description and relevant data 
pertaining to this field were made available by the Petroleum Agency South Africa (PASA). 
The various data sets made available are as follows: 
 Complete core samples 
 Digital wireline logs (LAS format) 
 Conventional core analysis reports 
 Special core analysis reports 
 Geological well completion reports 
 Drillers well completion reports 
 Well testing reports (DST and RFT) 
 Petrographic appraisal reports 
The workflow process began with a review of previous studies and published literature, with 
the first focus pertaining to the techniques and developments within Bredasdorp basin as a 
whole. The second focus was on similar techniques used within basins not necessarily related 
to the location area under investigation. The review of previous studies were of great use as it 
allowed for the familiarisation with the basin’s structural architecture, tectonic history, 
sediment depositional history and features, petroleum aspects, and flow capabilities. 
Additionally, it aided in better understanding the various subsurface evaluation techniques 
used in the successful extraction of oil and gas from a field. Once sufficient data is collected 
and inserted into an initial database, the data editing process begins by implementing quality 
control and assurance measures thereby refining the database as the investigation proceeds. 
Petrophysical log and core analysis procedures were used to construct a reservoir model. 
Wire-line logs were used to identify depths of interest and for petrophysical analysis 
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processes. The petrophysical log analysis technique makes use of all continuous log data and 
applied petrophysical calculations on identified reservoir zones to develop a logical 
framework. Core description will be used to establish ground truth for comparison with log 
derived lithology. Conventional and special core analysis data, as well as production data will 
be used to calibrate the petrophysical log analysis output to derive a better quality reservoir 
model. The process of this contribution of work ends with the submission of a written report 
or thesis. 
 
Figure 4. 1 Research methodology flowchart 
Review of 
previous studies 
Previous geological work 
conducted within the 
Bredasdorp Basin 
Previous analytical techniques used in 
basin and reservoir analysis (related 
and non-related to Bredasdorp Basin)  
Data collection 
Core description 
Digital wireline log 
data (LAS format) 
Geological and Drilling well completion 
reports 
Conventional
/Special core 
analysis 
reports 
Well test 
reports (DST 
and RFT) 
Database development 
Data editing, depth shifting and 
environmental corrections (QA/QC) 
Load and display digital data into 
Interactive Petrophysics (IP) software 
Petrophysical model 
Lithology determination Porosity Model Water Saturation Permeability 
Core Logs Core Logs Capillary 
pressure 
Logs Core Logs 
Convention
al/Special 
core 
analysis 
GR, 
RHOB, 
NPHI, 
SP, ILD 
Overburden 
correction 
RHOB, 
NPHI, 
DT 
Rw, Sw, 
Swirr 
Calibration/overburden 
Log Vclay 
calibration 
Core/log porosity 
Fluid Contacts, Cut-Off and Net Pay 
Stratigraphic interpretation 
and reservoir identification 
from core and log 
 
 
 
 
 54 
 
Table 4.1 below represents a summary of available log data and reports provided for this 
study. Well F-AR3 was excluded from the log and core analysis due to 
insufficient/incomplete datasets made available for study purposes. The Spectral Gamma Ray 
log (SGR) was initially intended for the use of distinguishing the three component decay 
chains (Potassium, Thorium, and Uranium) by observing variations in gamma emission 
wavelengths, allowing for identification of various clay types within the formation of interest. 
Use of the SGR was aborted due to lack of log data. 
Table 4. 1 Summary of available data for each well 
LOGS F-AH1 F-AH2 F-AH4 F-AR2 F-AR3 
DEPTH/INDEX           
GAMMA RAY LOG (GR)           
NEUTRON LOG(NPHI)           
RESISTIVITY LOG (ILD/MSFL)           
SONIC LOG (DT)           
DENSITY (RHOB)           
CALIPER LOG           
SELF POTENTIAL LOG (SP)           
SPECTRAL           
  
REPORTS F-AH1 F-AH2 F-AH4 F-AR2 F-AR3 
CONVENTIONAL CORE 
REPORT           
SCAL REPORT           
PETROGRAPHY REPORT           
RFT RESULTS           
  
KEY: 
  
AVAILABLE 
MISSING 
 
4.1 WIRELINE LOG LOADING AND EDITING 
Wireline logging is essential in understanding subsurface conditions and properties. Its 
primary function is to record formation properties at a specific depth of investigation within a 
well. The raw recorded log data from the wireline logging is later to be converted to a 
petrophysical parameter. In order to interpret the data accurately and efficiently, it is vital that 
this data is quality checked and edited to adjust for an imperfect borehole environment before 
further interpretation proceeds.  
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4.1.1 DATA COLLECTION AND CREATION OF DATABASE 
All of the relevant wells for this study were vertically drilled in a conventional setting. Within 
wells F-AH1, F-AH2, and F-AR2; Gearhart Geodata Services Ltd. were contracted to 
conduct all overpressure detection, mud logging, and data logging services alongside Soekor 
personnel. Halliburton Drilling Systems (SDL) were contracted to perform the same 
aforementioned services for well F-AH4.  
A series of wire-line logging suites were run down hole for each well and recorded in log 
ASCII format (LAS). The basic wire-line suites contained recorded measurements of: Depth, 
Calliper, Gamma Ray, Spontaneous Potential, Neutron, Density, Resistivity, and Sonic logs. 
The well completion reports confirm that the logging data were of good quality. These 
datasets were later provided at the courtesy of Petroleum Agency South Africa (PASA), for 
the use in this study.  
The logs were directly loaded into the Interactive Petrophysics (IP) software database and 
sited within a relevant directory for easy access. Interactive Petrophysics is a Schlumberger 
licensed software and was chosen for its user friendly interface as well as its visualisation 
power. Data such as core porosity and permeability values were extracted from hardcopy 
reports and added to the database as excel spreadsheets.  
Table 4.2 below presents the wire-line logging intervals as well as drilling dates and depths 
for each well. Most of the wells were logged using Gearhart Geodata (Ltd.) logging services 
during 1985 and 1986, with the exception of well F-AH4 being logged using Halliburton 
Drilling services during late 1994. Logging intervals remained consistent at depths between 
1400 and 3000 meters.   
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Table 4. 2 Summary of drilling and wire-line dates and depths for each well 
Well   F-AH1 F-AH2 F-AH4 F-AR2 
Drilling 
Spud date 5-Feb-86 26-Mar-86 12-Oct-94 10-Aug-85 
End date 1-Mar-86 23-Apr-86 4-Dec-94 2-Sep-85 
Depth 
planned (m) 
  2766 2750   
Depth 
reached (m) 
2688 2915 2670 3000 
Water depth 
(m) 
105 104 107 103.7 
Wireline 
Start depth 
(m) 
1600 1585 1400 1600 
End depth (m) 2687 2677 2650 2950 
Logging 
service 
Gearhart 
Geodata  
Gearhart 
Geodata  
Halliburton  
Gearhart 
Geodata  
 
4.1.2 DEPTH SHIFTING 
Log editing and depth shifting forms an integral part in the QA/QC process as it allows for 
data to be interpreted more accurately when being quantified. Inconsistencies may be evident 
in sets of data when various log runs are combined for the same borehole. According to 
Hagelberg et al. (1992), these inconsistencies typically arise due to various factors at play, 
such as: cable stretch, ship heave, and extreme tidal fluctuations during recording. All 
available log curves are usually placed side by side for comparative purposes, with one 
reference log curve (e.g. Gamma Ray) forming a basis for depth shifting relative to the other 
concerned curves. Where discrepancies are found, necessary shifting should take place in 
order to adjust accordingly. It was confirmed that no depth shifting between logs were 
required to take place. Necessary adjustments have only occurred where core data needed to 
be adjusted to relevant curves. Shifting typically occurred between the Gamma Ray curve and 
core data. The low gamma ray response relates to a sandy formation whereas a high gamma 
ray response relates to a shale influenced formation. The core data serves as a confirmation 
tool and is a means of ground truth where depth shifting occurred. Figure 4.2 below 
represents an example of various lined up curves in each respective track where the gamma 
ray curve served as a reference for relative matching. The gamma ray log (green curve) and 
 
 
 
 
 57 
 
self-potential log (grey curve) both appear in track 1, the resistivity logs (deep, medium, and 
shallow focused logs) lie within track 4 and are denoted by red, purple, and aqua blue curves 
respectively, the density (red curve) and neutron (green curve) logs both appear in track 6, 
and finally the sonic log (pink curve) appears in track 7. No log shifting has taken place in 
this example as all the relevant curves match up well. 
 
Figure 4. 2 Example of depth matching between various log curves with the GR log as a reference curve.  
F-AH1Scale : 1 : 150
DEPTH (2408.83M - 2430.48M) 2013/01/14 03:13DB : IP BREDASDORP DATABASE (1)
1
GR (GAPI)
0. 200.
SP (MV)
-200. 200.
3
DEPTH
(M)
4
ILD (OHMM)
0.2 2000.
MSFL (OHMM)
0.2 2000.
SFLU (OHMM)
0.2 2000.
5
CALI
6. 16.
6
RHOB (G/C3)
2. 3.
NPHI (dec)
0.5 -0.15
DRHO (G/C3)
-1. 0.25
7
DT (US/F)
140. 40.
2410
2420
2430
CLEAN 
SAND 
SHALE 
SHALE 
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4.2 CORE DESCRIPTION 
Core description forms a valuable tool in that it aids in better understanding the drilled 
subsurface, by both quantitative and qualitative means. It provides a means of establishing 
ground truth by comparing and matching of described core sections to observed wire-line log 
data, allowing for calibration. Additionally, it allows for direct measurement of various 
formation properties. Core analysis is possible when a section of the formation of interest is 
brought to the surface in an unaltered or undisturbed state and brought to the laboratory for 
viewing. Before the actual core description took place, certain materials were needed and 
were deemed fundamental for effective working conditions. These materials are listed below: 
-Measuring tape 
-Grain size chart 
-Clipboard 
-Camera 
-Water bottle and cloth 
- Hand lens 
-White safety coat 
-Notebook 
The process of core description began by laying out core trays of the wells identified for use 
in this work. Each core length was separated into trays. There were typically four to six cut 
cores per well. The total length of each core was measured to record the depth of target 
formations. Each core tray was laid down back-to-back and followed an increasing depth. 
The cores of the well were initially viewed as a whole in order to establish major lithological 
breaks. The analysis was then narrowed down to a box by box basis, following an increasing 
depth, to identify parameters in detail such as: rock type, colour differences, grain size and 
roundness, rock texture, sorting, sedimentary structure, and fossil assemblages (if present). 
The rock type was the most notable aspect of the core, and was therefore identified first, 
followed by observation of colour variation using a colour chart. The grain size was recorded 
using a transparent comparison chart. Sedimentary structures were recorded where possible; 
bearing in mind that certain structures are minute and cannot be observed with the naked eye. 
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Clarity in observation was made possible by the use of water to wash part of the core. 
Washing the core made structures, true colour, and grain size more apparent, allowing for 
greater accuracy during recording.  
 
4.3 DESCRIPTION OF PETROPHYSICAL PROPERTIES AND CALCULATION 
PROCEDURES 
Petrophysics concerns the study of rock and how certain fluids (liquid and/or gas) act within 
them as a system. It forms an important component for analysis as it allows for volumetric 
calculations to be made as well as for borehole calibration purposes. In order to properly 
apply this concept, one must venture into understanding how various parameters or properties 
influence the target reservoir. These parameters typically include: Porosity, permeability, 
fluid saturation (oil, gas, and water), volume of shale, and capillary pressure (Opuwari, 
2010). These petrophysical parameters are obtained through measurements conducted on the 
borehole area and laboratory measurements conducted on cut core. Some important 
petrophysical parameters and calculations will be discussed in the sections below. 
 
4.3.1 POROSITY 
Porosity forms the first of two essential traits of a reservoir. It may be expressed as a 
percentage, or the ratio of void space to the solid rock (Op. Cit.). In most cases, these void 
spaces are filled with connate water, or by oil and/or gas. Reservoirs filled with oil and/or 
gases are of particular interest to energy companies as it is of great financial benefit, forming 
the economic backbone of most countries. The percentage for porosity, denoted by the Greek 
lowercase letter Phi (φ), is expressed mathematically as: 
  
               
                    
     ………………... (4.1) 
According to Selley (1998), there are three morphological types of pore namely: catenary, 
cul-de-sac, and closed. The three different types of pores are described in Figure 4.3 below. 
Catenary pores are those that are able to connect with other pores via multiple throat 
passages. Cul-de-sac pores only have one throat passage and are only able to connect with 
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one neighbouring pore. Closed pores are those that have no throat passages and are 
completely isolated from other pores.  
 
Figure 4. 3 Graphic representing the three different types of pores. (after Selley, 1998) 
Catenary pores and cul-de-sac pores both constitute effective porosity, whereas closed pores 
contribute to the ineffective porosity component. Effective porosity is the ratio of 
interconnected pores or voids to the solid rock volume. Ineffective porosity contains closed 
pores that are isolated from other pores. Effective and ineffective porosity together form the 
total porosity. The ratio of effective porosity to total porosity is extremely important as it is 
directly related to the permeability and flow characteristics of the rock. Catenary pores would 
typically be the ideal pore type when exploration for oil and gas is underway, as 
hydrocarbons within these pores are able to be flushed out by a natural or artificial water 
drive. Cul-de-sac pores may contain hydrocarbons as the reservoir expands by a pressure 
drop. Closed pores are unable to yield hydrocarbons. Porosity that is developed in 
sedimentary rocks is a function of factors such as grain size distribution, grain sorting, shape, 
and orientation. Grain sorting is good when the sizes of the grains are relatively the same. 
Grain sorting is bad when relative grain sizes vary significantly. Grains may be arranged in 
various ways, but all approach or vary from an ideal arrangement of either a cubic or 
rhombohedral type. In an ideal situation, a cubic grain arrangement (Figure 4.4) would 
constitute a maximum porosity of 45% whereas a rhombohedral grain arrangement would 
only constitute a maximum porosity of 26% (Fraser and Graton, 1935). Porosity may be 
measured in three main ways: directly from core, indirectly from wire-line logs, or from 
seismic data. 
 
 
 
 
Catenary pore 
Cul-de-sac pore 
Closed pore 
Effective porosity 
Ineffective porosity 
Total porosity 
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Figure 4. 4 Cubic and Rhombohedral spherical packing arrangement of primary or intergranular porosity (After 
Fraser and Graton, 1935) 
 
4.3.1.1 Porosity alteration 
Sediment that is initially deposited has primary porosity. Over geological time, the deposited 
sediment will undergo various alteration factors that will inevitably change the initial 
porosity. According to Opuwari (2010), these factors are: 
Diagenesis – This forms the physio-chemical precipitation of minerals from the pore 
fluids. The most important diagenetic effect that influences porosity would be cementation 
since it holds individual grains together and destroys pore space.  
Compaction – The overburden load that presses down on underlying sediments. The 
extent of the loading effect is primarily dependant on the type of rock that is being 
influenced, the contained pore fluids, and amount of weight applied as overburden. 
Compaction forces grains to align themselves into a more tightly knit arrangement, thereby 
reducing porosity. 
Bioturbation – Minute organisms often burrow into the subsurface for nesting, safety, or 
other purposes. Such burrowing activity may cause mixing of the surrounding sediments and 
therefore an alteration in porosity. 
Leaching – Minerals may sometimes dissolve into a rock’s contained pore fluids by means 
of a process called leaching. Leaching causes secondary porosity as the porosity is produced 
after the deposition of sediments. 
  
Cubic 48% Rhombohedral 26% 
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Clay coating – The surfaces of sediment grains may become coated over time due to 
crystal growth. Such growth, given enough geological time, may expand to essentially fill 
pores and reduce porosity.  
 
4.3.2 PERMEABILITY 
As porosity was discussed above, it is important to note that porosity alone does not make a 
reservoir rock. Permeability is the second key as the pores have to be somewhat connected in 
order for any fluid flow to take place. Permeability is therefore the ability of a porous 
medium (reservoir rock) to transmit fluid when a pressure gradient is set in place (Selley, 
1998). The original work on permeability was carried out by a man by the name of Henri 
Darcy in 1856, who studied the flow rate of springs at Dijon in France (Op. Cit.). The 
equation below is an adaptation of Darcy’s Law where permeability is the subject of the 
formula: 
       
  
 
  ………………... (4.2) 
Where: 
K = Permeability (darcy) 
Q = Flow per unit time (cm/s) 
μ=Viscosity of flowing medium (cp) 
A = Cross section of rock (cm2) 
L = Length of rock (cm) 
ΔP = Change in pressure (psi) 
The unit of pressure is known as the Darcy. This has been defined as the permeability that 
allows a fluid of 1 centipoise (cP) viscosity to flow at a velocity of 1 cm/s for a pressure drop 
of 1 atm/cm (Op. Cit.). The millidarcy (md) is more commonly used as known reservoirs are 
seldom above a Darcy. Average permeability within a reservoir ranges between 5 and 500 
md. Permeability is seldom the same in all directions within a rock. Vertical permeability is 
generally far lower than permeability horizontal to the bedding. Horizontal permeability is 
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the accepted permeability for measurement in a reservoir rock as it is a major contributor to 
horizontal flow that is parallel to the bedding plane.  
There are three types of permeability that have been defined namely: absolute, effective and 
relative. When a single fluid phase completely saturates the pore space, permeability is 
referred to as absolute or specific. Effective permeability refers to saturation of fluid that is 
less than 100 %. Relative permeability is the ratio of effective permeability for a particular 
fluid at a given saturation to a base permeability (Op. Cit.). Permeability is effective to a 
particular fluid when that fluid occupies less than 100 % of the pore space. An example is a 
gas or oil permeability in a rock which contains connate water. Relative permeability is the 
ratio of the effective to absolute permeability. 
Permeability may be determined in three ways. In most cases the permeability is tested using 
a drill stem or production test. This test commences after a well has been drilled through the 
target reservoir; where casing is set, perforated, and tubing is run with the casing. The target 
interval is sealed off using specialised packers and then allowed to flow. The flow rate and 
pressure drop at the beginning and end of the test is then measured. This allows for 
calculation of permeability from Darcy’s law as all the parameters are known. The second 
method for the calculation of permeability is through wireline logs. The SP and caliper logs 
currently allow for the quantification of permeability to a certain degree of reliability. The 
third way to calculate permeability is by means of a permeameter that forces gas through a 
prepared rock sample.  
 
4.3.3 FLUID SATURATION 
The fluid saturation of a rock refers to the amount (percentage or fraction) of fluid that the 
host rock contains. The fluid may be water, hydrocarbon, or usually a mixture of both. The 
reservoir rock may host a variable amount of fluids, but often contains two (gas and water, oil 
and water) or three (gas, oil, and water) fluids (Opuwari, 2010). Hydrocarbons (oil and gas) 
form a non-conductive fluid whereas water will most often be conductive due to the 
contained salts that induce ionic conductivity in the reservoir. Such properties may easily be 
picked up from a resistivity log. The work of Archie in 1942 set the foundation for study into 
the electrical properties of water and oil hosted reservoir rocks. In mathematical terms the 
fluid saturation may be expressed as: 
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 ………………... (4.3) 
The above mentioned equation for fluid saturation (Sf) may simply be explained as the 
volume of fluid within the rock divided by the volume of pores that holds the fluid.  
 
4.3.3.1 Electrical formation water 
According to Opuwari (2010), Archie’s work on the relationship between resistivity and 
saturation was carried out by saturating a number of cores of variable porosity with different 
brines. In this experiment, the resistivity of the water (Rw) and the 100% water saturated rock 
(Ro) were measured. The electrical formation factor (F) was then derived from the plotted 
results which formed a slope on a succession of straight lines on a graph. Mathematically, the 
formation factor may be described in the equation below: 
  
  
  
 ………………... (4.4) 
Where: 
F= Formation factor of the rock 
Rw= Resistivity of water (Ohm-m) 
Ro= Resistivity of 100% saturated rock (ohm-m) 
The equation above simply explains that the formation factor of a rock is the resistivity of a 
completely water saturated sample of that rock to the resistivity of water.  
Further investigations by Archie saw a relationship between the formation factor (F) and the 
porosity of the investigated rock. This relationship has been described mathematically as: 
  
 
  
 ……………….. (4.5) 
Where: 
F= Formation factor of the rock 
Φ = Porosity  
m=cementation exponent  
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Winsauer derived an alternate equation that relates resistivity factor and porosity of a rock 
(Bassouni, 1994), expressed mathematically below: 
  
 
  
 ……………….. (4.6) 
Where: 
F= Formation factor of the rock 
Φ = Porosity  
m= Cementation exponent  
a= Tortuosity factor 
Below is a table of the most often used relation of electrical formation factor and porosity. 
Table 4. 3 Equations relating formation factor and porosity (after Helander, 1984) 
F = 0.81 / Φ2 In most consolidated sandstones 
F = 0.62 / Φ 2.15 
In unconsolidated sandstones (Humble formula) 
F = 1.45 / Φ 1.54 
(Phillips Equation) 
F = 1.13 / Φ 1.73 
(Chevron Formula) 
F = 1.97 / Φ 1.29 
(Porter and Carothers) 
F = 1 / Φ2 
(Carbonates) 
 
Helander (1984) reported that the change in cementation factor (m) is ascribed to various 
causes such as the type of pore system, degree of cementation, compaction inflicted via 
overburden pressure, shape, sorting, and packing of a system etc. The cementation factors 
may vary for different lithology and have been described in the table below:  
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Table 4. 4 Variation in cementation factor for different rock types (After Piron, 1958) 
Lithology  Cementation Factor (m)  
Sandstones  
Loose un -cemented sands  1.3  
Slightly cemented sands  1.3 – 1.7  
Moderately cemented sands  1.7 - 1.9  
Well cemented sands  1.9 – 2.2  
Limestones  
Moderately porous limestones  2  
Some oolitic limestones  2.8  
 
4.3.3.2 Water saturation 
Water saturation has been related to resistivity through the Archie’s experiment, where the 
resistivity index (IR) was defined as the ratio of resistivity of a rock partly filled with water 
(Rt) to the resistivity of a rock fully saturated with brine (Ro). Note: Rt will be equal to Ro 
when the rock sample is 100% saturated with water, therefore making the resistivity index 
equal to one. The resistivity index value is thus an indicator of hydrocarbon presence 
(Opuwari, 2010). The equation has been expressed as follows: 
   
  
  
 ………………... (4.7) 
Where: 
IR= Resistivity index 
Rt= Resistivity of a rock sample that is partial saturated with water 
Ro= Resistivity of a rock sample fully saturated (100%) with water 
The water saturation (Sw) has been described mathematically below in the equation: 
   
  
  
  
 ……………….. (4.8) 
Where: 
Sw= Water saturation 
n= saturation exponent 
Rt= Resistivity of a rock sample that is partially saturated with water 
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Ro= Resistivity of a rock sample fully saturated (100%) with water 
The saturation exponent (n) is an empirical constant and has a value of 2 in most instances 
(Op. Cit.). Substitution for Ro (with F) in equation 4.8 creates a new expression (Archie’s 
equation) for the water saturation equation: 
   
  
 
  
  
  
 ……………….. (4.9) 
Where: 
Sw= Water saturation 
n= saturation exponent 
Φ = Porosity  
m= Cementation exponent  
a= Tortuosity factor 
Rw= Resistivity of water 
Rt= Resistivity of a rock sample that is partially saturated with water 
As seen in equation 4.9 above, a relationship exists between porosity, resistivity and the 
amount of water that resides within the reservoir. This equation is known as Archie’s 
equation. Archie’s model only applies to clean sand formations as electrolytes in the reservoir 
pores are taken as the only conductive path. As the sandstone formation becomes more mud 
influenced, the model’s integrity decreases as clay minerals allow for an additional 
neighbouring conductive path. Shaly-sand formations are therefore more complex (Opuwari, 
2010) 
 
4.3.3.3 Hydrocarbon saturation 
Hydrocarbon saturation (Shc) is that part of the reservoir pore volume that contains 
hydrocarbons. The hydrocarbon may either be oil, gas, or a mixture of both. Once the water 
saturation (Sw) is known (equations of water saturation above); the hydrocarbon saturation 
may then be calculated. The equation is expressed mathematically below: 
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         ……………….. (4.10) 
Where: 
Shc= Hydrocarbon saturation 
Sw= Water saturation 
 
4.3.3.4 Irreducible water saturation 
The irreducible water saturation (SWir) is the minimum water saturation reachable by a rock 
(Crain, 2004). In an oil or gas reservoir, water often forms a thin film that covers the pore 
surfaces, where these surface areas define the irreducible water saturation. According to 
Crain (2004), water cannot be produced from irreducible water saturated formations until 
some water enters the reservoir when an amount of oil and gas is extracted or withdrawn. 
Irreducible water saturation is a function of the pore surface area. Larger pores have a smaller 
surface area relative to their volume so that the irreducible water saturation is lower. Smaller 
pores adversely have larger surface areas, so the rock therefore has higher irreducible water 
saturation. If the pore sizes are minute enough, the irreducible water saturation may be very 
close or equal to 1, implying that there is no space for oil or gas to occupy pore space. 
Mathematically, the irreducible water saturation (SWir) has been expressed as: 
     
  
           
  
 ……………….. (4.11) 
Where: 
SWir= Irreducible water saturation 
 eff= Effective porosity 
Vb= Bulk volume 
Vsh= Shale volume 
When the water saturation is equal to the irreducible water saturation, it is an indicator of the 
presence of a hydrocarbon (oil or gas) bearing zone. If the water saturation value is higher 
than the irreducible saturation, it indicates that there is some hydrocarbon with water cut. The 
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irreducible water saturation cannot be higher than the water saturation as there will be 
erroneous values attached to that answer. 
 
4.3.5 VOLUME OF SHALE 
The gamma ray log was used to derive the values in the shale volume (Vsh) model and is by 
far the most common indicator of shale volume. The gamma ray log measures the 
formation’s ability to emit natural radiation. A shale dominated formation would cause the 
log to measure high gamma radiation whereas a clean sand formation does not contain many 
clay minerals and typically shows a low gamma radiation measurement on the gamma ray 
log. The gamma ray log, however, does not measure the volume of silts or other materials 
within the shale. The linear gamma ray method was used for the estimation of shale volume 
as it provides a basic yet effective means of clay indication. The equation (Dresser Atlas, 
1979) has been expressed mathematically as: 
                      
               –        
                  
 ………………... (4.12) 
Where:  
 
GR value (log) = GR log value reading of formation to be evaluated  
 
GR (min) = Clean formation  
 
GR (max) = GR value of maximum shale reading in the formation 
 
4.3.6 CAPILLARY PRESSURE 
Capillary pressure is created where the interfaces between two immiscible fluids exist in 
pores (capillaries) of the reservoir rock. Capillary pressure is important in reservoir 
engineering and petrophysical applications because it is a key factor governing the fluid 
distribution in reservoir rocks. Capillary pressure is only apparent in the company of two 
immiscible fluids in contact with each other in capillary-like tubes. Small pores in a reservoir 
rock are similar to capillary tubes and usually contain two immiscible fluid phases in contact 
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with one another. Capillary pressure is therefore an important factor to be measured when 
dealing with reservoir rock. It is primarily controlled by the interfacial tension, pore 
geometry, and wettability (Opuwari, 2010). A typical capillary system addressed in this 
investigation is the hydrocarbon (in this case gas) reservoir where fluid distribution within the 
reservoir is determined by interfacial tension, wettability, and the force of gravity. When one 
measures the capillary pressure, it is the measurement of the force that draws a fluid up a tube 
or in this case the pores of a reservoir (capillary). Interfacial tension may be seen as the 
interaction between two immiscible fluids under the influence of van de Waal forces. Gravity 
is evident in influencing both situations of interfacial tension and wettability. Opuwari (2010) 
went on to define the wettability as the contact angle that is formed between the droplet of 
fluid and the contact surface. In the case of a reservoir, the contact angle might lie between a 
droplet of fluid (water or hydrocarbon) and the surface of a grain of sand. Thus, the 
wettability defines how well a fluid preferentially adheres to a horizontal surface. In a 
reservoir containing water and oil, when water has a greater affinity for the rock surface than 
oil, the reservoir is water wet; when oil has a greater affinity to adhere to the rock surface, the 
reservoir is oil wet. When the contact angle (σ) between the water droplet and the reservoir 
rock surface is less is less than 90 degrees, the reservoir rock is water wet. When the contact 
angle between the water droplet and the rock surface is greater than 90 degrees, the reservoir 
rock will be oil wet and oil will have an affinity for the rock surface. A diagram in Figure 4.5 
below graphically describes this concept.  
 
Figure 4. 5 Graphic representing the difference in contact angle for water and oil wet rocks (after Opuwari, 
2010).  
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Capillary pressure data is important mainly for three purposes: 
· The prediction of reservoir initial fluid saturations. 
· Cap-rock seal capacity (displacement pressures). 
· As additional data for assessment of relative permeability data 
Saturation-height relationships are calculated from core and log data for volumetric analysis. 
Through the saturation-height relationships it is possible to infer the free water level and oil-
water transition zones when pressure gradient data for oil and water legs are not necessarily 
available. 
The Laplace equation for the relationship between capillary pressure, interfacial tension, 
contact angle and pore radius is given by: 
   
      
 
 ……………….. (4.13) 
Where: 
Pc= Capillary pressure (psi) 
  = interfacial tension (dynes/cm) 
  = contact angle (degrees) 
R = pore radius (microns) 
The laboratory measurements for the capillary pressure (Pc) may be converted using: 
               
          
          
 ……………….. (4.14) 
 
The figure below is a representation of the relationship between a capillary pressure curve 
and oil accumulation. 
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Figure 4. 6  Relation of a single accumulation to capillary type curve (Holmes, 2002) 
 
As seen in Figure 4.6 above, the reservoir water saturation gradually decreases with an 
increasing height above the free water level (FWL). Irreducible water saturation is eventually 
reached where water is immobile and defined as the minimum water saturation attainable by 
that reservoir (Holmes, 2002). The zone where hydrocarbon and water co-exist is known as 
the transition zone. The extent of both the transition zone and irreducible water saturation are 
greatly affected by the pore size distribution within the reservoir. Change in the capillary 
pressure radius is controlled by the pore geometry which is a function of rock properties such 
as permeability and porosity. According to Harrison and Jing (2001), a higher permeability 
would result in a confined or smaller separation between the oil water contact and free water 
level.  
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4.3.6.1 Saturation height equations 
There are several equations that link capillary pressure curves to fluid interfacial tension, 
porosity, permeability, or rock types through the use of saturation-height equations. Some 
methods discussed below include Leverett’s J Function, Johnson Capillary Method, and 
Skelt-Harrison Method. 
 
4.3.6.1.1 Leverett’s J Function 
The relationships and effects of fluid interfacial tension and rock properties on capillary 
pressure were investigated through the work of Leverett in 1941, where he brought out the 
first correlation function (J function) that was based on a dimensionless correlation function 
(Opuwari, 2010). Leverrett suggested the following dimensionless group as a function of 
wetting fluid saturation (Sw) for capillary pressure modelling (Pc) as: 
      
   
 
 
     
 ……………….. (4.15) 
Where: 
K= Permeability (mD) 
Pc= Capillary pressure (psi) 
 = Porosity 
    = Adjustment for wettability 
The expression (√K/Φ) as a whole relates to the size of the pore throat radius. For rock types 
with comparable geometries, the most accurate means of creating a J-function is by the use of 
special core analysis. Special core analysis allows for measurements on core samples 
simulating reservoir conditions. According to Opuwari (2010), each core plug is measured for 
capillary pressure that is corrected for reservoir conditions and then converted to J values. 
These values are then plotted against saturation. The J-function forms a beneficial aspect in 
averaging the capillary pressure from a reservoir of a specific rock type. In most cases the J-
function may be applied to diverse reservoirs of similar lithology and rock type. The function, 
however, loses accuracy and effectiveness when attempting to correlate reservoirs with 
diverse lithology.  
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4.3.6.1.2 Johnson Capillary Method 
Johnson (1987) experimented with special core analysis data and found an alternative way for 
correlating water saturation data with permeability. It was noted that log/log axes plots of 
water saturation data versus permeability for each capillary pressure de-saturation step 
formed roughly straight and parallel lines. Johnson’s permeability averaging method is 
described below: 
                        ……………….. (4.16) 
Where: 
A, B, C= Constants derived from special core analysis measurements of capillary pressure 
Sw=Water saturation (Percentage) 
Pc= Capillary pressure (psi) 
K=Permeability (mD) 
 
4.3.6.1.3 Skelt-Harrison Method 
Skelt and Harrison (1995) made use of a function that applies a non-linear fitted curve to 
height and saturation data. The advantage of this method is that it makes use of a curve that 
actually matches a capillary pressure curve and was initially applied to special core analysis 
capillary pressure data, later developed to fit log derived water saturation data (Opuwari, 
2010). The equation is described below: 
             (
 
 
  )   ……………….. (4.17) 
Where: 
A, B, C and D= Coefficients found by regression to core and log data 
h= Height above free water level 
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CHAPTER 5 
 
CORE ANALYSIS RESULTS AND INTERPRETATION 
 
5.1 INTRODUCTION 
Core analysis forms a basic yet fundamental aspect in evaluating a formation of interest as it 
directly measures important reservoir properties (Fadipe, 2009). Cores form the only 
characteristic component of the reservoir rock that is physically available for examination and 
modelling. As explained in chapter 4, accurate core analysis allows the interpreter to better 
understand the subsurface as it establishes ground truth for other formation measurements. 
The study of cored sections from the various wells selected for this study also creates an 
opportunity to interpret the rock sequences and relate them to wireline data. These wireline 
logs may be calibrated effectively according to observed lithology and applied to further 
exploration activities when drilling potential neighbouring wells.  
The idea behind a core analysis procedure is to effectively retrieve a sample/s of the target 
formation in an unaltered state so that laboratory analysis may commence. The sample is 
preserved so that it remains unaltered to an acceptable standard. The samples are generally in 
the form of core plugs drilled and extracted from the bulk core, but also may be in the form of 
cuttings from conventional core. Important formation properties may then be derived from 
these core plugs and are mainly: porosity, permeability, fluid saturation, grain density, grain 
size distribution, mineral composition, etc.  
Special Core Analysis (SCAL) techniques are used in conjunction with routine core analysis 
measurements and provide added information to the data pool, thereby reducing uncertainty 
and allowing for more rigid decision making to take place. Special Core Analysis 
measurements provide useful information on capillary pressure, relative permeability, cation 
exchange capacity (CEC), wettability, and electrical properties. Electrical properties 
measured from SCAL would include cementation exponent, saturation exponent, resistivity 
index, and resistivity formation factor.  
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5.2 CONVENTIONAL CORE ANALYSIS 
Conventional core analysis forms a basic approach to any geoscientist in measuring 
fundamental rock properties under near ambient conditions. Properties such as porosity, that 
forms the effective storage space in a rock for reservoir fluids; permeability, which 
determines how effective a reservoir will flow fluids; saturation, which determines the fluid 
type and content of the fluid; and gross lithology all contribute vital pieces of information 
used to determine if a wellbore will be economical (Ubani et al., 2012) This analysis makes 
use of the logging and sampling of cored sections that represent an interval of interest. 
According to Opuwari (2010), conventional core analysis is generally performed on 
homogenous formations such as sandstones, carbonates, and shaly-sand formations. 
This type of analysis was performed on cored sections from four wells namely F-AH1, F-
AH2, F-AH4, and F-AR2. The core analyses were performed by the Soekor Core Analysis 
Section and were aimed at determining the petrophysical properties of the target formations. 
Core photos are available for wells F-AH1, F-AH2, and F-AH4 in Appendix A. 
 
5.2.1 CORED SECTIONS OF INTEREST 
5.2.1.1 Well F-AH1 
Cores of well F-AH1 were cut primarily to evaluate the reservoir sands and the hydrocarbon 
shows associated with them. Four cores were cut back-to-back and were approximately 3 ½-
inches in diameter. 
Of the 4 cores that were cut, cores 1 and 2 (2415-2433 m and 2433-2451 m respectively) 
intersected the shallow-marine sandstone complex that is gas-bearing from 2412-2439 m and 
oil-bearing from 2439-2450 m. Cores 1 and 2 are predominantly fine to medium grained 
sandstone. These sandstones vary in porosity, between 9 % and 14 %, but tend to decrease 
toward the bottom of the core with depth. Permeability varies erratically between 252 mD 
and 1 mD in certain places. Core 2 recorded sandstone with hydrocarbon fluorescence and 
oil-staining. 
The remaining cores 3 and 4 (2451-2469 m and 2469-2479 m) intersected an underlying 
fluvial interval containing sandstone with minor siltstone and muds. The top section of core 3 
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starts with very fine to fine grained tight sandstone of low permeability followed by siltstone 
and mud toward the end of core 4 (Appendix A). 
Table 5.1 below presents the routine core analysis results for well F-AH1. It should be noted 
that there was no report of conventional core analysis data (porosity, permeability, saturation 
etc.) available for core 4 of well F-AH1. The core was, however, analysed for a lithology 
description. K=Permeability, So=Oil saturation, Sg=Gas saturation, Sw=Water saturation.   
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Table 5. 1 Well F-AH1 routine core analysis results 
Core 
Depth 
(m) 
Porosity 
(%) 
K 
(mD) 
Kair 
(mD) 
So 
(%) 
Sw 
(%) 
Sg 
(%) 
Lithology description 
1 2415.1 6.4 3.9 5.2 0 20 80 Massive interval of 
sandstone. 
Predominantly medium 
to fine grained, clean, 
grey-white colour, non-
calcareous. Lithoclasts 
in places. Rounded 
conglomerate towards 
base of core 1 
2416.61 7.5 27 32 0 11 89 
2417.82 0.4 0.04 0.063 0 75 25 
2418.46 5.7 6.1 8 0 16 84 
2419.86 5.9 14 17 0 21 79 
2421 6.7 15 19 0 18 82 
2422.91 3.3 1.2 1.7 0 16 84 
2424 9.2 66 76 0 21 79 
2425.2 8.4 35 41 0 23 77 
2426.04 11.4 160 180 0 31 69 
2427.03 11.7 232 252 0 41 59 
2429.47 2.6 0.17 0.28 0 32 68 
2430.51 6.2 31 37 0 21 79 
2431.35 2.7 4.7 6.2 0 42 58 
2432.27 8.2 58 67 0 17 83 
2 2433.92 8 17 21 0 37 63 Sandstone. Porous, 
clean, white-grey, 
coarse-very coarse in 
places. Calcite and shell 
fragments in places. 
Increased mud 
influence (green-grey) 
toward bottom of core 
2.  
2435 6.7 12 15 0 41 59 
2435.72 6.9 6 7.8 0 38 62 
2437 5.4 132 147 0 36 64 
2438 7.7 121 135 19 33 48 
2439 8.8 143 159 18 31 51 
2440.51 6.3 24 29 17 31 52 
2442 9.3 126 141 19 29 52 
2449.34 7.1 10 13 6 48 46 
3 2452.2 6.6 0.19 0.3 0 57 43 Tight sandstone, grey-
white, f-m, coarse in 
places. Green & red 
mudstones dominate 
toward bottom of core  
2458.5 2 0.07 0.11 0 76 24 
2459.49 4.1 0.13 0.21 0 61 39 
2460.52 3.9 0.03 0.05 0 77 23 
4 2470       Alternating green silty-
mudstone (grey-green, 
argillaceous) and red 
mudstone (non 
calcareous) with 
porous, tight, medium-
fine grained, calcareous, 
light green-grey 
sandstone containing 
green mudstone 
lithoclasts.  
2471       
2472       
2472.41       
2472.66       
2472.82       
2473       
2473.3       
2473.48       
2473.57       
2473.7       
2474       
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5.2.1.2 Well F-AH2 
Cores of well F-AH2 were cut primarily to evaluate a drilling break and gas show. Six cores 
were cut (2368-2459 m) back-to-back and were approximately 3 ½-inch in diameter. 
Shallow marine sandstones were intersected at a depth ranging from 2368 m to 2445 m and 
were predominantly fine to medium grained, though coarse to pebbly in certain areas (in the 
2424-2431 m range). Porosities ranged from 6.5 to 21.5 % but averaged at approximately 13 
percent. The permeability, though variable, was generally believed to be good between 50 
and 100 mD. A value of 1388 mD has been recorded near the top of the sequence. At a depth 
of 2445 m, a fluvial interval was intersected and comprised primarily interbedded red and 
green mudstone with minor siltstone and sandstone below a depth of 2458 m. Within this 
interval, the sandstones had an average porosity of 9.6 percent and a permeability of 3.4 mD. 
Table 5.2 below presents the routine core analysis results for well F-AH2. K=Permeability, 
So=Oil saturation, Sg=Gas saturation, Sw=Water saturation.   
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Table 5. 2 Well F-AH2 routine core analysis results 
Core 
Depth 
(m) 
Porosity 
(%) 
K 
(mD) 
Kair 
(mD) 
Sw So Sg Lithology description 
1 2368.62 16 19.3 507 40 0 60 Fine-med grained sst, non 
calcareous, with minor siltstone 
(dark grey, argillaceous, non calc) 
bands in places. Becomes coarse 
grey sst toward base of core 1 
2369.8 16 14.1 527 39 0 61 
2370.69 15 19.4 503 38 0 62 
2371.59 9.4 12.8 1.09 48 0 52 
2372.52 7.7 17.5 88 39 0 61 
2373.13 15  521    
2 2378.6 14.7 14.6 403 33 0 67 med grained grey sst (tight, 
porous, non calcareous), coarse in 
places. Alternates between 
medium and fine grained sst 
toward base of Core 2 
2379.16 10.3 13.9 44 40 0 60 
2380.92 6.5 14.8 1.02 35 0 65 
2381.45 10.7 13.3 175 23 0 77 
2382.45 8.8 11 24 43 0 57 
2383.33 11.4 16.1 28 42 0 58 
2384.69 17.2 16.6 103 40 0 60 
2386.3 9.4 14 4 41 0 59 
2387.97 12.6 16.7 78 39 0 61 
2388.71 15.5 17 32 42 0 58 
2390.11 15.8 18.5 406 43 0 57 
2390.38 12.3 16.5 73 43 0 57 
2391.95 12.1 16.1 163 33 0 67 
2392.57 14.8 15.6 320 41 0 59 
2393.27 14.1 16.6 186 43 0 57 
2395.69 10.6 16.3 19 45 0 55 
2396.36 6.9 15.7 6 46 0 54 
3 2397.09 12.5 15.9 29 42 0 58 med to fine grained sst (grey, 
sorted, rounded, non calc, 
argillaceous in places). Becomes 
intercalated fine sst with silt 
(argillaceous, non calc, 
carbonaceous), and mudstone 
(non calc, fissile in places, 
carbonaceous) toward the base of 
core 3, ending off with coarse sst 
(medium grained in places, grey, 
angular to round fragments, 
argillaceous in places, silt streaks, 
mudstone clasts) 
2398.43 15.3 16.6 274 36 0 64 
2399.47 13 14.9 53 46 0 54 
2400.35 14.5 15.5 42 45 0 55 
2401.52 14.2 17.3 86 45 0 55 
2402.54 12.4 15.8 24 48 0 52 
2403.44 11.4 15.5 24 45 0 55 
2404.4 9 12.5 1.5 54 0 46 
2406.6 11 10.1 4.4 14 0 86 
2407.33 14.7 15.4 170 45 0 55 
2408.24 9.2 18.4 1.8 42 0 58 
2409.35 7.7 16.6 8.2 43 0 57 
2411.23 11.5 14.1 55 35 0 65 
2411.76 14.1 17 154 39 0 61 
2412.91 9.6 9.7 36 60 0 40 
2413.39 12.3 12.9 37 43 0 57 
2417.05 10.9 15.4 31 45 0 55 
2417.89 11.7 15.9 15 40 0 60 
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2418.85 14.1 16.9 183 36 0 64 
2419.94 12.1 15.7 62 40 0 60 
2421.07 14.3 17.5 92 41 0 59 
2422.16 11.6 13.3 83 44 0 56 
5 2423.28 9.4 12.3 3.9 46 0 54 Predominantly medium grained, 
grey, pebbly sst with mudstone 
clasts and drapes in places. 
Becomes silt and clay dominated 
(non calc) toward centre of core 
and ends with medium grey sst 
(coarse in places), non calc. 
2424.18 14.7 15.3 41 39 0 61 
2425.19 11.3 12.7 14 39 0 61 
2425.95 13.5 14.4 355 40 0 60 
2427.06 14.6 15.3 41 34 0 66 
2428.04 11.6 13 28 41 0 59 
2429.31 13 12.2 67 38 0 62 
2430.03 8.7 10.6 2.3 35 0 65 
2430.84 10.6 12.1 92 39 0 61 
2431.89 11.4 13.8 186 35 0 65 
2433.15 7.7 11 3.2 32 0 68 
2434.35 9.5 11.3 38 35 0 65 
2435.06 8.3 12.6 1.6 34 0 66 
2435.9 10.4 12.8 14 50 0 50 
2436.82 15.5 18.5 2.9 37 12 51 
2437.62 14.4 15.7 73 35 15 50 
2439.95 9 14.5 6.6 46 14 40 
2441.15 10.4 15.6 14 44 13 43 
6 2441.41 7.5 17.1 5.9 48 14 38 Predominantly medium grained 
sst (light green-grey colour, 
sorted, non calc in places) with 
conglomerate matric in places. 
Becomes intercalated red and 
green mudstone (non calc, silty in 
places) towards centre of core and 
ends off with medium grained 
grey sst (silty in places) 
2442.4 8.4 16.1 11 56 7 37 
2443.33 10.3 10 16 48 0 52 
2444.31 14.3 15.8 21 65 0 35 
2445.66 13.3 16.4 45 72 0 28 
2459.35 9.6 11.9 3.4 54 0 46 
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5.2.1.3 Well F-AH4 
A total of five cores were cut in well F-AH4 intersecting a depth from 2367 m to 2442 m 
(back-to-back and were approximately 3 ½-inch in diameter) in massive, relatively clean, 
porous and intermittently conglomeritic sandstone.  
Core 1 intersected a massive and believably gas-bearing shallow marine sandstone sequence. 
Core 2 was also intersected within the shallow marine sandstone sequence but contained 
occasional minor (centimetre scale) siltstone interbeds. Cores 1 and 2 were missing or not 
available for core analysis. Information on these specific cores was extracted from previous 
conventional core reports. Core 3 intersected a similar lithology as core 2 but contained a 
distinct conglomerate horizon. Core 4 intersected a massive sandstone sequence similar to 
that of core 1. Core 5 is believed to have been found in an interbedded marine sandstone and 
conglomerate overlying a thickened mudstone unit. This was further underlain by a thick 
layer of sandstone, with red and green fluvial mudstones. Table 5.3 below presents the 
routine core analysis results for well F-AH4. K=Permeability, So=Oil saturation, Sg=Gas 
saturation, Sw=Water saturation.   
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Table 5. 3 Well F-AH4 routine core analysis results 
Core Depth 
(m) 
Porosity 
gas exp(%) 
K (mD) Kair 
(mD) 
Sw So Sg Lithology description 
1 2367.05 20.3 2766.929 2843.186 47 0 53 core missing 
2368.08 17 1141.703 1156.636 39 0 61 
2371.78 18.7 1067.964 1084.269 42 0 58 
2372.81 12.8 221.239 221.713 42 0 58 
2374.68 9.4 3.067 3.453 38 0 62 
2375.67 10.1 0.362 0.594 50 0 50 
2376.68 14.7 48.541 51.438 43 0 57 
2377.66 12.8 51.988 54.068 51 0 49 
2378.61 12.9 73.969 76.107 48 0 52 
2379.64 15.3 70.847 74.233 50 0 50 
2380.61 10.1 4.57 5.303 52 0 48 
2381.61 15.1 150.168 152.79 50 0 50 
2382.57 12.3 5.227 6.235 50 0 50 
2383.63 13.5 23.096 25.226 47 0 53 
2384.63 7 0.084 0.162 33 0 67 
2 2385.62 17.9 814.791 827.3 43 0 57  
2386.61 16.1 392.403 393.385 50 0 50 
2387.59 14.3 97.052 99.919 51 0 49 
2388.58 16.1 498.448 500.622 46 0 54 
2389.58 18.8 774.924 781.058 50 0 50 
2390.58 12 12.09 13.114 52 0 48 
2391.56 12.7 4.367 5.236 45 0 55 
2392.53 12.2 2.729 3.389 70 0 30 
2393.53 13.8 34.708 36.932 48 0 52 
2394.52 16.6 163.247 166.173 50 0 50 
2395.56 13 43.215 45.014 53 0 47 
2396.6 15.5 92.504 95.387 51 0 49 
2397.59 11 3.846 4.54 47 0 53 
2398.61 9.2 3.387 3.964 51 0 49 
2399.65 17 258.561 261.766 47 0 53 
2400.65 13.3 5.631 6.668 44 6 50 
2401.65 10.2 1.156 1.507 38 0 62 
2402.77 11 0.77 1.079 50 0 50 
3 2403.43 10.2 11.843 12.804 47 0 53 Medium grained sst (with 
minor cross laminations 
and mud drapes) 
becoming fine and silty in 
places. Core becomes 
coarser grained sst (silty 
mud drapes, quartz 
pebbles, and shell 
2404.76 16.6 446.929 447.412 57 0 43 
2405.86 14.6 263.201 264.163 50 0 50 
2406.89 13.2 57.115 59.398 56 0 44 
2407.74 10.5 18.335 19.401 49 0 51 
2408.76 13.5 99.985 101.809 50 0 50 
2409.73 13.1 147.289 148.374 39 0 61 
2410.71 11.8 48.71 50.331 51 0 49 
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2411.76 10.8 0.766 1.069 50 0 50 fragments) with 
conglomerate (matrix 
supported, calcareous, 
well rounded quartz 
pebbles, shell debris, 
some scouring) in places 
toward the base 
2412.72 16.6 610.851 614.495 52 0 48 
2413.72 14.1 361.656 361.755 46 0 54 
2414.75 14.6 202.211 204.177 49 0 51 
2415.74 9.2 12.418 13.358 50 0 50 
2416.74 9.4 8.241 9.045 52 0 48 
2417.73 13.2 297.21 928.201 46 0 54 
2418.73 14.9 679.651 685.683 39 0 61 
2419.75 12.4 298.934 300.956 33 0 67 
2420.75 16 985.714 987.754 48 0 52 
4 2421.78 13.9 384 386 43 0 57 predominantly medium-
coarse grained sst 
(rounded pebbles in 
places, streaks of calcite 
cementation, cross 
bedding, shell fragments 
throughout) 
2422.78 14.9 842 851 44 0 56 
5 2424.43 11.9 45.53 47.26 39 0 61 Alternating medium 
grained sst (poor sorting, 
glauconite, mudstone rip-
up clasts, often 
calcareous) and 
conglomerate (matrix 
supported, rounded quart 
pebbles, shale, shell 
fragements) toward top 
half of core. Core 
becomes medium to fine 
grained sst (non-
calcareous, horizontal 
laminations) with olive 
green mudstone (slighty 
silty, calcareous 
concretions) toward base.  
2425.58 6.1 0.07 0.15 45 0 55 
2428.46 12.4 9.05 10.08 35 8 57 
2429.73 14.6 5.56 6.95 53 0 47 
2430.46 12.4 9.81 11.09 40 13 47 
2431.21 6.6 0.2 0.34 37 0 63 
2431.49 3.4 0 0.02 65 0 35 
2432.51 12 0.3 0.52 66 0 34 
2433.51 7.6 0.01 0.04 80 0 20 
2434.68 12 0.3 0.53 65 0 35 
2435.68 11.4 0.52 0.81 65 0 35 
2436.67 13.5 1.27 1.77 67 0 33 
2437.66 11.5 0.34 0.58 66 0 34 
2438.67 6.7 0.13 0.23 59 0 41 
2439.66 8.3 0.01 0.02 72 0 28 
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5.2.1.4 Well F-AR2 
A total of three 3 ½-inch diameter cores were cut back-to-back and intersected an interval 
from 2667 m to 2716 m. The cores were primarily drilled to evaluate a drilling break and 
associated gas peak encountered at a depth of 2657 m. 
Core 1 and a majority of core 2 intersected a massive regressive sandstone interval and 
consist of predominantly fine to medium, but sometimes coarse to pebbly, glauconitic, and 
variably calcareous sandstone that was found to be exceptionally porous in places. These 
cores indicated an average porosity of 14% and permeability of 47 mD as seen in the core 
analysis results.  
The lower section of core 2 and the entire core 3 intersected a transgressive sequence 
comprising sandstone with interbedded green siltstone and mudstone. The sandstone unit is 
believed to have poor porosity and permeability. Table 5.4 below presents the routine core 
analysis results for well F-AR2. K=Permeability, So=Oil saturation, Sg=Gas saturation, 
Sw=Water saturation.  
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Table 5. 4 Well F-AR2 routine core analysis results 
Core 
Depth 
(m) 
Porosity 
gas exp(%) 
K 
(mD) 
Kair 
(mD) 
Sw So Sg Lithology description 
1 2667 12.7 10 13 39 0 61 Predominantly medium 
grained, grey sst (coarse in 
places, glauconite grains, 
occasional shell fragments). 
Decreases in argillaceous 
material and becomes more 
massive toward base of core 
1. 
2668.14 11.8 21 25 37 0 63 
2668.95 8 3.2 4.3 37 0 63 
2669.99 9.1 21 25 43 0 57 
2670.95 12.6 106 119 43 0 57 
2672.02 14.9 276 296 34 0 66 
2673.05 11.5 58 67 34 0 66 
2674.14 11.7 107 120 36 0 64 
2675.01 14.4 135 150 38 0 62 
2676.14 15 213 233 43 0 57 
2677.16 14.3 87 98 39 0 61 
2 2680 14.3 150 166 39 0 61 Fine to medium grained, grey, 
homogenous sst at top of 
core (shell fragments in 
places). Conglomerate (sst 
matrix supported, variable 
cement) towards centre of 
the core with mud in places. 
Becomes alternating coarse 
and medium-fine sst (with 
minor green mudstone layers 
inbetween) toward base of 
the core. 
2680.96 15.4 257 277 36 0 64 
2682.03 14.6 154 171 39 0 61 
2682.94 16 152 168 41 0 59 
2684 15 173 193 43 0 57 
2685.1 15 149 155 41 0 59 
2686.04 14.2 179 199 34 0 66 
2687.01 7.9 4.9 6.5 50 0 50 
2687.83 12.4 53 61 38 0 62 
2688.82 13.1 102 115 47 0 53 
2690.15 13.1 56 65 41 0 59 
2691.01 6.2 0.26 0.4 45 0 55 
2692.04 13.3 58 67 38 0 62 
2693.7 10.4 0.02 0.04 61 0 39 
2695.19 7.2 0.07 0.17 80 0 20 
2697.62 9.6 10 13 48 0 52 
3 2698.47 10.2 6.7 8.7 80 0 20 Alternating layers of medium-
fine sst (green mudstone 
lithoclasts, silty in places) with 
green-grey siltstone (non-
calcareous (mud influenced) 
and mudstone (green-grey, 
bioturbated) 
2700.56 11.5 11.5 0.83 53 0 47 
2701.62 2.1 0.05 0.09 53 0 47 
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5.3 CORE-LOG DEPTH MATCH 
In certain cases the cored sections that are viewed are not necessarily in sync with the log 
data being displayed. This may cause discrepancies as the core data and log data need to 
match and work hand in hand to derive a final interpreted model. Where discrepancies do 
occur, uncertainties may arise and lead to a flawed model, making the interpretation 
inaccurate. In such circumstances a core to log depth comparison and match is necessary. 
Core to log depth matching is particularly applied to offshore well drilling as the drillers 
depth does not always match the loggers depth (Opuwari, 2010). This problem may usually 
be alleviated simplistically by depth matching the routine core analysis results with log data. 
By overlaying core data and wire-line log (depth referenced) data, discrepancies may be 
picked up and depth matched accordingly. 
The log data and core data were placed side by side in separate tracks in I.P for comparison. 
The gamma ray log was ideally used for comparison with the core data as it easily identifies 
the sandy and shaly formations. Shale boundaries were set up and then compared with the 
core data to check for the discrepancies. No discrepancies were identified between the core 
and log data for any of the wells used in this study and therefore no shifting has taken place. 
Figure 5.1 below represents an example of the core-log overlay in well F-AH1.  
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Figure 5. 1 Example of log and core data comparison for depth shifting in well F-AH1 
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 5.4 DESCRIPTION OF LITHOFACIES 
The description of core, with particular emphasis on the reservoir sections (being pertinent to 
this contribution of work) have previously been discussed as being an essential aspect in 
developing a sound petrophysical model. An accurate description and study of the reservoir 
core helps to link together aspects of log data, routine, and special core analysis data into a 
comprehensible picture. 
Table 5.5 below represents the various lithofacies classifications identified in this study. A 
total of 11 lithofacies were identified and range from F1 to F11, with varying reservoir 
quality. The core photos in the table below were chosen as a representative of each of the 11 
identified facies. Core photos are not available for well F-AR2 as core access was limited. 
Where possible, existing core description information was extracted from previous core 
analysis reports of well F-AR2.  
 
 
 
 
 90 
 
Table 5. 5 Lithofacies identified within this study 
Facies Description Reservoir quality Facies photos 
 
 
 
F1 
Sandstone, mostly 
massive, medium 
grained, grey-white 
colour, well sorted, 
micaceous grains 
present. Rare mud 
drapes (~2mm) present 
 
Good 
 
 
 
 
 
F2 
Sandstone, 
predominantly fine 
grained, grey with 
occasional yellow 
discolouration. 
 
 
 
Moderate 
 
 
 
 
F3 
Very fine sandstone 
intercalated with 
occasional mud 
laminations. Locally 
rippled and cross 
laminated. Occasional 
mud drapes (~2mm) 
present. 
 
 
 
Poor 
 
 
 
 
F4 
Coarse grained 
sandstone (occasional 
>0.5mm grains), poorly 
sorted, locally emplaced 
rounded to subrounded 
mud clasts and pebbles 
(3-5mm). 
 
 
 
Good 
 
 
 
 
F5 
Very coarse grained 
sandstone (1mm grain 
size), moderate to poorly 
sorted, grey in colour, 
locally emplaced 
subrounded mud clasts 
(brown-black colour) and 
pebbles (~5mm) 
 
 
 
Moderate-Good 
 
 
 
 
 
F6 
Granule (2-4mm) to 
pebble (>5mm) 
conglomerate 
(apparently monomict), 
individual rounded to 
subrounded clasts of 
mud ( brown-black) set in 
a medium-coarse grained 
grey sandstone matrix. 
 
 
 
 
Good 
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F7 
Intercalated medium 
sandstone (grey colour) 
and silt (grey-light brown, 
gritty but often becoming 
muddy) laminated, 
occasionally cross 
laminated. 
 
 
 
Fair 
 
 
 
 
F8 
siltstone, dark grey 
colour, with occasional 
mud drapes (1-3mm) 
 
 
 
Poor 
 
 
 
 
F9 
Mudstone, massive but 
often laminated, colour 
variations of dark 
grey/green/red colour, 
burrowing evident. 
 
 
 
Non Reservoir 
 
 
 
F10 
Steady alternation of 
medium (>0.25mm) and 
coarse (>0.5mm) grained 
light grey sandstone 
 
 
Good 
 
 
No picture available 
 
 
F11 
Steady alternation of fine 
(<0.25mm) and medium 
(>0.25mm) grained light 
grey sandstone 
 
 
Good 
 
 
No picture available 
 
5.4.1 LITHOFACIES OF ALL WELLS 
The various cored sections, as seen in wells F-AH1, F-AH2, F-AH4, and F-AR2 have been 
described or classified according to lithofacies variations distinguished on a basis of grain 
size, colour, and sedimentary structures.  
A summary table of identified lithofacies for all the investigated wells is presented in table 
5.6 below.   
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Table 5. 6  Summary of identified lithofacies for investigated wells 
Well 
name 
Lithofacies Lithology Grain class 
Grain size 
(mm) 
Sorting Colour 
F-AH1 
F1 Sandstone Medium 0.27 Well Grey/white 
F2 Sandstone Fine 0.128 Very well Grey/yellow 
F3 Sandstone Very fine 0.1 Very well Grey/white 
F4 Sandstone 
Coarse 
grained 
0.6 Poor Grey 
F5 Sandstone Very Coarse 1 
Moderate 
to poor 
White 
F6 Conglomerate 
Granule-
Pebble 
2-10 Very poor 
Grey matrix, 
brown/black pebbles 
F7 
Mixed Sand 
and Silt 
Medium and 
fine 
0.01-0.26 
Well to 
very well 
Grey/light brown 
F8 Siltstone Fine-very fine 0.01 
 
Dark grey 
F9 Mudstone Very fine >0.003 
 
Dark grey/green/red 
F-AH2 
F1 Sandstone Medium 0.27 Well Grey/white 
F2 Sandstone Fine 0.128 Very well Grey/yellow 
F3 Sandstone Very fine 0.1 Very well Grey/white 
F4 Sandstone 
Coarse 
grained 
0.6 Poor Grey 
F5 Sandstone Very Coarse 1 
Moderate 
to poor 
White 
F7 
Mixed Sand 
and Silt 
Medium and 
fine 
0.01-0.26 
Well to 
very well 
Grey/light brown 
F9 Mudstone Very fine >0.003 
 
Dark grey/green/red 
F-AH4 
F1 Sandstone Medium 0.27 Well Grey/white 
F2 Sandstone Fine 0.128 Very well Grey/yellow 
F3 Sandstone Very fine 0.1 Very well Grey/white 
F4 Sandstone 
Coarse 
grained 
0.6 Poor Grey 
F5 Sandstone Very Coarse 1 
Moderate 
to poor 
White 
F6 Conglomerate 
Granule-
Pebble 
2-10 Very poor 
Grey matrix, 
brown/black pebbles 
F9 Mudstone Very fine >0.003 
 
Dark grey/green/red 
F-AR2 
F1 Sandstone Medium 0.27 Well Grey/white 
F2 Sandstone Fine 0.128 Very well Grey/yellow 
F3 Sandstone Very fine 0.1 Very well Grey/white 
F4 Sandstone 
Coarse 
grained 
0.6 Poor Grey 
F6 Conglomerate 
Granule-
Pebble 
2-10 Very poor 
Grey matrix, 
brown/black pebbles 
F8 Siltstone Fine-very fine 0.01 
 
Dark grey 
F9 Mudstone Very fine >0.003 
 
Dark grey/green/red 
F10 Sandstone 
Medium and 
Coarse 
0.25-1 
Well to 
moderate 
Grey/white 
F11 Sandstone 
Fine and 
Medium 
0.125-0.3 Well sorted Grey/white 
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Nine lithofacies were identified within wells F-AH1 (F1 to F9) and F-AR2 (F1 to F4, F6, and 
F8 to F11), eight in F-AH2 (F1 to F5 and F7 to F9), and seven within F-AH4 (F1 to F6 and 
F9). From table 5.6 above, Facies 1 to 4 was prevalent in all wells. The facies were largely 
sandstone, varied from coarse to very fine grain sizes, and were commonly well sorted. Based 
on core porosity and permeability data, Facies F1 and F2 were interpreted as having the best 
reservoir quality sandstones as they were minimally affected by clay content, they were 
extensive over the study area, and were well sorted to potentially allow free flow of 
hydrocarbons. Facies F5 was very coarse sandstone, of moderate-good reservoir quality and 
identified in every well excluding F-AR2. Facies F6 was a conglomerate with brown/black 
sub-rounded mud clasts, and poor sorting. F6 was found to be in wells F-AH1, F-AH4, and F-
AR2, having good reservoir lithology. Facies F7 comprised intercalated medium grained 
sandstone and fine silt particles found in wells F-AH1 and F-AH2. F7 is of fair reservoir 
quality but largely dependent on where the sandstone portion is dominant and of sufficient 
thickness. Facies F8 and F9 are siltstones and mudstones. Both facies comprise non-reservoir 
type lithology with extremely fine grain sizes. F8 was common in wells F-AH1 and F-AR2. 
F9 was extensive over all the wells and was interpreted to a potential sealing mechanism if 
found in sufficient thickness and not fractured. Facies F10 and F11 are both well sorted 
sandstones of alternating grain size that were common in well F-AR2. F10 comprised an 
alternation of medium and coarse grained sandstones of light grey colour. F11 alternated in 
fine and medium grained sandstones of a grey/white colour.  
Figures 5.2 and 5.3 below summarise the facies identified per well. Refer to Appendix A for 
a breakdown of the cores that were described and used for the generation of these summary 
logs. 
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Figure 5. 2  Identified facies for wells F-AH1 and F-AH2
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Figure 5. 3  Identified facies for wells F-AH4 and F-AR2 
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In Figures 5.2 and 5.3 above, the gamma ray and self-potential curves are displayed in track 
1, the depth reference is displayed in the second track, caliper log in the third track, the 
porosity curves are displayed in the fourth track, the permeability curve is displayed in the 
fifth track, and finally the facies are represented in the sixth track. The investigated cored 
sections were largely sandstones with intercalations of silt and mud.  
 
5.5 ANALYSIS OF CORE RESULTS 
5.5.1 GRAIN DENSITY ANALYSIS 
Within a core sample, sedimentary grains of varying sizes exist along with void spaces within 
these grains. The grain density is a measure of the density of the solid material (grains) 
contained within the core sample, where the void spaces and contained fluids are omitted. 
Values of grain density were calculated from the dry weight and grain volume taken from 
various core plugs. Values will differ according to the density and quantity of the mineral 
components. F-AH4 was the only well that contained recorded core plug grain density data 
Histograms were therefore plotted on a core to core basis to observe internal variations within 
this well (Figure 5.4). Common lithological matrix densities are expressed in table 5.7 below: 
Table 5. 7 Common lithology and associated grain density values (Schlumberger, 2003; in Opuwari 2010) 
Lithology 
Matrix value 
(g/cm3) 
Clay Minerals 2.02 – 2.81 
Chlorite 2.81 
Illite 2.61 
Kaolinite 2.55 
Smectite 2.02 
Coal 1.19 
Halite 2.04 
Sandstones(quartz) 2.65 
Limestones 2.71 
Dolomites 2.85 
Orthoclase 2.57 
Plagioclase 2.59 
Anhydrite 2.98 
Siderite 3.88 
Pyrite 4.99 
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Figure 5. 4  Grain density histogram plots of investigated core sections for well F-AH4 
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Observation of core 1 grain density results (Figure 5.4) show a range from 2.61 g/cc to 2.77 
g/cc. Within core 2 the grain density ranged from 2.64 g/cc to 2.67 g/cc. Core 3’s grain 
density ranged from 2.57 g/cc to 2.66 g/cc. Core 4 was a short section of only 2 core boxes 
and only two readings of 2.65 g/cc and 2.66 g/cc were taken, indicating quartz rich sand, 
confirmed from core photos (Appendix A).  
The average values over each cored section were relatively constant at 2.65 g/cc, excluding 
core 3 that had an average grain density of 2.64 g/cc. The mean value of 2.65 g/cc confirmed 
that the cored sections were largely clean quartz sandstones that could potentially be of 
reservoir quality (table 5.7).  
The standard deviation shows how far the dataset deviates from the actual mean value. The 
standard deviation of cores 1 to 3 and 5 are 0.02317, 0.00865, 0.01945, and 0.01676. 
Deviation of grain density was relatively low and indicated that the lithology was not highly 
variable over the cored sections. This observation was expected as the cored sections all 
belonged to the same well and were cut in sandstone. Values that deviated from the mean 
represented variable clays or calcite that mixed with the sandstone. An example of calcite 
influence was seen in core 1, where a reading of 2.73 g/cc at a depth of 2383.86 m was 
interpreted. Calcite cement forms between grains and may negatively impact porosity and 
permeability. An example of clay-sand mixing was observed in core 3, where a recurring 
value of 2.63 g/cc was found at a depth range from 2406.89 m to 2410.71 m. This was 
confirmed by the clay type striations and drapes seen within these depths on the core. 
In summary, the presence of calcite and dolomite appear to be minor, relating to a low 
occurrence of calcium carbonate cement. Core 1 displayed the highest standard deviation, 
possibly accounting for the calcite influence of the formation, or a wider range of lithology 
present. It should be noted that only 2 readings were taken for core 4, representing a skewed 
answer in comparison to the mean values for the rest of the cored section. Core 1’s mean, in 
comparison to core 4 for example, is represented over a higher count of matrix density 
readings. Core grain density data and core description are commonly used together to confirm 
prognosed lithology. In the event that visual core description is not available, grain density 
analysis may be used to identify overall lithology. Table 5.8 summarises the grain density 
statistics over the 5 cores of Well F-AH4. 
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Table 5. 8  Summarised grain density statistics for investigated core sections of well F-AH4 
Well F-AH4 
Core 
number 
Grain density (g/cc) 
Minimum Maximum Mean 
Standard 
deviation 
Core 1 2.61 2.77 2.65 0.02317 
Core 2 2.64 2.67 2.65 0.00865 
Core 3 2.57 2.66 2.64 0.01945 
Core 4 2.65 2.66     
Core 5 2.55 2.66 2.65 0.01676 
 
5.5.2 CORE POROSITY RESULTS 
The concept of porosity has been briefly discussed in chapter 4. Porosity has been defined by 
Lucia (2007) as the percentage, or the ratio of void space to the solid rock. The more void 
spaces that a reservoir rock has, the more potential the rock has to contain hydrocarbons. 
Aside from hydrocarbons, the reservoir rock may be subject to contain water or other fluids.  
Selley (1998) described three types of pore based on morphology namely: caternary, cul-de-
sac, and closed; pores that are either related effective or closed porosity. The pore spaces 
themselves are determined by various factors and how they relate with one another. These 
factors include: grain size distribution, grain sorting, shape, and orientation (Djebbar, 1999). 
Calcite cementation, quartz overgrowths, and sediment compaction are amongst the main 
causes for porosity reduction. There are various methods of measuring porosity. Porosity for 
the wells used in this study was determined using the helium gas expansion method as it was 
the most accurate means of measuring porosity. This was done by using a dried sample that 
has been placed in a chamber of known volume. The pressure is measured with and without 
the sample, keeping the gas volume constant. The difference in pressure indicates the pore 
volume. A general classification scheme for sandstone reservoir quality is provided in table 
5.9 below. 
Table 5. 9  Sandstone reservoir classification based on porosity (After Aref, 2011 and Sub-surfrocks.co.uk, 2009) 
Porosity 
(%) 
Sandstone reservoir 
quality 
< 10 Poor 
10 - 20 Fair 
20 - 35  Good 
> 35 Excellent 
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5.5.2.1 Well F-AH1 Porosity 
Within Well F-AH1, the core porosity values range between 0.4 % and 11.7 % within the 
cored section. The low porosity values (Figure 5.5 A, B, and C) may be accounted to silt or 
interbedded mud lamina of the cored section. Facies F7 and F3 were interpreted as having the 
greatest effect of bringing the overall porosity down, as seen in Figure 5.5 A. These facies 
comprise interlaminated silts and fine sands. Interlaminated muds (F9), though not apparent 
in Figure 5.5 A, should not be excluded from the assumption of having an effect on the 
investigated sand core as minor amounts have the ability to influence test results High 
porosity values in turn are related to the massive sandstones, though variable in coarse-to-fine 
sand facies, are nevertheless hosts for good porosity. It is clear that the porosity decreases 
with increased depth (Figure 5.5 A), relating to compaction of sediments during burial when 
pore space is reduced.  
The histogram (Figure 5.5 C) porosity is represented in fractional units. This diagram shows 
an average porosity of 6.39 % + 2.69 %. A cause for such high standard deviation in porosity 
may be attributed to the variable lithology of differing porosities in the formation. The high 
cumulative frequency falls within the sandy interval and has a good porosity average, 
indicating that the tested core section is predominantly sandy.  
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5.5.2.2 Well F-AH2 Porosity 
There is a noticeable trend of deceasing porosity with depth, most likely due to compaction of 
sediments decreasing the porosity. The lower values of porosity (less than 10 %), relate to a 
wide variety of facies types (Figure 5.6., A and B) representing different graded sandstones 
(F1 to F5). How these facies differ from the higher porosity sandstones of equivalent facies 
may be related to a muddy or carbonate influence, thereby reducing the porosity measured. A 
particular point to note is the high porosity F9 mudstone facies that lies at 2445 m with 13 % 
porosity. A corresponding high permeability of 45 mD (see section 5.5.3.2 below) for this 
facies at the same depth confirms that this data point is erroneous as the core indicates 
mudstone and lacks fracturing. A possibility exists where the core was tested in a transition 
from sandstone to mud, where the porous and permeable sandstone affected the 
measurement. A mixture of fine, medium, and coarse grained sandstones form the bulk of the 
formation that is fair in porosity, reaching up to 17 % (Table 5.9). There was no apparent 
strong influence of mud in the formation, with exception to facies 9 (mudstone) located at a 
depth ranging between 2444.8 m and 2475 m representing a porosity of approximately 13 %. 
Mudstones are expected to have very low porosity values; therefore this high value porosity 
reading was erroneous as there was no notable fracturing within this section to substantiate it. 
On an overall scale, porosity values range between 6.5 % and 17.2 % within the entire cored 
section. 
The histogram (Figure 5.6 C) shows an average porosity of 11.84 % + 2.64 %. The highest 
cumulative frequency of 14 % falls within the sandy interval of fair porosity. Generally the 
formation is sandstone dominated with varying grain sizes. The cored section displays a 
relatively fair overall porosity that is ideal for a reservoir.  
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Figure 5. 6 Various core results of F-AH2. A= Plot of core porosity versus depth; B= Facies plot; C= Histogram of core porosity. 
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5.5.2.3 Well F-AH4 Porosity 
Porosity appeared to be relatively constant (between 9 % and 16 %) between depths of 2410 
m and 2428 m (Figure 5.7 A and B), thereafter rapidly decreasing in porosity (around 5 %) to 
a depth of 2441 m. On an overall scale, the porosity values ranged between 3.4 % and 20 % 
within the cored section. There appears to be medium, fine, and coarse grained sandstones 
with minor conglomerates (F1, F4, and F6) down to a depth of 2426 m where the porosity 
values are constrained between (9 % and 16 %). Thereafter, there was a presence of 
conglomerates (F6) with minor muds (F9). It was at this point where the porosity values 
decreased rapidly with depth to around 5 % (depth range of 2428 m and 2441 m), where the 
facies were predominantly fine grained sandstone (F2) with minor medium grained sandstone 
(F1) and very fine sandstone (F3). This finer sandstone may have been influenced by muds 
mixed with conglomerates in the top adjacent layers, thereby relating to a rapid decrease in 
porosity coupled by compaction with greater depths.  
The histogram (Figure 5.7 C) shows an average porosity of 13.44 % + 3.19 %, representing a 
fair reservoir quality. The highest cumulative frequency of 14 % falls within the sandy 
interval. The lowest porosity value of 3 % corresponds to the fine sandstones that have a mud 
influence and are of poor reservoir quality. Again, the formation is generally sandstone 
dominated with varying grain sizes.  
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Figure 5. 7 Various core results of F-AH4. A= Plot of core porosity versus depth; B= Facies plot; C= Histogram of core porosity. 
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5.5.2.4 Well F-AR2 Porosity 
Within Well F-AR2, the core porosity values ranged between 2.1 % and 16 % within the 
cored section. Figure 5.8 A represents a clearer trend observing a general decrease in porosity 
with depth in comparison to F-AH2. The facies groupings are well constrained, showing a 
movement from medium-coarse sandstone to predominantly medium sandstone, alternating 
fine sandstone with conglomerate, with an influence of silt as the depth increases. The low 
porosity values (Figure 5.8 A, B, and C) may be accounted to silt influenced parts of fine 
sandstone that record a less than 5 % porosity in the cored section at a depth of 2700 m. High 
porosity values in turn are related to the massive medium –to-coarse sandstones, where 
porosity is greater than 10 %. It is clear that the porosity decreases with increased depth 
(Figure 5.8 A), relating to compaction of sediments during burial when pore space is reduced, 
as well as influence of silt material which may also reduce porosity.  
An average porosity of 11.28 % + 3.49 % was detected in the histogram (Figure 5.8 C). The 
highest cumulative frequency ranges between 12 % and 13 %. The average porosity of 11.28 
% indicates a relatively fair porosity throughout the cored interval.  
It is apparent that all the investigated wells fell within a fair class of core porosity as dictated 
by Table 5.9, with exception to well F-AH1 that represented poor average porosity.  
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Figure 5. 8 Various core results of F-AR2. A= Plot of core porosity versus depth; B= Facies plot; C= Histogram of core porosity 
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5.5.2.5 Porosity distribution for all wells 
In Figure 5.9 below there are no clear defined groupings of porosity values. The highest 
frequency of porosity values was at 14 %. Well F-AH4 displayed the highest recorded 
porosity of 20 %, whereas Well F-AH1 measured the lowest recorded porosity of 0.4 %. The 
lower measured porosity values may be accounted to the influence of mud and silt 
laminations as well as calcite overgrowths which effectively reduce porosity by infill of the 
reservoirs pores. The general trend shows that the porosity values predominantly fall above 
10 %, which is fair in terms of reservoir quality. The mean porosity over all wells in this 
study is 11.8 % which furthermore shows the relatively fair porosity throughout the study 
area. The relatively high porosity readings that range between 14 % and 20 % correspond to 
clean sandstones where mud and silt influence is low. 
 
Figure 5. 9 Core porosity histogram plot for all studied wells. 
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5.5.3 CORE PERMEABILITY RESULTS 
A rock of high porosity may very well be unreliable for field development. Therefore, 
permeability of the reservoir is an additional characteristic factor to analyse. Permeability is 
described by how well pore spaces are interconnected naturally, and by fractures that 
occurred sometime after the rock’s formation. The permeability is typically controlled by 
grain shape, grain size distribution, grain shape, packing arrangement, degree of cementation, 
and influence of clay. Permeability is particularly important in that it allows fluids 
(hydrocarbons, water, etc.) to travel through pores, making extraction easier and field 
development more economical. Within a reservoir rock the permeability may vary from 
below 1 mD to greater than 1000 mD.  
The plugs were typically placed into a sleeve and a cylinder, where the pressure sleeve allows 
for parallel flow of injected gas or liquid. The injected fluid flows in the plug from an inflow 
pressure through the plug to an atmospheric pressure, where the permeability is calculated 
from Darcy’s law (usually as permeability to liquid or air.)  
Permeability is generally measured in both a horizontal and vertical direction. In most cases 
the horizontal permeability is used because it best represents the flow of fluids that move 
parallel to the bedding. The permeability was plotted on a log scale versus depth and will be 
discussed below. The permeability classification scheme used in defining the quality of a 
reservoir is shown in table 5.10 below. 
Table 5. 10  Sandstone reservoir classification based on permeability (Djebbar, 1999) 
Permeability 
(mD) 
Classification 
< 1 Poor 
1 - 10 Fair 
10 - 50 Moderate 
50 - 250  Good 
> 250 Excellent 
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5.5.3.1 Well F-AH1 Permeability 
At depths ranging between 2415 m and 2427 m a good reservoir facies assemblage (F1with 
minor F2) is observed, representing medium sandstone with mixed minor fine sandstones 
(Figure 5.10 A and B). Here the permeability for this depth interval ranges between 10 mD 
and over 100 mD, confirming the moderate to good reservoir quality for the sandstones. 
Facies F1, F4, F5, and F6 correspond to medium sandstone, coarse sandstone, very coarse 
sandstone, and conglomerate respectively. These facies lie at depths ranging between 2472 m 
and 2451 m, again representing a moderate to good permeability that lie between 10 mD and 
100 mD. With increased depth, facies F2 and F7, representing fine sandstones and silty 
sandstones, show a low permeability that lie below 0.1 mD. This low permeability may be 
explained by the silt and perhaps minor mud influence that effectively destroys permeability.  
In the histogram displayed in Figure 5.10 C, the maximum and minimum recorded 
permeability was 232 mD and 0.03 mD respectively. The highest recorded frequency of 
permeability values was that of 120 mD. The average permeability over the cored section of 
this well is 7.5 mD which rates as a fair reservoir quality. 
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Figure 5. 10 Various core results of F-AH1. A= Plot of core permeability versus depth; B= Facies plot; C= Histogram of core permeability. 
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5.5.3.2 Well F-AH2 Permeability 
An immediate observation was the F9 mudstone facies that showed a high permeability of 45 
mD at 2445 m. Mudstones are commonly of low permeability and less than 0.1 mD in most 
cases. Special cases exist where the mudstones are highly fractured and induce higher 
permeability than expected. The core sections were intact and no evidence of mudstone 
fracturing existed. Therefore, it was established that the permeability reading at that specific 
test point was erroneous. 
The maximum recorded permeability as seen in the histogram (Figure 5.11 C) is 527 mD and 
is expressed as excellent permeability at a depth of 2370 m. Such high permeability is, 
however, not abundant over the test section. Observation of minimum and maximum 
permeability indicated that great variability exists over the test depth and range in class from 
fair to excellent, as the minimum permeability is 1.02 mD. An average permeability yields a 
more realistic expectation at 28 mD, representing a moderate permeability.  
Fine and medium sandstones, as seen in Figure 5.11 A and B, represented facies F1 and F2 of 
permeability between 1.02 mD and 406 mD and were intercepted at a depth range between 
2376 m and 2407 m. At a depth range between 2414 m to 2422 m, facies F4 corresponds to 
coarse sandstone representing a better permeability that lie between 10 mD and ~100 mD. 
Two main groupings of facies 1 medium sandstones lie at depth ranges of 2367 – 2400 m and 
2424 - 2443 m. The shallow depth grouping shows a range between 10 – 527 mD whereas the 
deeper depth grouping shows a wider range of permeability between 1 – 400 mD. A notable 
remark is the trend of decreasing permeability with depth (Figure 5.11 A).  
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Figure 5. 11 Various core results of F-AH2. A= Plot of core permeability versus depth; B= Facies plot; C= Histogram of core permeability 
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5.5.3.3 Well F-AH4 Permeability 
In comparison with all other investigated wells, the highest range of permeability was 
interpreted in this well between 0.001 mD and 2767 mD (Figure 5.12 C). High permeability 
between 100 mD and 2767 mD at a depth range between 2405 – 2429 m were largely 
attributed to F1 medium grained sandstone, F4 coarse grained sandstone and F6 
conglomerate. The facies at this depth were considered to be of excellent permeability and 
were in sufficient number to justify this permeability class (Figure 5.12 A and C). These 
facies  
The facies range for the entire tested section is variable, but the histogram shows that a higher 
frequency of permeability values lie in the range of 10 mD and 100 mD, corresponding to 
good quality permeability for sandstones. At a depth of 2429 m, facies F6 and F9 correspond 
to conglomerate and mudstone representing poor to fair permeability (less than 10 mD). An 
interesting observation was the mudstone facies that were at higher permeability than the F2 
fine grained sandstones located between 2429 m and 2443 m at a permeability range of 0.01 
– 1 mD. Muds were possibly interlaminated with minor very fine and medium sandstone that 
elevated permeability readings at 2429.4 m. The F2 fine sandstone facies represent poor 
quality reservoir sands that may have been influenced by calcite cement and/or minor mud 
particles. Compaction appears to have played a large role of decreasing permeability of the 
core with depth as a clear trend in Figure 5.12 A was observed. The average permeability 
over the cored section of this well is 31 mD which rates as a moderate reservoir quality. 
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Figure 5. 12 Various core results of F-AH4. A= Plot of core permeability versus depth; B= Facies plot; C= Histogram of core permeability 
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5.5.3.4 Well F-AR2 Permeability 
Medium-coarse grained mixed sandstone (Figure 5.13 A and B) at depths between 2667 m 
and 2671 m show a fair to good reservoir facies assemblage (predominantly F10) in terms of 
permeability class, where permeability ranges between 3 mD and 160 mD. Test values of F11 
alternating fine and medium sandstones as well as F1 medium grained sandstones largely 
cluster between 50 - 250 mD (Figure 5.13 A) representing a good overall permeability for 
majority of the cored section. The average permeability of 65 mD over the cored section 
(Figure 5.13 C) confirms the good reservoir quality seen in Figure 5.13 A. Maximum and 
minimum recorded permeability was 0.02 mD and 250 mD respectively. The highest 
recorded frequency of permeability is 126 mD.  
At a depth range of 2700 m 2702 m, facies F2 and F8 represent fine sandstone with minor silt 
influence. Here the permeability range is between 0.05 mD and 11 mD, representing a poor to 
fair quality reservoir in terms of permeability.  
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Figure 5. 13 Various core results of F-AR2. A= Plot of core permeability versus depth; B= Facies plot; C= Histogram of core permeability 
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5.5.3.5 Permeability distribution for all wells 
In Figure 5.14 below there appears to be two clear defined groupings of permeability values. 
The first grouping was classed as the lower set of permeability, ranging between 0.001 mD 
and 1 mD. Here, the lower permeability grouping corresponds to lithology affected by mud or 
calcite overgrowths that destroy permeability. The highest frequency of permeability values 
fall at 43 mD, 112 mD, and 155 mD. Well F-AH4 displayed the highest recorded 
permeability of 2767 mD, as well as the lowest recorded permeability of 0.001 mD. The 
general trend showed that the permeability values predominantly fell above 10 mD and below 
1000 mD, which is exceptionally good in terms of reservoir quality. The mean core 
permeability over all wells in this investigation is 22 mD which furthermore shows the 
relatively moderate to good permeability throughout the study area. The high permeability 
readings correspond to generally clean massive sandstones where mud and silt influence is at 
a minimum. 
 
 
 
 
 
 119 
 
 
Figure 5. 14 Core permeability histogram plot for all studied wells 
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5.5.4 CORE FLUID SATURATION RESULTS 
When a rock is porous, these pore spaces may contain fluids within them. Typical fluids 
within a rock would include variable fractions of oil, gas, and water. The formation saturation 
is the part of rock pore volume that contains fluid. The water saturation is usually denoted by 
the symbol Sw, oil saturation is denoted by the symbol So, gas saturation is denoted Sg, and 
hydrocarbon saturation is denoted by the symbol Sh. All saturation variants within a rock will 
add up to 100 %. The water saturation may vary below 100 % to a smaller percentage since a 
rock will always contain a minor amount of bound water that cannot be removed due to 
capillary pressure. When a reservoir is tapped for hydrocarbons, not all hydrocarbons can be 
removed as a certain amount will also be trapped within the pore volume (known as residual 
oil saturation). End trims of the core plug are heated and an organic solvent is used to extract 
pore fluids to determine the fluid saturation.  
 
5.5.4.1 Well F-AH1 Fluid Saturation 
The formation core of well F-AH1 was found to be saturated with 3 types of fluid namely gas 
(Sg), water (Sw), and minor oil (So). The average saturation of water (Sw) measured was 36 
%, gas saturation (Sg) of 61 %, and oil saturation (So) of 3 % may be found over the cored 
section of this hole. The saturation results are displayed in Figure 5.15 (A and B) below. The 
trend of fluid saturation with depth appears to change with differing fluids. The gas saturation 
decreases with depth, from over 80 % to approximately 20 % at a depth ranging between 
2413 m and 2462 m. The water saturation increases from 10 % to 80 % for the same depth 
range. There were minor amounts of oil saturated at depths between 2437 m and 2450 m, 
indicating a general decrease with depth. At a depth of 2413 m and 2437 m, the gas saturation 
lies between 60-80 % and is gas dominant. At a depth range of 2437-2450 m, the formation is 
mixed with gas, water, and minor oil. Here, these measurements are fairly constant for that 
depth range, suggesting a transition zone. At a depth range of 2450-2462 m, the water 
saturation ranges between 50-79 % and is water dominated.  
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Figure 5. 15 Well F-AH1 core saturation versus depth 
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5.5.4.2 Well F-AH2 Fluid Saturation 
The interval between 2367 m and 2436.82 m was largely dominated by gas and water in the 
formation where F1 to F5, F7 and F9 type facies existed. This depth range saw a fluctuation 
between gas and water. A decrease in gas saturation was accompanied by an increase in water 
saturation at a depth range between 2367 m and 2405 m from ~60 % to ~55 %. Thereafter, 
the gas saturation increased from ~ 55 % to 65 % down to a depth of 2436.82 m. With depth 
another decrease was observed from over 65 % to approximately 30 % at a depth ranging 
between 2436.82 m and 2459.35 m. In addition, it should be noted that over these same depth 
ranges, the water saturation was fluctuating at an equal but opposite manner to the gas 
saturation levels.  
The average saturation of water (Sw) measured over the entire cored section was 42 %, gas 
saturation (Sg) of 57 %, and oil saturation (So) of 1.10 %. The saturation results are displayed 
in Figure 5.16 (A and B) below. The water saturation remained relatively constant at a depth 
range between 2365 m and 2436.82 m at approximately 40 %, thereafter increasing from 40 
% to 70 % between 2436.82 m and 2459.35 m.  
Oil was only observed to be introduced into the system at a depth of 2436.82 m. At this 
depth, oil saturation was at ~10 %, thereafter decreasing with depth down to ~7 % at 2442.4 
m.  
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Figure 5. 16 Well F-AH2 core saturation versus depth 
 
FACIES  1 
FACIES  2 
FACIES  5 
FACIES  4 
FACIES  3 
FACIES 7 
FACIES  8 
FACIES  9 
F-AH2Scale : 1 : 300
DEPTH (2367.23M - 2460.96M) 7/14/2014 13:43DB : IP BREDASDORP DATABASE (2)
1
GR (GAPI)
0. 200.
SP1 (MEGV)
-200. 200.
2
DEPTH
(M)
3
CALI
6. 16.
4
PhiDen (dec)
0. 0.35
PhiNeu (dec)
0. 0.35
PhiSon (dec)
0. 0.35
core PORO ()
0. 0.35
5
Est K (mD)
0.001 10000.
core PERM L ()
0.001 10000.
9
reservoir 1
reservoir 2
2370
2375
2380
2385
2390
2395
2400
2405
2410
2415
2420
2425
2430
2435
2440
2445
2450
2455
2460
B 
WELL F-AH2
Plot of Fluid Saturation versus Depth
Multi well Interval plot
0. 0.2 0.4 0.6 0.8 1.
Fluid Saturation (Fraction)
2462.
2443.
2424.
2405.
2386.
2367.
D
e
p
th
 (
m
)
204 points plotted out of 1794
Well Depths
(2) F-AH2 2368.62M - 2459.64M
(2) F-AH2 2368.62M - 2459.65M
(2) F-AH2 2368.62M - 2459.65M
 
 F1, & F9 
 
F1 to F5, F7, & F9 
A 
 
 
 
 
 124 
 
5.5.4.3 Well F-AH4 Fluid Saturation 
Similar to the previous investigated wells above, the core of well F-AH4 was also found to be 
saturated with gas (Sg), water (Sw), and minor quantities of oil (So). At a depth range 
between 2367 m and 2413 m, a large portion of the water and gas test points show a tighter 
packed fluctuation between 45 % and 55 % saturation (Figure 5.17 A). Here the fluctuation 
between water and gas saturation is not as wide when compared to the rest of the wells. 
Where the gas and water saturation remained relatively constant, it was suspected that this 
section was a transition zone. Thereafter, the gas was observed to decrease with depth from 
~55 % to 26 % down to a depth of 2439.66 m with an accompanied increase of water 
saturation from ~30 % to ~75 % for the same depth window. Minor quantities of oil were 
interpreted to appear at a depth of 2400.65 m and were present in the core down to 2430.46 
m.  
The average saturation of water (Sw) measured was 49.6 %, gas saturation (Sg) of 50 %, and 
oil saturation (So) of 0.39 % found over the cored section of this hole.  
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Figure 5. 17 Well F-AH4 core saturation versus depth 
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5.5.4.4 Well F-AR2 Fluid Saturation 
Observation of all the previously investigated wells yielded minor amounts oil, ranging from 
0.39 % to 3 % on average per well. Well F-AR2 represents a different case. Only gas and 
water were observed to exist in the entire core section of well (Figure 5.18).  
The fluctuation pattern of this well appeared to show a similar pattern to that of wells F-AH1 
and F-AH2. Well F-AH2 showed a closer resemblance as the fluctuation pattern was within ~ 
30 % difference between gas and water saturations. The gas saturation remains relatively 
constant at a depth range between 2666 m and 2693 m at approximately 60 %, thereafter 
decreasing with depth, from over 60 % to approximately 20 % at depths ranging between 
2693 m and 2702 m. Additionally, the water saturation remained relatively constant at a 
depth range between 2666 m and 2693 m at approximately 40 %, thereafter increasing from 
40 % to 80 % between 2693 m and 2702 m. Constant water and gas saturation was similarly 
observed within well F-AH4. Again, where the gas and water saturation remained relatively 
constant, it was suspected that this section is a transition zone. The average saturation of 
water (Sw) measured was 44.33 % and a gas saturation (Sg) of 56 % was interpreted over the 
cored section of this hole. 
Wells F-AH1 through to F-AH4 all belong to the closure and producing field, whereas well 
F-AR2 lies within a separate domal closure to the previous wells. The difference in closure 
settings may be the reason for oil being present in the F-AH wells and not well F-AR2. 
Depositional settings may be similar, but structural and stratigraphic mechanisms that were 
imposed during and after deposition of source rocks may have been conducive for oil 
production in the F-AH field. Additional delineation well data and history cases on the F-AR 
field are needed to reinforce this assumption.  
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Figure 5. 18 Well F-AR2 core saturation versus depth 
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5.5.5 COMPARISON OF POROSITY-PERMEABILITY AND FACIES 
DISTRIBUTION 
The porosity-permeability cross plots are important in that it allows a trend in the 
relationship, if any, to be identified. Coupled with facies cross plotting, different rock types 
may be identified. Within this contribution of work, the porosity is plotted on the x-axis 
(Linear scale) in fractional units whereas the permeability is plotted on the y-axis (Log scale) 
in Millidarcy (mD), and the facies (1 to 11 identified facies) plotted on the z-axis. 
 
5.5.5.1 Porosity-Permeability and Facies distribution of Well F-AH1 
The core permeability was plotted in log scale on the y-axis against the core porosity in linear 
scale on the x-axis, and facies on the z-axis as shown in Figure 5.19 below. 
 
Figure 5. 19 Porosity-Permeability and facies plot for Well F-AH1 
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of porosity and permeability relationships. Facies 3 and 7 correspond to very fine sandstone 
and silty-sand. Here, the porosity and permeability will be low due to the finer grain size and 
silt influence. The porosity and permeability fall below 4 % and 4 mD for this grouping.  
The Porosity-permeability relationship of the interval is fair with a correlation coefficient of 
R²= 0.6663 .The following relationship was established from the regression analysis plot:  
 
Log (K) = -1.4056+35.8453*PorosityF-AH1  
Or:  
K = 10^ (-1.4056+35.8453*PorosityF-AH1) ……………….. (5.1) 
Where: 
K= Permeability (mD)  
R = Correlation coefficient 
 
5.5.5.2 Porosity-Permeability and Facies distribution of Well F-AH2 
The core permeability was plotted in log scale on the y-axis against the core porosity in linear 
scale on the x-axis, and facies on the z-axis as shown in Figure 5.20 below. 
 
Figure 5. 20 Porosity-Permeability and facies plot for Well F-AH2 
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No distinct porosity-permeability groupings could be identified within Well F-AH2. Cut-off 
values of 10 % porosity and 10 mD were established where any values above the cut-off 
would deem moderate to good porosity and permeability. Any values below this cut-off were 
flagged as poor porosity and permeability. Facies 1 to 5, 7 and 9 all correspond to good 
porosity-permeability values where most fell above 10 % porosity and 10 mD permeability. 
Of particular note is facies 9 which falls within the grouping of good porosity and 
permeability. This might be caused by a sand influence that raises the porosity and 
permeability in surrounding beds or laminations. High porosity and permeability are expected 
for the rest of these facies since they are largely porous, where pore spaces are mostly 
interconnected. Below the cut-off, facies 1, 2, and 4 (medium, fine, and coarse sandstone) fall 
within the grouping or lower class of porosity and permeability relationships. Here, the 
porosity and permeability will be low possibly due to the calcite cementation and/or silt 
influence. The Porosity-permeability relationship of the interval is fair with a correlation 
coefficient of R²= 0.5319 .The following relationship was established from the regression 
analysis plot:  
 
Log (K) = -1.0004+20.6690*PorosityF-AH2  
Or: 
K = 10^ (-1.0004+20.6690*PorosityF-AH2) ……………….. (5.2) 
Where: 
K= Permeability (mD)  
R = Correlation coefficient 
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5.5.5.3 Porosity-Permeability and Facies distribution of Well F-AH4 
The core permeability was plotted on a log scale on the y-axis against the core porosity in 
linear scale on the x-axis, and facies on the z-axis as shown in Figure 5.21 below. 
 
Figure 5. 21 Porosity-Permeability and facies plot for Well F-AH4 
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mudstone facies that sits in the region of 12.5 – 15 % porosity and ~ 10 mD permeability. 
Mudstones are known to exibit very poor porosity and permeability relationships. As 
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Here, the porosity and permeability will be low due to the finer grain size and silt influence. 
The porosity and permeability fall lower than 10 % and 0.1 mD for this grouping. Facies 1, 2, 
4, and 6 all correspond to fair porosity-permeability values as a large amount of test values 
exceeded 10 % porosity and 10 mD permeability. 
Porosity permeability relationship of the interval is fair with a correlation coefficient of R²= 
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Log (K) = -4.2069+43.6948*PorosityF-AH4  
Or: 
K =10^ (-4.2069+43.6948*PorosityF-AH4) ……………….. (5.3) 
Where: 
K= Permeability (mD)  
R = Correlation coefficient 
 
5.5.5.4 Porosity-Permeability and Facies distribution of Well F-AR2 
The core permeability was plotted in log scale on the y-axis against the core porosity in linear 
scale on the x-axis, and facies on the z-axis as shown in Figure 5.22 below. 
 
Figure 5. 22 Porosity-Permeability and facies plot for Well F-AR2 
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porosity and permeability fall lower than 6.5 % and 1 mD for this grouping. Facies 1, 2, 10, 
and 11 all correspond to relatively fair porosity-permeability values where most fell above 8 
% porosity and 7 mD permeability. 
Porosity permeability relationship of the interval is relatively good compared to the above 
wells with a correlation coefficient of R²= 0.7916 .The following relationship was established 
from the regression analysis plot:  
 
Log (K) = -2.2395+30.0054*PorosityF-AR2 
Or: 
 K = 10^ (-2.2395+30.0054*PorosityF-AR2) ……………….. (5.4) 
Where: 
K= Permeability (mD)  
R = Correlation coefficient 
 
5.5.5.5 Comparison of Porosity-Permeability and Facies distribution for all wells 
The core permeability was plotted in log scale on the y-axis against the core porosity in linear 
scale on the x-axis, and facies on the z-axis as shown in Figure 5.23 below. An attempt at 
understanding which facies will contribute to hydrocarbon flow was carried out by plotting 
the porosity-permeability relationships over all wells. The data points were variably scattered 
and individual facies groupings were difficult to establish. Two groupings separating good 
and poor porosity-permeability relationships were, however, recognised. 
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Figure 5. 23 Porosity-Permeability and facies plot over all wells 
 
In the high porosity-permeability grouping (upper blue ring), facies 1, 2, 3, 4, 6, 10, and 11 
all fell within this high range. Within this grouping, the facies that stands out or flags an 
overall good response are facies 1 and 11, representing medium and medium-fine sandstones 
respectively. The grouping lies at a porosity-permeability cut-off of higher than 10 % and 10 
mD. These facies, though variable, are all predominantly sandstones with differing grain 
sizes. Facies 2, 3, 7, 8, and 9 all lie in a low porosity-permeability relationship grouping and 
typically fall at a cut-off below 4 % and 0.4 mD. These facies correspond to fine sandstone, 
very fine sandstone, silty sand, silt, and mudstone. The silt, mud, and silty sand facies are 
expected to have low porosity-permeability relationships as they are extremely fine grained 
and would not be viable to flow hydrocarbons. The very fine and fine sandstones found in 
this grouping are possibly mixed with silt or mud. Porosity is independent of grain size but 
decreases with decreased sorting. Permeability is dependent on both grain size and sorting. 
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The porosity-permeability relationship of the interval is relatively moderate to fair with a 
correlation coefficient of R²= 0.5717 .The following relationship was established from the 
regression analysis plot:  
 
Log (K) = -1.6319+25.3208*PorosityF-AH1  
Or: 
K = 10^ (-1.6319+25.3208*PorosityF-AH1) ……………….. (5.5) 
Where: 
K= Permeability (mD) 
R = Correlation coefficient 
Porosity=Porosity (v/v) 
From this analysis it has been observed that similar porosity and permeability values may 
represent different facies. The low porosity and permeability values correspond to poorly 
sorted sediments where finer grains essentially block the porosity and destroy the 
permeability of the larger grains. 
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5.6 SPECIAL CORE ANALYSIS (SCAL) 
Special core analyses are important measurements conducted on sample plugs and aid 
conventional core analysis measurements. The results help to constrain the overall modelling 
and help to understand the reservoir conditions. The SCAL analyses over the studied wells 
were conducted by Halliburton and Core Laboratories UK for Southern Oil Exploration 
Corporation (Pty) Ltd. The general objectives of the analyses were to determine: 
 Routine analysis of Permeability to air, Klinkenberg corrected permeability to air, 
helium injection porosity and grain density measurements on dry core plugs at room 
and overburden conditions. 
 Formation Resistivity Factor (FRF) at room and overburden conditions. 
 Resistivity Index (RI) at room conditions. 
 Air-brine porous plate cell and mercury injection Capillary pressure measurements.  
Room conditions entail analyses under pressure and temperature conditions of core as it is at 
the surface. Overburden measurements are laboratory measurements that are conducted on 
core samples under simulated reservoir conditions (Higher stress, temperature and pressure). 
The overburden pressure is caused by the weight of overlying sediments at the location of 
where the core sample was taken.  
 
5.6.1 POROSITY, PERMEABILITY AND GRAIN DENSITY MEASUREMENTS  
The porosity, permeability, and grain density SCAL results are displayed in the sub-sections 
below. Data was taken from each core sample after the core plugs were dried. The results for 
wells F-AH1, F-AH2, and F-AH4 were available.  
 
5.6.1.1 Well F-AH1 Porosity, Permeability, and Grain Density measurements. 
Regarding Well F-AH1, 14 plug samples were taken for SCAL analysis at a depth range 
between 2415.28 m and 2459.78 m. One sample was excluded due to fracturing. The results 
are presented in table 5.11 below. The overburden porosity and permeability measurements 
were conducted in a laboratory at the equivalent of reservoir confining temperature and 
pressure.  
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Table 5. 11 Porosity, Permeability, and Grain density measurements of well F-AH1 at room conditions 
Depth (m) 
Air 
Permeability 
(mD) 
Klinkenberg 
Permeability 
(mD) 
Porosity (%) 
Grain density 
(g/cc) 
2415.28 7.2 6.2 12.3 2.66 
2416.89 17 16 13.5 2.66 
2419.88 7.1 6.3 9.9 2.62 
2421.96 3.2 2.6 11.2 2.71 
2430.72 7.3 6.4 10 2.69 
2432.72 64 62 13.3 2.64 
2436.26 0.28 0.17 7.4 2.67 
2438.03 0.07 0.04 3.4 2.76 
2440.72 92 88 11.1 2.66 
2442.1 8.5 7 8.7 2.73 
2448.02 1.5 1.1 6.7 2.73 
2452.22 1.1 0.85 10.1 2.64 
2459.78 0.2 0.11 8.8 2.66 
 
Values measured in the SCAL analysis showed good correlation when compared to 
conventional core analysis measurements.  
 
5.6.1.2 Well F-AH2 Porosity, Permeability, and Grain Density measurements. 
In well F-AH2, 21 plug samples were taken for SCAL analysis at a depth range between 
2369 m and 2444.6 m. One sample was excluded due to fracturing. The results are displayed 
in table 5.12 below.  
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Table 5. 12 Porosity, Permeability, and Grain density measurements of well F-AH2 at room conditions 
Depth (m) 
Air 
Permeability 
(mD) 
Klinkenberg 
Permeability (mD) 
Porosity 
(%) 
Grain Density 
(g/cc) 
2369 760 725 19.4 2.66 
2369.04 773 737 19 2.67 
2370.02 391 372 16.8 2.66 
2370.1 620 591 18.2 2.66 
2371.2 110 97 15.3 2.67 
2372.86 1126 1076 18.8 2.66 
2378.9 373 354 18.1 2.66 
2379.46 220 202 16.3 2.66 
2385 36 30 13.7 2.68 
2389.2 137 122 15.3 2.68 
2393.5 161 145 15.7 2.67 
2397.4 7.5 5.6 12.3 2.68 
2399.7 18 14 13.7 2.68 
2399.65 27 22 14.5 2.67 
2402.75 16 13 13.7 2.68 
2403.7 3 2.1 13 2.68 
2415.26 156 140 16.6 2.68 
2419.2 65 55 13.5 2.68 
2429.5 214 196 14.6 2.7 
2436.7 303 284 15.4 2.68 
2444.6 18 14 14.8 2.67 
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5.6.1.3 Well F-AH4 Porosity, Permeability, and Grain Density measurements. 
In well F-AH4, 21 plug samples were taken for SCAL analysis at a depth range between 
2369 m and 2444.6 m. The results are displayed in table 5.13 below.  
 
Table 5. 13 Porosity, Permeability, and Grain density measurements of well F-AH2 at room conditions 
Depth (m) 
Air 
Permeability 
(mD) 
Klinkenberg 
Permeability 
(mD) 
Porosity (%) 
Grain 
density 
(g/cc) 
2367.05 2870 2810 20.6 2.65 
2367.75 1020 1000 16.3 2.65 
2368.31 1480 1450 18 2.65 
2371.54 820 819 15.7 2.67 
2372.08 1000 997 19.3 2.66 
2372.81 221 218 12.4 2.64 
2375.16 428 396 16.1 2.67 
2376.36 104 99 16.7 2.66 
2377.66 55 53 13.6 2.71 
2377.9 10.5 9.1 13.6 2.67 
2380.11 159 156 16.7 2.67 
2381.86 48 46 15.2 2.69 
2383.63 26 23 14.3 2.68 
2384.1 218 213 17.2 2.67 
2385.08 918 906 18.7 2.67 
2386.61 396 393 16.7 2.67 
2389.58 780 777 19.2 2.67 
2393.53 38 35 14.9 2.67 
2396.6 96 93 16.4 2.67 
2399.65 263 258 17.8 2.69 
2404.76 448 445 16.6 2.64 
2409.73 140 139 14.8 2.67 
2412.72 612 611 17.1 2.68 
2417.73 304 302 14.5 2.66 
2421.78 374 372 14.8 2.67 
2424.43 47 45 12.8 2.68 
2425.17 234 231 16.2 2.67 
2430.46 10.9 9.6 13.2 2.66 
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5.6.2 FORMATION RESISTIVITY FACTOR (FRF) MEASUREMENTS 
The formation resistivity factor (FRF) has been defined as the ratio of resistivity of a 100 % 
water saturated rock sample to the water resistivity (Opuwari, 2010). Clean dry samples are 
first evacuated, pressure saturated and then flushed with simulated formation brine. 
Resistances of the fully saturated samples and brine were measured at room conditions on 
consecutive days until results stabilised, indicating an ionic equilibrium had been established 
between the plug samples and the brine. The formation resistivity readings were determined 
at ambient conditions for 100 % brine saturated samples and also simulated to net overburden 
pressure. The slope of plotted FRF values reveals the cementation exponent (m), which 
allows for the determination of water saturation. Overburden conditions were typically at 
4300 psig.  
 
5.6.2.1 Formation Resistivity Factor (FRF) measurements for well F-AH1. 
The FRF measurements were performed at a temperature of 25 °C and a brine resistivity of 
0.314 Ohm-m at room conditions. The brine used in this section consisted of approximately 
18000 ppm dissolved solids consisting of 80 % NaCl and 20 % CaCl2. CaCl2 is used to 
minimise any possible reactive clay problems. The results of formation resistivity factor were 
performed on 10 samples for this well, represented in table 5.14 below.  
Table 5. 14 Well F-AH1 FRF measurement at room and overburden condition 
Depth 
(m) 
Room conditions 
4300 psig Overburden 
condition 
Porosity (%) 
Formation 
Resistivity 
Factor 
Porosity (%) 
Formation 
Resistivity 
Factor 
2415.28 12.3 31.07 11.4 42.97 
2416.89 13.5 32.09 12.3 43.97 
2419.88 9.9 41.87 9 59.3 
2421.96 11.2 38.55 10.1 58.33 
2430.72 10 50.23 9 75.21 
2432.72 13.3 28.78 12.4 36.36 
2440.72 11.1 37.98 10.2 52.18 
2442.1 8.7 85.48 7.6 125.1 
2448.02 6.7 154.4 5.9 249.7 
2452.22 10.1 53.02 9.5 71.53 
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5.6.2.2 Formation Resistivity Factor (FRF) measurements for well F-AH2. 
The FRF measurements were performed at a temperature of 25 °C and a brine resistivity of 
0.26 Ohm-m at room conditions. The simulated formation brine used in this section consisted 
of approximately 18000 ppm dissolved solids consisting of 80 % NaCl and 20 % CaCl2. 
CaCl2 was used to minimise any possible reactive clay problems. The results of formation 
resistivity factor were performed on 18 samples for this well, represented in table 5.15 below.  
Table 5. 15 Well F-AH2 FRF measurement at room and overburden condition 
Depth (m) 
Room conditions 4300 psig Overburden condition 
Porosity (%) 
Formation 
Resistivity 
Factor 
Porosity (%) 
Formation 
Resistivity 
Factor 
2369 19.4 15.1 18.5 19 
2370.02 16.9 19.7 16.2 25.9 
2371.2 15.3 24.2 14.5 33.5 
2372.86 19 17.5 17.8 21.1 
2378.9 18.1 18.1 17.3 22.9 
2379.46 16.3 21.2 15.3 28.4 
2385 13.8 27.2 12.9 38.9 
2389.2 15.1 23.4 14.1 33.6 
2393.5 15.9 22.3 15.1 29.9 
2397.4 12.3 32.1 11.4 47.4 
2399.7 13.6 28.8 12.6 40.5 
2402.75 13.9 29.6 13 39.7 
2403.7 13 33.4 12.1 49.7 
2415.26 16.6 21.3 15.7 28.6 
2419.2 13.4 30 12.6 43.8 
2429.5 15.1 25.9 14.5 33.3 
2436.7 15.5 24 14.5 31.4 
2444.6 15 27 14.2 36.5 
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5.6.2.3 Formation Resistivity Factor (FRF) measurements for well F-AH4. 
The FRF measurements were performed at a temperature of 25 °C and a brine resistivity of 
0.239 Ohm-m at room conditions. The simulated formation brine used in this section 
consisted of approximately 25000 ppm dissolved solids consisting of 80 % NaCl and 20 % 
CaCl2. CaCl2 was used to minimise any possible reactive clay problems. The results of 
formation resistivity factor were performed on 28 samples for this well, represented in table 
5.16 below.  
Table 5. 16 Well F-AH4 FRF measurement at room and overburden condition 
Depth 
(m) 
Room conditions 4300 psig Overburden condition 
Porosity (%) 
Formation 
Resistivity 
Factor 
Porosity (%) 
Formation 
Resistivity 
Factor 
2367.05 20.6 15.43 19.8 21.15 
2367.75 16.3 25.06 15.6 32.41 
2368.31 18 19.74 17.3 23.08 
2371.54 15.7 25.53 15 31.49 
2372.08 19.3 17.99 18.7 22.19 
2372.81 12.4 42.42 11.7 73.28 
2375.16 16.1 27.16 15.5 36.07 
2376.36 16.7 24.94 16.1 31.21 
2377.66 13.6 32.66 12.8 46.64 
2377.9 13.6 33.32 12.9 47.05 
2380.11 16.7 23.09 16 30.53 
2381.86 15.2 26.46 14.5 41.28 
2383.63 14.3 30.6 13.6 42.47 
2384.1 17.2 22.15 16.6 27.26 
2385.08 18.7 19.05 18 23.39 
2386.61 16.7 23.16 16 29.67 
2389.58 19.2 17.58 18.4 22.75 
2393.53 14.9 32.12 14.4 43.43 
2396.6 16.4 24.5 15.7 32.55 
2399.65 17.8 22.84 17 28.63 
2404.76 16.6 24.14 15.8 30.83 
2409.73 14.8 29.12 14.2 37.93 
2412.72 17.1 22.3 16.4 30.65 
2417.73 14.5 29.06 13.8 38.98 
2421.78 14.8 28.48 14.2 37.11 
2424.43 12.8 35.33 12.2 49.56 
2425.17 16.2 26.65 15.6 34.95 
2430.46 13.2 38.73 12.6 58.44 
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5.6.3 FORMATION RESISTIVITY INDEX (RI) MEASUREMENTS 
The resistivity index is the ratio of the resistivity of a formation bearing hydrocarbons to the 
resistivity of a proposed 100 % water bearing formation. This ratio is a function of water 
saturation and the formation’s pore geometry. This measurement is generally conducted in 
conjunction with air-brine capillary pressure measurements. Individual sample resistivity 
index values are plotted against water saturation to determine the saturation exponent (n). The 
saturation exponent is the slope of a line relating the saturation and resistivity index. 
 
5.6.3.1 Formation Resistivity Index (RI) results for well F-AH1 
In well F-AH1, the formation resistivity index (RI) was carried out on 10 samples at room 
conditions as presented in table 5.17. Approximately 8 various resistivity measurements were 
conducted on each sample at variable saturations, as a function of capillary pressure.  
Table 5. 17 Well F-AH1 RI measurements 
Depth (m) Brine saturation (fraction) Formation resistivity index 
2415.28 0.958 0.96 0.957 0.591 0.484 0.441 0.427 0.409 1.17 1.14 1.39 2.16 3.57 4.03 5.1 5.65 
2416.89 0.935 0.929 0.739 0.45 0.402 0.359 0.348 0.331 1.23 1.33 1.83 3.66 4.75 5.96 5.97 7.25 
2419.88 1 1 0.968 0.576 0.495 0.462 0.46 0.458 1.09 1.13 1.2 2.46 3.13 4.02 4.32 4.53 
2421.96 0.922 0.909 0.904 0.622 0.508 0.442 0.423 0.404 1.21 1.19 1.2 1.87 2.43 3.08 3.31 3.83 
2430.72 0.959 0.931 0.807 0.616 0.552 0.507 0.494 0.478 1.12 1.28 1.4 2.02 2.5 3.01 3.2 3.53 
2432.72 0.962 0.922 0.467 0.353 0.322 0.292 0.292 0.282 1.29 1.35 3.39 5.53 6.69 8.04 8.06 8.61 
2440.72 0.926 0.817 0.533 0.37 0.321 0.289 0.287 0.282 1.4 1.59 2.76 4.32 5.37 6.51 6.5 6.51 
2442.1 0.901 0.822 0.587 0.467 0.405 0.368 0.355 0.335 1.28 1.56 2.53 4.24 4.95 6.52 7.2 7.62 
2448.02 0.877 0.83 0.754 0.646 0.57 0.513 0.487 0.461 1.37 1.47 1.76 2.14 2.73 3.17 3.65 3.93 
2452.22 0.97 0.967 0.964 0.943 0.767 0.618 0.605 0.578 1.12 1.19 1.32 1.41 1.52 2.28 2.35 2.66 
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5.6.3.2 Formation Resistivity Index (RI) results for well F-AH2 
In well F-AH2, the formation resistivity index (RI) was carried out on 18 samples at room 
conditions as presented in table 5.18.For this well, the resistivity index was calculated at 
room and overburden pressures of 4300 psig. The results are displayed below.  
Table 5. 18 Well F-AH2 RI measurements 
Depth 
(m) 
Room conditions 
4300 psig Overburden 
condition 
Brine saturation 
(%) 
Resistivity 
Index 
Brine saturation 
(%) 
Resistivity 
Index 
2369 10.9 32 11.5 32.3 
2370.02 10.7 31 11.2 29 
2371.2 20.4 14.6 21.8 11.3 
2372.86 12.8 27.2 13.8 25.7 
2378.9 14.7 33.6 15.6 28.4 
2379.46 19.9 20.8 21.4 14.5 
2385 28.8 8.84 31 6.15 
2389.2 26.2 11.7 29.4 8.2 
2393.5 25 15.2 28.2 10.9 
2397.4 40.5 5.42 43.6 3.24 
2399.7 35.6 6.62 38.5 4.75 
2402.75 34.1 7.91 36 5.81 
2403.7 40.9 4.25 43.9 2.66 
2415.26 23 19.3 23.7 14.6 
2419.2 27.1 10.7 28.2 7.22 
2429.5 23.7 18.7 24.1 15.1 
2436.7 21.1 19.6 22 15 
2444.6 31.4 10.4 33.1 6.72 
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5.6.3.3 Formation Resistivity Index (RI) results for well F-AH4 
In well F-AH4, the formation resistivity index (RI) was carried out on 28 samples at room 
conditions as presented in table 5.19. Approximately 8 various resistivity measurements were 
conducted on each sample at variable saturations, as a function of capillary pressure.  
Table 5. 19 Well F-AH4 RI measurements 
Depth 
(m) 
Brine saturation (fraction) Resistivity Index 
2367.05 0.364 0.173 0.125 0.106 0.95 0.83 0.81 0.8 5.35 17.85 30.66 55.37 79.2 103.7 109.8 104.8 
2367.75 0.597 0.265 0.197 0.161 0.143 0.127 0.123 0.123 2.36 8.06 12.72 23.55 33.3 43.26 44.75 45 
2368.31 0.499 0.247 0.181 0.148 0.127 0.109 0.107 0.106 3.13 9.17 12.14 21.93 32.65 42.36 42.46 47.96 
2371.54 0.569 0.362 0.296 0.28 0.236 0.211 0.209 0.208 2.71 6.15 8.46 12.87 16.79 21.95 20.8 22.36 
2372.08 0.816 0.311 0.22 0.183 0.161 0.14 0.139 0.139 1.54 6.84 12.96 20.96 28.68 36.59 34 37.75 
2372.81 0.895 0.417 0.247 0.208 0.181 0.162 0.16 0.159 1.34 4.28 9.67 14.33 17.97 24.94 25.7 27.63 
2375.16 0.975 0.958 0.609 0.436 0.329 0.294 0.288 0.272 1.21 1.18 2.42 4.14 6.29 7.19 7.5 8.71 
2376.36 0.965 0.922 0.433 0.339 0.291 0.261 0.253 0.24 1.26 1.25 4.36 6.78 9.3 11.13 12.25 13.21 
2377.66 0.947 0.829 0.605 0.462 0.405 0.373 0.365 0.358 1.29 1.44 2.19 3.68 4.93 5.94 6.04 6.3 
2377.9 0.978 0.975 0.957 0.601 0.444 0.404 0.396 0.383 1.19 1.11 1.13 2.27 3.29 3.88 3.96 4.46 
2380.11 0.935 0.625 0.429 0.373 0.336 0.309 0.304 0.294 1.26 2.25 4.45 6.64 8.42 9.7 10.75 12.3 
2381.86 0.968 0.919 0.6 0.457 0.403 0.367 0.361 0.351 1.15 1.2 2.31 3.73 4.64 5.66 6.06 6.29 
2383.63 0.984 0.97 0.691 0.49 0.406 0.369 0.365 0.356 1.12 1.1 1.97 3.2 4.21 5.09 5.06 5.78 
2384.1 0.971 0.611 0.412 0.351 0.313 0.281 0.279 0.273 1.13 2.39 5 7.79 9.63 11.46 12.11 12.71 
2385.08 0.758 0.377 0.302 0.26 0.237 0.212 0.209 0.206 1.67 5.25 8.5 13.09 15.68 18.75 20.86 21.53 
2386.61 0.903 0.497 0.357 0.302 0.207 0.45 0.244 0.24 1.28 3.35 6.34 9.79 12.32 14.3 16.17 16.35 
2389.58 0.873 0.394 0.307 0.267 0.243 0.222 0.222 0.219 1.35 5.44 9.44 15.38 18.63 25.34 25.72 27.81 
2393.53 0.987 0.954 0.547 0.446 0.392 0.365 0.36 0.355 1.11 1.15 2.94 4.59 5.55 6.73 6.9 7.3 
2396.6 0.977 0.81 0.508 0.44 0.392 0.368 0.364 0.359 1.14 1.57 3.6 5.22 6.51 7.16 7.86 8.66 
2399.65 0.952 0.545 0.382 0.323 0.291 0.267 0.264 0.259 1.23 3.21 6.65 10.44 13.19 15.6 15.46 17.81 
2404.76 0.931 0.464 0.293 0.239 0.226 0.212 0.211 0.209 1.27 3.98 9.81 15.23 17.24 22.81 22.34 25.91 
2409.73 0.92 0.689 0.435 0.362 0.336 0.314 0.311 0.308 1.29 2.05 4.56 6.86 8.98 9.25 9.82 9.86 
2412.72 0.84 0.44 0.33 0.283 0.258 0.238 0.232 0.228 1.48 4.66 8.63 12.68 15.42 17.92 20.24 21.54 
2417.73 0.871 0.859 0.441 0.367 0.329 0.3 0.296 0.288 1.43 2.5 4.28 6.26 7.49 9.46 9.93 10.87 
2421.78 0.889 0.559 0.426 0.346 0.317 0.286 0.284 0.282 1.36 2.85 4.89 6.78 7.94 9.28 9.6 10.15 
2424.43 0.964 0.886 0.636 0.467 0.403 0.374 0.373 0.372 1.18 1.31 2.32 3.3 4.1 4.68 4.69 4.85 
2425.17 0.942 0.648 0.389 0.303 0.272 0.245 0.243 0.238 1.21 2.03 5.06 8.29 9.8 12.41 13.46 13.96 
2430.46 0.97 0.945 0.879 0.505 0.378 0.339 0.337 0.335 1.15 1.16 1.35 2.35 3.25 3.8 4.03 4.12 
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5.6.4 INTERPRETATION OF RESULTS 
5.6.4.1 Porosity overburden correction 
Overburden pressure is caused by the weight of overlying sediments deposited. The forces 
cause a reduction in pore volume. As the core is drilled and brought to surface, it becomes 
less affected by overburden pressure as weight of the overlying sediment becomes less, 
causing an increase in pore volumes. As a result there is restructuring of the pore geometry 
that in turn affects the porosity and permeability of the formation because the confining 
forces are removed. The removed confining pressure results in expansion of the core in all 
available directions and cause differences between laboratory and in situ measurements. The 
differences may be significant enough that an overestimation of porosity and permeability 
may arise. The laboratory “room condition” measurements may be corrected for by 
simulating the net confining pressure that may be found within a reservoir. Therefore, 
overburden correction should always be applied to conventional core data as it minimises 
these differences.  
Overburden corrections in this contribution of work were applied to conventional core 
porosity measurements by observing the relationship between room condition and overburden 
conditions. Permeability corrections were not applied as the overburden condition data were 
not made available to test the empirical relationships.  
 
5.6.4.1.1 Well F-AH1 Porosity overburden correction 
In table 5.20 below, the results for room and overburden porosity conditions are presented 
below. The room condition porosity was plotted on the x-axis and the overburden porosity at 
4300 psig was plotted on the y-axis (Figure 5.24). The linear relationship was projected as a 
regression equation used to calculate the amount of correction needed to be applied to the 
routine core porosity.   
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Table 5. 20 Well F-AH1 at room and overburden porosity conditions 
Depth 
(m) 
Room condition 
4300 psig 
Overburden 
condition 
Porosity (%) Porosity (%) 
2415.28 12.3 11.4 
2416.89 13.5 12.3 
2419.88 9.9 9 
2421.96 11.2 10.1 
2430.72 10 9 
2432.72 13.3 12.4 
2440.72 11.1 10.2 
2442.1 8.7 7.6 
2448.02 6.7 5.9 
2452.22 10.1 9.5 
 
 
Figure 5. 24 Well F-AH1 room porosity versus overburden porosity conditions 
 
The regression equation from the plot in Figure 5.24 is showed as: 
Φ correct= 0.9729(φ room) - 0.0065 ……………….. (5.6)  
y = 0.9729x - 0.0065 
R² = 0.9937 
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R² = 0.9937 
Where: 
Φ correct= Overburden corrected porosity 
Φ routine = Routine core porosity 
The correlation between room and overburden condition porosity is good showing a close 
relationship between the two. 
 
5.6.4.1.2 Well F-AH2 Porosity overburden correction 
In table 5.21 below, the results for room and overburden porosity conditions are presented 
below. The room condition porosity was plotted on the x-axis and the overburden porosity at 
4300 psig was plotted on the y-axis (Figure 5.25). The linear relationship was projected as a 
regression equation used to calculate the amount of correction to be applied to the routine 
core porosity.  
Table 5. 21 Well F-AH2 at room and overburden porosity conditions 
Depth 
(m) 
Room 
condition 
4300 psig Overburden 
condition 
Porosity (%) Porosity (%) 
2369 19.4 18.5 
2370.02 16.9 16.2 
2371.2 15.3 14.5 
2372.86 19 17.8 
2378.9 18.1 17.3 
2379.46 16.3 15.3 
2385 13.8 12.9 
2389.2 15.1 14.1 
2393.5 15.9 15.1 
2397.4 12.3 11.4 
2399.7 13.6 12.6 
2402.75 13.9 13 
2403.7 13 12.1 
2415.26 16.6 15.7 
2419.2 13.4 12.6 
2429.5 15.1 14.5 
2436.7 15.5 14.5 
2444.6 15 14.2 
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Figure 5. 25 Well F-AH2 room porosity versus overburden porosity conditions 
 
The regression equation from the plot in Figure 5.25 is showed as: 
Φ correct = 0.9897(φ room) - 0.0072 ……………….. (5.7) 
R² = 0.9956 
Where: 
Φ correct= Overburden corrected porosity 
Φ routine = Routine core porosity 
The correlation between room and overburden condition porosity is good showing a close 
relationship between the two. 
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5.6.4.1.3 Well F-AH4 Porosity overburden correction 
In table 5.22 below, the results for room and overburden porosity conditions are presented 
below. The room condition porosity was plotted on the x-axis and the overburden porosity at 
4300 psig was plotted on the y-axis (Figure 5.26). The linear relationship was projected as a 
regression equation used to calculate the amount of correction needed to be applied to the 
routine core porosity.  
Table 5. 22 Well F-AH4 at room and overburden porosity conditions 
Depth 
(m) 
Room condition 4300 psig Overburden condition 
Porosity (%) Porosity (%) 
2367.05 20.6 19.8 
2367.75 16.3 15.6 
2368.31 18 17.3 
2371.54 15.7 15 
2372.08 19.3 18.7 
2372.81 12.4 11.7 
2375.16 16.1 15.5 
2376.36 16.7 16.1 
2377.66 13.6 12.8 
2377.9 13.6 12.9 
2380.11 16.7 16 
2381.86 15.2 14.5 
2383.63 14.3 13.6 
2384.1 17.2 16.6 
2385.08 18.7 18 
2386.61 16.7 16 
2389.58 19.2 18.4 
2393.53 14.9 14.4 
2396.6 16.4 15.7 
2399.65 17.8 17 
2404.76 16.6 15.8 
2409.73 14.8 14.2 
2412.72 17.1 16.4 
2417.73 14.5 13.8 
2421.78 14.8 14.2 
2424.43 12.8 12.2 
2425.17 16.2 15.6 
2430.46 13.2 12.6 
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Figure 5. 26 Well F-AH4 room porosity versus overburden porosity conditions 
 
The regression equation from the plot in Figure 5.26 is showed as: 
Φ correct= = 0.9884 (φ room) - 0.0049 ………. (5.8) 
R² = 0.9986 
Where: 
Φ correct= Overburden corrected porosity 
Φ routine = Routine core porosity 
 
A good correlation exists between room and overburden condition porosity and shows a close 
relationship between the two, where the correlation coefficient is near 100 %. A table of 
calculated overburden porosity for wells F-AH1, F-AH2, and F-AH4 is presented in 
Appendix B.  
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5.6.4.2 Derivation of Cementation Exponent from FRF measurements 
During diagenesis sediments become compacted (due to overburden pressure, discussed in 
previous section) and also cemented to a certain degree. The cement acts to bind sediment 
that forms a rock during lithification. Various mineral components may be dissolved in the 
subsurface and deposited around grain surfaces. Rocks, especially those that behave as 
reservoirs, that are highly cemented may pose a problem for extracting hydrocarbons from 
the subsurface. This is due to cement forming around the grain surfaces and essentially 
reducing the pore sizes in the formation. The cement may close off the once interconnected 
pores of a reservoir and negatively affect the flow characteristics of the reservoir.  
In this section, the degree of cementation is described by the cementation exponent or “m”. 
The exponent is a function of the shape and distribution of pores within a formation 
(Opuwari, 2010). When the formation resistivity factor is plotted against porosity, the slope 
of the plot reveals the cementation exponent. The cementation is variable for different rock 
types and generally varies between 1 and 2.3 in reservoir sands (See table 5.23 below; Pirson, 
1958). A rock with a cementation exponent of 2.3 is regarded as highly cemented whereas a 
value of 1.30 or less describes a rock that has undergone miniscule to no cementation. The 
cementation exponent allows for the determination of water saturation calculations (Op. cit.). 
Table 5.23 below represents the cementation exponent classification for rocks and will be 
used as a reference in the sections below.  
Table 5. 23 Cementation exponent classification (Pirson, 1958) 
Classification 
Cementation (-m) 
values 
Highly Cemented 2.0 -2.2 
Moderately 
Cemented 
1.8 -1.9 
Slightly cemented 1.6 -1.7 
Very Slightly 
Cemented 
1.4 -1.5 
Not Cemented 1.3 
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5.6.4.2.1 Well F-AH1 Cementation Exponent (m) at room conditions 
Cross plotting of the formation resistivity factor versus porosity shows the cementation 
exponent that is a result of the slope. The tortuosity “a” is set at the intercept to unity. The 
cross-plot result is shown in Figure 5.27 below. 
 
Figure 5. 27 Well F-AH1 FRF versus Porosity cross-plot at room conditions 
 
The slope in this plot gives the cementation exponent “m”, and is represented by the equation 
FRF=1/φ m. The cementation exponent of 1.768 suggests that the formation of interest is 
slightly cemented. The cementation exponent values range from 1.61 to 1.86 (table 5.24). 
 
Table 5. 24 Well F-AH1 Porosity, Cementation exponent, and Formation resistivity factor measurements at room 
conditions 
Depth (m) 
Porosity 
(%) 
FRF 
Cementation 
exponent (-m) 
2415.28 12.3 31.07 1.64 
2416.89 13.5 32.09 1.73 
2419.88 9.9 41.87 1.61 
2421.96 11.2 38.55 1.67 
2430.72 10 50.23 1.7 
2432.72 13.3 28.78 1.67 
2440.72 11.1 37.98 1.65 
2442.1 8.7 85.48 1.82 
2448.02 6.7 154.4 1.86 
2452.22 10.1 53.02 1.73 
y = 0.8952x-1.768 
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5.6.4.2.2 Well F-AH2 Cementation Exponent (m) at room conditions 
Cross plotting of the formation resistivity factor versus porosity shows the cementation 
exponent that is resultant of the slope from the plot. The tortuosity “a” is set at the intercept 
to unity. The cross-plot result is shown in Figure 5.28 below. 
 
Figure 5. 28 Well F-AH2 FRF versus Porosity cross-plot at room conditions 
 
The slope in this plot gives the cementation exponent “m”, and is represented by the equation 
FRF=1/φ m. The cementation exponent of 1.693 suggests that the formation of interest is 
slightly cemented. 
 
5.6.4.2.3 Well F-AH4 Cementation Exponent (m) at room conditions 
Cross plotting of the formation resistivity factor versus porosity shows the cementation 
exponent that is resultant of the slope from the plot. The tortuosity “a” is set at the intercept 
to unity. The cross-plot result is shown in Figure 5.29 below. 
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Figure 5. 29 Well F-AH4 FRF versus Porosity cross-plot at room conditions 
 
The slope in the plot gives the cementation exponent “m”, and is represented by the equation 
FRF=1/φ m. The cementation exponent of 1.774 suggests that the formation of interest is 
slightly cemented. The cementation exponent values range from 1.73 to 1.82 (table 5.25) 
  
y = 0.9873x-1.774 
R² = 0.9946 
1
10
100
0.01 0.1 1
Fo
rm
at
io
n
 r
e
si
st
iv
it
y 
fa
ct
o
r 
(F
R
F)
 
Porosity (Fraction) 
Porosity vs Formation resistivity factor at 
room condition 
𝑭𝑹𝑭 = 𝟏/𝝋𝟏.𝟕𝟕𝟒 
 
 
 
 
 156 
 
Table 5. 25 Well F-AH4 Porosity, Cementation exponent, and Formation resistivity factor measurements at room 
conditions 
DEPTH 
(m) 
ROOM CONDITION 
Porosity (%) FRF Cementation exponent (-m) 
2367.05 20.6 15.43 1.73 
2367.75 16.3 25.06 1.78 
2368.31 18 19.74 1.74 
2371.54 15.7 25.53 1.75 
2372.08 19.3 17.99 1.76 
2372.81 12.4 42.42 1.8 
2375.16 16.1 27.16 1.81 
2376.36 16.7 24.94 1.8 
2377.66 13.6 32.66 1.75 
2377.9 13.6 33.32 1.76 
2380.11 16.7 23.09 1.75 
2381.86 15.2 26.46 1.74 
2383.63 14.3 30.6 1.76 
2384.1 17.2 22.15 1.76 
2385.08 18.7 19.05 1.76 
2386.61 16.7 23.16 1.76 
2389.58 19.2 17.58 1.74 
2393.53 14.9 32.12 1.82 
2396.6 16.4 24.5 1.77 
2399.65 17.8 22.84 1.81 
2404.76 16.6 24.14 1.77 
2409.73 14.8 29.12 1.76 
2412.72 17.1 22.3 1.76 
2417.73 14.5 29.06 1.74 
2421.78 14.8 28.48 1.75 
2424.43 12.8 35.33 1.73 
2425.17 16.2 26.65 1.8 
2430.46 13.2 38.73 1.81 
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5.6.4.2.4 Well F-AH1 Cementation Exponent (m) at overburden conditions 
The formation resistivity factor and porosity of well F-AH1 were measured at formation 
overburden pressures of 4300 psig. The cementation exponent under these conditions was 
determined from the slope of the cross-plot. Figure 5.30 represents the results below. 
 
Figure 5. 30 Well F-AH1 FRF versus Porosity cross-plot at overburden conditions 
 
The slope in this plot gives the cementation exponent “m”, and is represented by the equation 
FRF=1/φ m. The cementation exponent of 1.852 suggests that the formation of interest is 
moderately cemented. The cementation exponent values range from 1.7 to 1.95 (table 5.26). 
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Table 5. 26 Well F-AH1 Porosity, Cementation exponent, and Formation resistivity factor measurements at 
overburden conditions 
Depth 
(m) 
4300 PSIG OVERBURDEN 
Porosity 
(%) 
FRF Cementation exponent (-m) 
2415.28 11.4 42.97 1.73 
2416.89 12.3 43.97 1.81 
2419.88 9 59.3 1.7 
2421.96 10.1 58.33 1.77 
2430.72 9 75.21 1.79 
2432.72 12.4 36.36 1.72 
2440.72 10.2 52.18 1.73 
2442.1 7.6 125.1 1.87 
2448.02 5.9 249.7 1.95 
2452.22 9.5 71.53 1.81 
 
5.6.4.2.5 Well F-AH2 Cementation Exponent (m) at overburden conditions 
The formation resistivity factor and porosity of well F-AH2 were measured at formation 
overburden pressures of 4300 psig. The cementation exponent under these conditions was 
determined from the slope of the cross-plot. Figure 5.31 represents the results below. 
 
Figure 5. 31 Well F-AH2 FRF versus Porosity cross-plot at overburden conditions 
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The slope in this plot gives the cementation exponent “m”, and is represented by the equation 
FRF=1/φ m. The cementation exponent of 1.812 suggests that the formation of interest is 
moderately cemented. The range of cementation values was not made available in the SCAL 
report 
 
5.6.4.2.6 Well F-AH4 Cementation Exponent (m) at overburden conditions 
The formation resistivity factor and porosity of well F-AH4 were measured at formation 
overburden pressures of 4300 psig. The cementation exponent under these conditions was 
determined from the slope of the cross-plot. Figure 5.32 represents the results below. 
 
Figure 5. 32 Well F-AH4 FRF versus Porosity cross-plot at overburden conditions 
 
The slope in this plot gives the cementation exponent “m”, and is represented by the equation 
FRF=1/φ m. The cementation exponent of 1.915 suggests that the formation of interest is 
moderately cemented. The cementation exponent values range from 1.79 to 2 (table 5.27). 
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Table 5. 27 Well F-AH4 Porosity, Cementation exponent, and Formation resistivity factor measurements at 
overburden conditions 
DEPTH 
(m) 
4300 PSIG OVERBURDEN 
Porosity 
(%) 
FRF Cementation exponent (-m) 
2367.05 19.8 21.15 1.88 
2367.75 15.6 32.41 1.87 
2368.31 17.3 23.08 1.79 
2371.54 15 31.49 1.82 
2372.08 18.7 22.19 1.85 
2372.81 11.7 73.28 2 
2375.16 15.5 36.07 1.92 
2376.36 16.1 31.21 1.88 
2377.66 12.8 46.64 1.87 
2377.9 12.9 47.05 1.88 
2380.11 16 30.53 1.87 
2381.86 14.5 41.28 1.93 
2383.63 13.6 42.47 1.88 
2384.1 16.6 27.26 1.84 
2385.08 18 23.39 1.84 
2386.61 16 29.67 1.85 
2389.58 18.4 22.75 1.85 
2393.53 14.4 43.43 1.95 
2396.6 15.7 32.55 1.88 
2399.65 17 28.63 1.89 
2404.76 15.8 30.83 1.86 
2409.73 14.2 37.93 1.86 
2412.72 16.4 30.65 1.89 
2417.73 13.8 38.98 1.85 
2421.78 14.2 37.11 1.85 
2424.43 12.2 49.56 1.86 
2425.17 15.6 34.95 1.91 
2430.46 12.6 58.44 1.96 
 
From the results of overburden and room condition measurements it was clear that the 
overburden pressures applied on each well had an effect on the cementation exponent. 
Comparison of the cementation exponents for different pressure regimes per well showed that 
the exponent generally increased when overburden pressure was applied. This implies a 
reduction in pore volume and size.   
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5.6.4.2.7 Comparison of Cementation Exponent with Porosity 
The cementation exponent values for wells F-AH1 and F-AH4 were plotted against the 
porosity at room and overburden conditions in order to investigate the linear relationship 
between both. The porosity (in fraction) lies on the x-axis and the cementation exponent on 
the y-axis as seen in Figures 5.33 and 5.34 below. 
 
Figure 5. 33 Wells F-AH1 and F-AH4 Cementation versus Porosity cross-plot at room conditions 
 
From observations of the well F-AH1 plot above, there is a steady decrease in cementation 
exponent with an increase in porosity. The linear regression equation for this well is 
described below by: 
 
y = -2.4309x + 1.9676 
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m= -2.4309(porosity) + 1.9676 ……………….. (5.9)  
R² = 0.4038 
Where: 
m= Cementation exponent 
 
The trend for well F-AH4 differs significantly from that of well F-AH1. Here, the 
cementation exponent increases with a relatively constant porosity. The porosity, though 
relatively constant, ranges generally between 14 % and 20 %. The linear regression equation 
for well F-AH4 is described below as: 
m = -0.2459(porosity) + 1.8063………………... (5.10)  
R² = 0.0363 
 
Differences between trend lines for wells F-AH1 and F-AH4 may be due to the variable 
shape of the sediment grains and the diagenetic imprint over them. The cementation exponent 
versus the porosity at overburden conditions were as well plotted and simulate reservoir 
conditions more accurately due to the confining pressures imposed. The results are displayed 
in Figure 5.34 below.  
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Figure 5. 34 Wells F-AH1 and F-AH4 Cementation versus Porosity cross-plot at overburden conditions 
 
The plots in Figure 5.34 above show a close resemblance to the room condition plots in 
Figure 5.33 with exception to the decreased porosity found due to confining pressure. Both 
holes display a general increase in cementation with a decrease in porosity.  
The linear regression relationship for well F-AH1 is given by: 
m = -2.6696(porosity) + 2.048 ……………….. (5.11)  
R² = 0.4969 
The relationship for well F-AH4 is given by: 
m = -0.9614(porosity) + 2.0256 ……………….. (5.12)  
R² = 0.1996 
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Where m= Cementation exponent 
In general, the correlation coefficients over room as well as overburden conditions of the 
studied wells were generally poor, accentuating no clear or distinct relationships between 
cementation and porosity. The best correlation value found was in well F-AH1, where the 
correlation coefficient was found to be 0.49 under overburden conditions. Equation 5.12 
should be treated with caution as the correlation is not distinct in this case. 
 
5.6.4.2.8 Comparison of Cementation Exponent with Permeability 
For this section the cementation exponent plotted on the y-axis versus the permeability on the 
x-axis. The cross-plots were drawn up for wells F-AH1 and F-AH4 as these wells held data. 
The results are presented in Figure 5.35 below. 
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Figure 5. 35 Wells F-AH1 and F-AH4 Cementation versus Permeability cross-plot at room conditions 
 
Both plots in Figure 5.35 above indicate a general increase in cementation exponent with a 
decrease in permeability as expected. The more cemented a formation becomes, the more 
interconnected pore spaces are closed thereby reducing permeability over the sample area. 
The regression analysis for well F-AH1 is shown as: 
m = -0.0009(logK) + 1.7256 ……………….. (5.13)  
R² = 0.1151 
Where m= cementation exponent 
Here the regression coefficient shows a poor relationship between cementation exponent and 
permeability for well F-AH1. Equation 5.13 should be used in caution. 
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The regression analysis for well F-AH4 is shown as: 
m = -2E-05(logK) + 1.7743 ………. (5.14)  
R² = 0.1345 
Where m= cementation exponent 
Again the regression coefficient shows a poor relationship between the cementation exponent 
and permeability, as the coefficient value is 0.14 indicating 14 % relationship confidence.  
 
5.6.4.3 Saturation Exponent determination 
The saturation exponent or “n” is the relation of water saturation (Sw) to the resistivity index 
(RI) of a formation (Schlumberger, 2014). The saturation exponent is determined by the slope 
of the RI plot versus Sw on logarithmic scales. Rock type and interconnectivity are a direct 
influence on the saturation exponent as well as the wettability, confining pressure of 
overburden rock, distribution of formation fluids, and amount of clay influence (Djebbar, 
1999). The saturation exponent typically expresses the effect of resistivity of de-saturating a 
sample (or replacement by non-conductive fluid). Considering wettability, a water-wet rock 
will have a constant saturation exponent for different values of water saturation, where an 
average may be derived for a certain formation. Complex rocks represent a changing 
saturation exponent with water saturation (Schlumberger, 2014).  
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5.6.4.3.1 Well F-AH1 Saturation Exponent determination at room condition 
Cross-plotting of the resistivity index versus the formation factor, the saturation exponent 
was determined from the slope as shown in Figure 5.36 below.  
 
Figure 5. 36 Well F-AH1 resistivity index versus saturation plot 
The slope in the above figure gives an average saturation exponent value of 1.69. The 
minimum and maximum saturation exponents were 1.39 and 1.89 respectively, as seen in 
table 5.28. The formation samples tested comprised of fine, coarse grained and silty 
sandstones (F1, F4, and F7) with conglomerates (F6). 
Table 5.28 Well F-AH1 Resistivity index and brine saturation with derived saturation exponent 
Depth 
(m) 
Brine saturation (%) Formation resistivity index (RI) n 
2415.28 95.8 96 95.7 59.1 48.4 44.1 42.7 40.9 1.17 1.14 1.39 2.16 3.57 4.03 5.1 5.65 1.83 
2416.89 93.5 92.9 73.9 45 40.2 35.9 34.8 33.1 1.23 1.33 1.83 3.66 4.75 5.96 5.97 7.25 1.73 
2419.88 100 100 96.8 57.6 49.5 46.2 46 45.8 1.09 1.13 1.2 2.46 3.13 4.02 4.32 4.53 1.79 
2421.96 92.2 90.9 90.4 62.2 50.8 44.2 42.3 40.4 1.21 1.19 1.2 1.87 2.43 3.08 3.31 3.83 1.39 
2430.72 95.9 93.1 80.7 61.6 55.2 50.7 49.4 47.8 1.12 1.28 1.4 2.02 2.5 3.01 3.2 3.53 1.61 
2432.72 96.2 92.2 46.7 35.3 32.2 29.2 29.2 28.2 1.29 1.35 3.39 5.53 6.69 8.04 8.06 8.61 1.67 
2440.72 92.6 81.7 53.3 37 32.1 28.9 28.7 28.2 1.4 1.59 2.76 4.32 5.37 6.51 6.5 6.51 1.52 
2442.1 90.1 82.2 58.7 46.7 40.5 36.8 35.5 33.5 1.28 1.56 2.53 4.24 4.95 6.52 7.2 7.62 1.85 
2448.02 87.7 83 75.4 64.6 57 51.3 48.7 46.1 1.37 1.47 1.76 2.14 2.73 3.17 3.65 3.93 1.79 
2452.22 97 96.7 96.4 94.3 76.7 61.8 60.5 57.8 1.12 1.19 1.32 1.41 1.52 2.28 2.35 2.66 1.71 
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5.6.4.3.2 Well F-AH2 Saturation Exponent determination at room condition 
Cross-plotting of the resistivity index versus the formation factor, the saturation exponent 
was determined from the slope as shown in Figure 5.37 below.  
 
Figure 5. 37 Well F-AH2 resistivity index versus saturation plot 
 
The slope in the above figure gives an average saturation exponent value of 1.78. The 
minimum and maximum saturation exponents were 1.50 and 1.99 respectively, as seen in 
table 5.29. The formation samples tested were primarily fine grained sandstone (F2), with 
medium and coarse grained sandstones (F1 and F4).  
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Table 5. 29 Well F-AH2 Resistivity index and brine saturation with derived saturation exponent 
Depth 
(m) 
Brine saturation (%) Resistivity Index (RI) n 
2369 1 0.297 0.192 0.138 0.109 1 6.81 13.1 21.6 32 1.56 
2370.02 1 0.344 0.2 0.158 0.107 1 5.09 10.4 15.2 31 1.5 
2371.2 1 0.502 0.388 0.251 0.204 1 3.32 4.92 103 14.6 1.7 
2372.86 1 0.422 0.19 0.149 0.128 1 3.82 12 19.8 27.2 1.56 
2378.9 1 0.405 0.325 0.19 0.147 1 4.92 6.47 17.9 33.6 1.75 
2379.46 1 0.405 0.254 0.23 0.199 1 4.71 11.2 14.9 20.8 1.8 
2385 1 0.477 0.357 0.329 0.288 1 3.49 5.84 6.92 8.84 1.72 
2389.2 1 0.646 0.446 0.3 0.262 1 2.34 3.8 8.7 11.7 1.8 
2393.5 1 0.481 0.361 0.291 0.25 1 3.8 6.16 10.9 15.2 1.89 
2397.4 1 0.527 0.503 0.432 0.405 1 3.23 3.88 4.86 5.42 1.89 
2399.7 1 0.534 0.455 0.42 0.356 1 2.82 4.22 4.86 6.62 1.82 
2402.75 1 0.543 0.431 0.401 0.341 1 3.02 4.82 5.5 7.91 1.87 
2403.7 1 0.573 0.524 0.453 0.409 1 2.7 3.18 3.8 4.25 1.73 
2415.26 1 0.573 0.3 0.244 0.23 1 2.89 10.6 16.6 19.3 1.97 
2419.2 1 0.55 0.443 0.352 0.271 1 2.85 4.05 6.21 10.7 1.76 
2429.5 1 0.551 0.361 0.294 0.237 1 3.25 6.82 11.6 18.7 1.97 
2436.7 1 0.454 0.334 0.272 0.211 1 4.18 6.9 10.5 19.6 1.82 
2444.6 1 0.542 0.43 0.399 0.314 1 3.31 5.28 6.32 10.4 1.99 
 
5.6.4.3.3 Well F-AH4 Saturation Exponent determination at room condition 
Cross-plotting of the resistivity index versus the formation factor, the saturation exponent 
was determined from the slope as shown in Figure 5.38 below.  
 
Figure 5. 38 Well F-AH4 resistivity index versus saturation plot 
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The slope in the above figure gives an average saturation exponent value of 1.80. The 
minimum and maximum saturation exponents were 1.28 and 2.07 respectively, as seen in 
table 5.30. The formation samples tested were of comprised of with medium and coarse 
grained sandstones (F1 and F4) with minor mud inclusions. 
 
Table 5. 30 Well F-AH4 Resistivity index and brine saturation with derived saturation exponent 
Depth 
(m) 
Brine saturation (%) Resistivity index (RI) n 
2367.05 36.4 17.3 12.5 10.6 95 83 81 80 5.35 17.85 30.66 55.37 79.2 103.7 109.8 104.8 1.79 
2367.75 59.7 26.5 19.7 16.1 14.3 12.7 12.3 12.3 2.36 8.06 12.72 23.55 33.3 43.26 44.75 45 1.74 
2368.31 49.9 24.7 18.1 14.8 12.7 10.9 10.7 10.6 3.13 9.17 12.14 21.93 32.65 42.36 42.46 47.96 1.64 
2371.54 56.9 36.2 29.6 28 23.6 21.1 20.9 20.8 2.71 6.15 8.46 12.87 16.79 21.95 20.8 22.36 1.9 
2372.08 81.6 31.1 22 18.3 16.1 14 13.9 13.9 1.54 6.84 12.96 20.96 28.68 36.59 34 37.75 1.79 
2372.81 89.5 41.7 24.7 20.8 18.1 16.2 16 15.9 1.34 4.28 9.67 14.33 17.97 24.94 25.7 27.63 1.73 
2375.16 97.5 95.8 60.9 43.6 32.9 29.4 28.8 27.2 1.21 1.18 2.42 4.14 6.29 7.19 7.5 8.71 1.66 
2376.36 96.5 92.2 43.3 33.9 29.1 26.1 25.3 24 1.26 1.25 4.36 6.78 9.3 11.13 12.25 13.21 1.8 
2377.66 94.7 82.9 60.5 46.2 40.5 37.3 36.5 35.8 1.29 1.44 2.19 3.68 4.93 5.94 6.04 6.3 1.76 
2377.9 97.8 97.5 95.7 60.1 44.4 40.4 39.6 38.3 1.19 1.11 1.13 2.27 3.29 3.88 3.96 4.46 1.52 
2380.11 93.5 62.5 42.9 37.3 33.6 30.9 30.4 29.4 1.26 2.25 4.45 6.64 8.42 9.7 10.75 12.3 1.93 
2381.86 96.8 91.9 60 45.7 40.3 36.7 36.1 35.1 1.15 1.2 2.31 3.73 4.64 5.66 6.06 6.29 1.72 
2383.63 98.4 97 69.1 49 40.6 36.9 36.5 35.6 1.12 1.1 1.97 3.2 4.21 5.09 5.06 5.78 1.65 
2384.1 97.1 61.1 41.2 35.1 31.3 28.1 27.9 27.3 1.13 2.39 5 7.79 9.63 11.46 12.11 12.71 1.92 
2385.08 75.8 37.7 30.2 26 23.7 21.2 20.9 20.6 1.67 5.25 8.5 13.09 15.68 18.75 20.86 21.53 1.88 
2386.61 90.3 49.7 35.7 30.2 20.7 45 24.4 24 1.28 3.35 6.34 9.79 12.32 14.3 16.17 16.35 1.9 
2389.58 87.3 39.4 30.7 26.7 24.3 22.2 22.2 21.9 1.35 5.44 9.44 15.38 18.63 25.34 25.72 27.81 2.07 
2393.53 98.7 95.4 54.7 44.6 39.2 36.5 36 35.5 1.11 1.15 2.94 4.59 5.55 6.73 6.9 7.3 1.87 
2396.6 97.7 81 50.8 44 39.2 36.8 36.4 35.9 1.14 1.57 3.6 5.22 6.51 7.16 7.86 8.66 2.02 
2399.65 95.2 54.5 38.2 32.3 29.1 26.7 26.4 25.9 1.23 3.21 6.65 10.44 13.19 15.6 15.46 17.81 2.06 
2404.76 93.1 46.4 29.3 23.9 22.6 21.2 21.1 20.9 1.27 3.98 9.81 15.23 17.24 22.81 22.34 25.91 1.95 
2409.73 92 68.9 43.5 36.2 33.6 31.4 31.1 30.8 1.29 2.05 4.56 6.86 8.98 9.25 9.82 9.86 1.93 
2412.72 84 44 33 28.3 25.8 23.8 23.2 22.8 1.48 4.66 8.63 12.68 15.42 17.92 20.24 21.54 2.01 
2417.73 87.1 85.9 44.1 36.7 32.9 30 29.6 28.8 1.43 2.5 4.28 6.26 7.49 9.46 9.93 10.87 1.86 
2421.78 88.9 55.9 42.6 34.6 31.7 28.6 28.4 28.2 1.36 2.85 4.89 6.78 7.94 9.28 9.6 10.15 1.82 
2424.43 96.4 88.6 63.6 46.7 40.3 37.4 37.3 37.2 1.18 1.31 2.32 3.3 4.1 4.68 4.69 4.85 1.61 
2425.17 94.2 64.8 38.9 30.3 27.2 24.5 24.3 23.8 1.21 2.03 5.06 8.29 9.8 12.41 13.46 13.96 1.78 
2430.46 97 94.5 87.9 50.5 37.8 33.9 33.7 33.5 1.15 1.16 1.35 2.35 3.25 3.8 4.03 4.12 1.28 
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5.6.4.3.4 Comparison of Saturation Exponent for all wells 
The resistivity index versus saturation for wells F-AH1, F-AH2, and F-AH4 were plotted on a 
single graph for comparative purposes and to establish which well had a higher saturation 
exponent (Figure 5.39). As seen in Figure 5.39 below, well F-AH4 displayed a higher 
saturation exponent value (1.8) and cleaner sandstone trend in comparison to wells F-AH1 
(n=1.69) and F-AH2 (n=1.78). As explained earlier in this section, rock type and 
interconnectivity are a direct influence on the saturation exponent. Variation in fluid 
distribution within pore spaces is a possible cause for the differences in saturation exponent 
values shown per well. Another possible cause for variation in saturation exponent per well is 
the difference in facies. Formations that contain significant mud inclusions, as opposed to 
clean sand, tend to decrease the saturation exponent as water saturation is reduced. Well F-
AH4 is believed to have had a minute component of mud for this test section and may have 
been insignificant as evidenced from the highest saturation exponent amongst the wells. 
 
 
Figure 5. 39  Resistivity index versus saturation plot for all wells 
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5.6.5 CAPILLARY PRESSURE MEASUREMENTS 
The basic theory of capillary pressure was addressed in section 4.3.6. Capillary pressure is 
the difference in pressure between the non-wetting phase and the wetting phases of fluid. 
Saturation and capillary pressure may together be expressed in the form of a capillary 
pressure curve.  
The special core capillary pressure measurements were conducted on core plugs that were 
dried, cleaned, and then saturated with simulated formation brine. The fully saturated core 
plugs were placed in a porous plate cell and de-saturated, using humidified air as a displacing 
phase at increasing incremental pressures of up to 180 psig. Equilibrium saturations were 
measured gravimetrically after seven days at each pressure increment when the samples were 
removed from the cell. 
 
5.6.5.1 Well F-AH1 Capillary Pressure measurement results 
The air-brine porous plate capillary pressure method was conducted on 10 core plug samples 
at increased pressure increments ranging from 1 to 180 psig (Table 5.31).  
Table 5. 31 Well F-AH1 capillary pressure test results 
Depth 
(m) 
Capillary pressure (psig) 
1 2 4 8 15 35 80 180 
Brine saturation (%) 
2415.28 95.8 96 95.7 59.1 48.4 44.1 42.7 40.9 
2416.89 93.5 92.9 73.9 45 40.2 35.9 34.8 33.1 
2419.88 100 100 96.8 57.6 49.5 46.2 46 45.8 
2421.96 92.2 90.9 90.4 62.2 50.8 44.2 42.3 40.4 
2430.72 95.9 93.1 80.7 61.6 55.2 50.7 49.4 47.8 
2432.72 96.2 92.2 46.7 35.3 32.2 29.2 29.2 28.2 
2440.72 92.6 81.7 53.3 37 32.1 28.9 28.7 28.2 
2442.1 90.1 82.2 58.7 46.7 40.5 36.8 35.5 33.5 
2448.02 87.7 83 75.4 64.6 57 51.3 48.7 46.1 
2452.22 97 96.7 96.4 94.3 76.7 61.8 60.5 57.8 
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5.6.5.2 Well F-AH2 Capillary Pressure measurement results 
The air-brine porous plate capillary pressure method was conducted on 18 core plug samples 
at increased pressure increments ranging from 1 to 180 psig (Table 5.32).  
Table 5. 32 Well F-AH2 capillary pressure test results 
Depth 
(m) 
Capillary pressure (psig) 
1 2 4 8 15 35 100 180 
Brine saturation (%) 
2369 53.5 30.3 23.9 19.2 17.3 13.8 11.5 10.9 
2370.02 86 34.7 25.9 20.2 18.2 14.3 11.6 10.8 
2371.2 95.4 74.5 50.6 38.4 32.3 27.3 22.4 20.5 
2372.86 42.2 26.2 21.9 19.1 17 14.9 12.9 12.8 
2378.9 93.3 40.5 32.5 24 22.3 19 15.6 14.8 
2379.46 87.8 60.7 40.5 32.3 29.9 25.4 21.4 20 
2385 100 95.8 65.8 37.8 41.8 35.7 31 29 
2389.2 94.8 65 44.6 36.5 33.7 30 26.2 25.9 
2393.5 96.5 72.1 48.1 36.1 33 29.1 25.2 24.8 
2397.4 100 100 92.7 72 58.6 50.7 43.2 40.5 
2399.7 100 96.2 80.3 53.4 46.5 42 36.2 35.6 
2402.75 100 97.6 81.7 54.3 47.8 40.1 36.6 34.1 
2403.7 100 100 97 85.1 65.3 52.4 45.3 40.9 
2415.26 96.7 57.3 39.3 33.1 30.5 27.4 24.6 23 
2419.2 97 84.2 54.9 44.3 40.2 35.2 30 27.1 
2429.5 90.2 55.1 42.1 36.1 33.5 29.4 25.9 23.7 
2436.7 72.9 45.4 38.2 33.4 30.5 27.2 23.2 21.2 
2444.6 100 97 72.7 54.5 47 40 36 31.5 
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5.6.5.3 Well F-AH4 Capillary Pressure measurement results 
The air-brine porous plate capillary pressure method was conducted on 28 core plug samples 
at increased pressure increments ranging from 1 to 180 psig (Table 5.33).  
Table 5. 33 Well F-AH4 capillary pressure test results 
Depth 
(m) 
capillary pressure (psig) 
1 2 4 8 15 35 80 180 
Brine saturation (%) 
2367.05 36.4 17.3 12.5 10.6 95 83 81 80 
2367.75 59.7 26.5 19.7 16.1 14.3 12.7 12.3 12.3 
2368.31 49.9 24.7 18.1 14.8 12.7 10.9 10.7 10.6 
2371.54 56.9 36.2 29.6 28 23.6 21.1 20.9 20.8 
2372.08 81.6 31.1 22 18.3 16.1 14 13.9 13.9 
2372.81 89.5 41.7 24.7 20.8 18.1 16.2 16 15.9 
2375.16 97.5 95.8 60.9 43.6 32.9 29.4 28.8 27.2 
2376.36 96.5 92.2 43.3 33.9 29.1 26.1 25.3 24 
2377.66 94.7 82.9 60.5 46.2 40.5 37.3 36.5 35.8 
2377.9 97.8 97.5 95.7 60.1 44.4 40.4 39.6 38.3 
2380.11 93.5 62.5 42.9 37.3 33.6 30.9 30.4 29.4 
2381.86 96.8 91.9 60 45.7 40.3 36.7 36.1 35.1 
2383.63 98.4 97 69.1 49 40.6 36.9 36.5 35.6 
2384.1 97.1 61.1 41.2 35.1 31.3 28.1 27.9 27.3 
2385.08 75.8 37.7 30.2 26 23.7 21.2 20.9 20.6 
2386.61 90.3 49.7 35.7 30.2 20.7 45 24.4 24 
2389.58 87.3 39.4 30.7 26.7 24.3 22.2 22.2 21.9 
2393.53 98.7 95.4 54.7 44.6 39.2 36.5 36 35.5 
2396.6 97.7 81 50.8 44 39.2 36.8 36.4 35.9 
2399.65 95.2 54.5 38.2 32.3 29.1 26.7 26.4 25.9 
2404.76 93.1 46.4 29.3 23.9 22.6 21.2 21.1 20.9 
2409.73 92 68.9 43.5 36.2 33.6 31.4 31.1 30.8 
2412.72 84 44 33 28.3 25.8 23.8 23.2 22.8 
2417.73 87.1 85.9 44.1 36.7 32.9 30 29.6 28.8 
2421.78 88.9 55.9 42.6 34.6 31.7 28.6 28.4 28.2 
2424.43 96.4 88.6 63.6 46.7 40.3 37.4 37.3 37.2 
2425.17 94.2 64.8 38.9 30.3 27.2 24.5 24.3 23.8 
2430.46 97 94.5 87.9 50.5 37.8 33.9 33.7 33.5 
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5.6.5.4 Interpretation of capillary Pressure measurement results 
There are various techniques that allow the plotting of capillary pressure curves namely 
centrifuge, porous plate, and mercury injection methods. For this study, wells F-AH1, F-
AH2, and F-AH4 had capillary pressure data and were all measured via the air-brine porous 
plate method. Capillary pressure data and curves are used to estimate the irreducible water 
saturation (Swirr) as well as allow the maximum volume of hydrocarbons and mobile water 
saturation within the reservoir to be inferred. The saturation-height curves along with the 
interpretation of hydrocarbon-water contacts and free water levels are discussed in section 
5.6.5.5.  
 
5.6.5.4.1 Well F-AH1 Water Saturation determination from Capillary Pressure curves. 
Porous plate air-brine method was used on 10 samples to test the relationship between 
capillary pressure and brine saturation for well F-AH1. The pressure data (capillary pressure 
increments up to 180 psig) were on the y-axis versus the brine saturation on the x-axis as 
shown in Figure 5.40 below. 
 
Figure 5. 40 Capillary pressure versus brine saturation for well F-AH1  
 
Capillary pressure results from Figure 5.40 indicate that the minimum irreducible water 
saturation is equivalent to approximately 28 % at a depth range between 2432.72 m and 
2440.72 m for facies F1 (medium grained sandstone) and F6 (conglomerate). The highest 
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irreducible water saturation of approximately 60 % was again linked to facies F6 at a depth of 
2452.22 m. These differences between water saturation may be related to differing clay types, 
permeability, pore geometry, as well as variation in lithofacies. Facies F6 appears to represent 
the same facies for differing capillary pressures. Sample 10 may have been influenced by 
large clay volumes. As seen in the described figure, the capillary pressure curves approach 
zero. Zero capillary pressure equates to the free water level (FWL), the section of the 
formation that is now water dominated. The transition zone (TZ) represents a zone where a 
mixture between hydrocarbons and water exist. In this zone of the formation, both 
hydrocarbons and water may be produced. The irreducible water saturation was taken for 
each capillary pressure sample in F-AH1 and then related into free water saturation points (by 
subtracting the irreducible water saturation from 100 % saturation). Table 5.34 below shows 
the irreducible water saturation and free water saturation per sample depth. The free water 
saturation was plotted in IP and used for comparison with the log generated water saturation 
curves (Archie, Simandoux, and Indonesian models) discussed further in section 6.5.2.  
 
Table 5. 34  F-AH1 irreducible water saturation and free water saturation related to sample depth 
Depth (m) 
Irreducible 
Water Saturation 
(fraction) 
Free water 
(fraction) 
2415.24 0.4672 0.5328 
2416.91 0.4073 0.5927 
2419.81 0.4972 0.5028 
2421.94 0.5009 0.4991 
2430.78 0.5262 0.4738 
2432.76 0.3136 0.6864 
2440.69 0.3043 0.6957 
2442.06 0.3942 0.6058 
2448 0.5421 0.4579 
2452.27 0.6348 0.3652 
  
5.6.5.4.2 Well F-AH2 Water Saturation determination from Capillary Pressure curves. 
Porous plate air-brine method was used on 18 samples to test the relationship between 
capillary pressure and brine saturation for well F-AH2. The pressure data (capillary pressure 
increments up to 180 psig) were on the y-axis versus the brine saturation on the x-axis as 
shown in Figure 5.41 below. 
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Figure 5. 41 Capillary pressure versus brine saturation for well F-AH2 
 
There were no easily distinguishable trends between the facies and water saturation. Facies 
F1 is imprinted over the whole plot but appears to alternate with F2 (fine sandstone) at higher 
brine saturations (>35 %). Sandstones also appear to become coarser with decreasing brine 
saturation (facies F2, F4, and F5). This may account to the increase in pore space and related 
lack of the reservoir to be saturated with water.  
At a depth of 2369 m, F1 medium grained sandstone facies was interpreted to have minimum 
irreducible water saturation equal to 11 %, whereas the highest irreducible water saturation 
relating to 45 % in an F2 fine grained sandstone facies was intercepted at a depth of 2403.7 
m.  
Table 5.35 below shows the irreducible water saturation and free water saturation per sample 
depth. The free water saturation was plotted in IP and used for comparison with the log 
generated water saturation curves (Archie, Simandoux, and Indonesian models) discussed 
further in section 6.5.2. 
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Table 5. 35  F-AH2 irreducible water saturation and free water saturation related to sample depth 
Depth (m) 
Irreducible water 
saturation 
(Fraction) 
Free Water 
(fraction) 
2369 0.115 0.885 
2370.02 0.116 0.884 
2371.2 0.224 0.776 
2372.86 0.129 0.871 
2378.9 0.156 0.844 
2379.46 0.214 0.786 
2385 0.31 0.69 
2389.2 0.262 0.738 
2393.5 0.252 0.748 
2397.4 0.432 0.568 
2399.7 0.362 0.638 
2402.75 0.366 0.634 
2403.7 0.453 0.547 
2415.26 0.246 0.754 
2419.2 0.3 0.7 
2429.5 0.259 0.741 
2436.7 0.232 0.768 
2444.6 0.36 0.64 
 
5.6.5.4.3 Well F-AH4 Water Saturation determination from Capillary Pressure curves. 
Porous plate air-brine method was used on 28 samples to test the relationship between 
capillary pressure and brine saturation for well F-AH4. The pressure data (capillary pressure 
increments up to 180 psig) were on the y-axis versus the brine saturation on the x-axis as 
shown in Figure 5.42 below 
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Figure 5. 42 Capillary pressure versus brine saturation for well F-AH4 
 
Of the 28 samples tested, only 7 were used as they were directly related to facies 
measurements. The start of the transition zone was taken down to 80 psig and was dependent 
on when the minimum and maximum brine saturations curves levelled off under capillary 
pressure conditions. The highest irreducible water saturation of approximately 37 % was 
related to facies F1 (medium grained sandstone) at a depth of 2424.38 m. The high saturation 
at F1 type facies may be related to high clay influence. Sample 28 is linked to a mud facies 
(F9), and has 33 % brine saturation. This sample relates to poor reservoir facies. At a depth of 
2412.64 m, the minimum irreducible water saturation was correspondent to 23 % for F4 
coarse grained sandstone type facies. Coarse grained sandstones in this example are expected 
to have low irreducible water saturations when clay content is commonly low. Additionally, 
coarse grained sands have smaller contact surfaces for water to adsorb onto in comparison to 
finer silts and muds.  
Table 5.36 below shows the irreducible water saturation and free water saturation per sample 
depth. The free water saturation was plotted in IP and used for comparison with the log 
generated water saturation curves (Archie, Simandoux, and Indonesian models) discussed 
further in section 6.5.2. 
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Table 5. 36  F-AH4 irreducible water saturation and free water saturation related to sample depth 
Depth (m) 
Irreducible 
Water Saturation 
(Fraction) 
Free Water 
(fraction) 
2367.05 0.81 0.19 
2367.75 0.123 0.877 
2368.31 0.107 0.893 
2371.54 0.209 0.791 
2372.08 0.139 0.861 
2372.81 0.16 0.84 
2375.16 0.288 0.712 
2376.36 0.253 0.747 
2377.66 0.365 0.635 
2377.9 0.396 0.604 
2380.11 0.304 0.696 
2381.86 0.361 0.639 
2383.63 0.365 0.635 
2384.1 0.279 0.721 
2385.08 0.209 0.791 
2386.61 0.244 0.756 
2389.58 0.222 0.778 
2393.53 0.36 0.64 
2396.6 0.364 0.636 
2399.65 0.264 0.736 
2404.76 0.211 0.789 
2409.73 0.311 0.689 
2412.72 0.232 0.768 
2417.73 0.296 0.704 
2421.78 0.284 0.716 
2424.43 0.373 0.627 
2425.17 0.243 0.757 
2430.46 0.337 0.663 
 
5.6.5.4.4 Comparison of Capillary Pressure and Saturation with Porosity and 
Permeability 
In Figures 5.43 and 5.44 below, the capillary curves were plotted against the permeability and 
porosity to observe trends or relationships between the data. In the capillary curve diagrams 
above, there is a general trend showing that the sandstones become coarser and cleaner as the 
water saturation decreases (with decreasing depth). Permeability and porosity have also 
shown a clearer trend where there is an increase in both parameters as the irreducible water 
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saturation decreases (with decreasing depth). Permeability is dependent on pore dimensions 
and interconnectivity is vital.  
It has been demonstrated that coarser grained sandstones and lithology with large pore sizes 
tend to have low irreducible water saturation with a relatively good porosity and 
permeability. Inversely, rocks with reduced pore spaces show generally high irreducible 
water saturation. This does not, however, hold consistently true for all facies. Two similar 
facies rocks may be believed to have relatively similar pore dimensions but may be 
differently affected by factors that influence irreducible water saturation. Such factors are: 
differing clay type, permeability, pore geometry etc. Permeability is reliant on interconnected 
pore spaces and is greatly influenced by the pore dimensions of the formation.  
 
Figure 5. 43 Capillary curves with permeability for wells F-AH1, F-AH2, and F-AH4 
 
 
Figure 5. 44 Capillary curves with porosity for wells F-AH1, F-AH2, and F-AH4  
ALL WELL
Brine saturation versus capillary pressure and permeability
Multi well Interval plot
0. 0.2 0.4 0.6 0.8 1.
Brine saturation (fraction)
0.
40.
80.
120.
160.
200.
C
a
p
il
la
ry
 p
re
s
s
u
re
 (
p
s
ig
)
0-100
100-200
200-300
300-400
400-500
500-600
600-700
700-800
800-900
900-1000
0.
1000.
Permeability (mD)
272 points plotted out of 280
Well Depths
F-AH1 S1 2415.28M - 2415.28M
F-AH1 S2 2416.89M - 2416.89M
F-AH1 S3 2419.88M - 2419.88M
F-AH1 S4 2421.96M - 2421.96M
F-AH1 S5 2430.72M - 2430.72M
F-AH1 S6 2432.72M - 2432.72M
F-AH1 S7 2440.72M - 2440.72M
F-AH1 S8 2442.1M - 2442.1M
F-AH1 S9 2448.02M - 2448.02M
F-AH1 S10 2452.22M - 2452.22M
F-AH2 S1 2369.M - 2369.M
F-AH2 S2 2370.02M - 2370.02M
F-AH2 S3 2371.2M - 2371.2M
F-AH2 S4 2372.86M - 2372.86M
F-AH2 S5 2378.9M - 2378.9M
F-AH2 S6 2379.46M - 2379.46M
F-AH2 S7 2385.M - 2385.M
F-AH2 S8 2389.2M - 2389.2M
F-AH2 S9 2393.5M - 2393.5M
F-AH2 S10 2397.4M - 2397.4M
F-AH2 S11 2399.7M - 2399.7M
F-AH2 S12 2402.75M - 2402.75M
F-AH2 S13 2403.7M - 2403.7M
F-AH2 S14 2415.26M - 2415.26M
F-AH2 S15 2419.2M - 2419.2M
F-AH2 S16 2429.5M - 2429.5M
F-AH2 S17 2436.7M - 2436.7M
F-AH2 S18 2444.6M - 2444.6M
F-AH4 S22 2409.75M - 2409.75M
F-AH4 S23 2412.64M - 2412.64M
F-AH4 S24 2417.67M - 2417.67M
F-AH4 S25 2421.79M - 2421.79M
F-AH4 S26 2424.38M - 2424.38M
F-AH4 S27 2425.14M - 2425.14M
F-AH4 S28 2430.48M - 2430.48M
WELL F-AH1, F-AH2, and F-AH4
Brine saturation versus capillary pressure and porosity
Multi well Interval plot
0. 0.2 0.4 0.6 0.8 1.
Brine saturation (fraction)
0.
40.
80.
120.
160.
200.
C
a
p
il
la
ry
 p
re
s
s
u
re
 (
p
s
ig
)
0-0.04
0.04-0.08
0.08-0.12
0.12-0.16
0.16-0.2
0.2-0.24
0.24-0.28
0.
0.28
Porosity (Fraction)
280 points plotted out of 280
Well Depths
F-AH1 S1 2415.28M - 2415.28M
F-AH1 S2 2416.89M - 2416.89M
F-AH1 S3 2419.88M - 2419.88M
F-AH1 S4 2421.96M - 2421.96M
F-AH1 S5 2430.72M - 2430.72M
F-AH1 S6 2432.72M - 2432.72M
F-AH1 S7 2440.72M - 2440.72M
F-AH1 S8 2442.1M - 2442.1M
F-AH1 S9 2448.02M - 2448.02M
F-AH1 S10 2452.22M - 2452.22M
F-AH2 S1 2369.M - 2369.M
F-AH2 S2 2370.02M - 2370.02M
F-AH2 S3 2371.2M - 2371.2M
F-AH2 S4 2372.86M - 2372.86M
F-AH2 S5 2378.9M - 2378.9M
F-AH2 S6 2379.46M - 2379.46M
F-AH2 S7 2385.M - 2385.M
F-AH2 S8 2389.2M - 2389.2M
F-AH2 S9 2393.5M - 2393.5M
F-AH2 S10 2397.4M - 2397.4M
F-AH2 S11 2399.7M - 2399.7M
F-AH2 S12 2402.75M - 2402.75M
F-AH2 S13 2403.7M - 2403.7M
F-AH2 S14 2415.26M - 2415.26M
F-AH2 S15 2419.2M - 2419.2M
F-AH2 S16 2429.5M - 2429.5M
F-AH2 S17 2436.7M - 2436.7M
F-AH2 S18 2444.6M - 2444.6M
F-AH4 S22 2409.75M - 2409.75M
F-AH4 S23 2412.64M - 2412.64M
F-AH4 S24 2417.67M - 2417.67M
F-AH4 S25 2421.79M - 2421.79M
F-AH4 S26 2424.38M - 2424.38M
F-AH4 S27 2425.14M - 2425.14M
F-AH4 S28 2430.48M - 2430.48M
 
 
 
 
 182 
 
5.6.5.5 Saturation-Height results 
Saturation-height curves may be used to calculate the free water level (FWL) for geological 
modelling and reservoir stimulation to normalise capillary pressure curves (Opuwari, 2010). 
The saturation-height curves in this investigation were derived from capillary pressure data. 
The Brine saturation versus capillary pressure curves for wells F-AH1 to F-AH4 (described 
above), as well as measurement type (Porous plate method for all wells in this case), porosity, 
and permeability data were all used as input parameters to calculate the saturation-height 
curves. For correctional purposes, the curves were dependent on formation brine salinity, and 
were adjusted by changing the salinity parameter input (18000 ppm in F-AH1, 20000 ppm in 
F-AH2, and 25000 ppm in F-AH4). Additional correction parameters included fluid density 
data that was obtained from interpretation of gas, oil, and water gradients from Repeat 
Formation Test (RFT) plots per well (discussed in section 7.2); fluid contact angles, and 
interfacial tension at laboratory and reservoir conditions. Figures 5.45, 5.46, and 5.47 below 
describe the resultant saturation-height curves for wells F-AH1, F-AH2, and F-AH4 
respectively. Well F-AR2 lacked capillary pressure data hence no saturation-height curve was 
plotted for this particular well.  
The point where the formation is completely brine saturated is known as the free water level 
(FWL). At this specific point the capillary pressure measurement will effectively be zero psi. 
An oil-water contact (OWC) in well F-AH1 was interpreted to be 3.12 m above the free water 
level (Figure 5.45). In wells F-AH1 and F-AH2, gas-water contacts (GWC) were interpreted 
to be at 2.8 m (Figure 5.46) and 3.5m (Figure 5.47) above their respective free water levels.  
 
Figure 5. 45  Saturation-height function for well F-AH1 
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Figure 5. 46  Saturation-height function for well F-AH2 
 
 
Figure 5. 47  Saturation-height function for well F-AH4
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CHAPTER 6 
 
PETROPHYSICAL MODELS: VOLUME OF SHALE, POROSITY, 
PERMEABILITY AND WATER SATURATION FROM CORE AND 
LOG 
 
6.1 INTRODUCTION 
The modelling process encompassed all relevant available core, log and engineering data. 
Each model is constructed with the set purpose of understanding the reservoir conditions. The 
initial data sets used were more detailed for sections that contained extracted core. Here, 
conventional core and special core analysis data were available. The aims of the sections 
below are to incorporate the detailed information on the cored sections of each well with log 
analysis data. The combined data will be used to extrapolate results from cored sections 
through to non-cored sections and build a cohesive modelling framework. 
 
6.2 VOLUME OF SHALE 
Additional information on shale volume was addressed in section 4.3.5. Shale volume is 
regarded as a basic parameter when carrying out well-log analysis and has great influence on 
most types of well logs. The shale volume, by definition, is the ratio of the volume of clay 
and other fine grained particles (particularly silt particles) to the total volume of rock (Szabo, 
2010). Clays, with reference to particle size, may be any mineral within a rock with a grain 
size less than 4 microns (Crain, 2004). Shale is a fine grained clastic sedimentary rock 
composed of mud. The mud may be a mixture clay minerals and minute particles (Op. cit.) 
The amount of shale in a reservoir is often a good indicator of reservoir quality. Increased 
volume of shale tends to decrease the effective reservoir capacity. Conductive shales have an 
effect of reducing the formations resistivity leading to anomalous measurements. If not 
corrected for, these anomalous measurements may in turn lead to inaccurate hydrocarbon 
calculations. Therefore, the more shale influenced a reservoir is (shaly sand) the more 
important it becomes to correct for the predisposed effects of shale. There are various logs 
that may be used as an indicator and are listed below: 
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 Gamma-Ray log 
 Spontaneous Potential log 
 Neutron log 
 Resistivity logs 
 Double clay indicators: 
o Neutron-density 
o Sonic-density 
o Neutron-sonic 
The Gamma-Ray and Spontaneous Potential logs are by far the most commonly used as shale 
indicators. For this study, the Gamma-Ray method was used and will be described below.  
 
6.2.1 GAMMA-RAY METHOD 
The gamma-ray log measures the changes in natural radiation that is emitted by the tested 
formation. Certain minerals emit a higher radiation than others. This is in turn related to 
different rock types. Clay in particular, releases relatively high amounts of natural radiation 
which is a function of clay volume in the formation. A minor set-back to the gamma-ray log 
is that it does not measure non-radioactive inclusions within the clay, namely silts and debris 
that mixed with mud (Crain, 2004). A shale cut-off line is mainly used to differentiate 
between shale and clean sandy material. Clean sands are generally accepted as reservoir type 
rocks. 
There are two methods where the gamma-ray log is used to identify clay (Dresser Atlas, 
1979): 
 Linear method 
 Non-linear method. 
In this study, the linear method was used as a clay indicator as it was sufficient for this type 
of analysis. The common linear method is described below: 
ࢂ࢕࢒࢛࢓ࢋ	࢕ࢌ	ࡿࢎࢇ࢒ࢋ	ሺࢂ࢙ࢎሻ ൌ ࡳࡾ	࢜ࢇ࢒࢛ࢋ	ሺ࢒࢕ࢍሻ	–	ࡳࡾ	ሺ࢓࢏࢔ሻࡳࡾ	ሺ࢓ࢇ࢞ሻ	ି	ࡳࡾ	ሺ࢓࢏࢔ሻ ………………... (6.1) 
Where: 
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Vsh= Volume of shale 
GR value (log) = GR log value reading of the formation 
GR (min) = Lowest GR value (clean formation) 
GR (max) = Maximum shale reading of the formation 
The following parameters (in table 6.1) were used to estimate the clay volume: 
Table 6. 1  Parameters for clay volume estimation 
Well  GR max (API) 
GR min 
(API) 
F‐AH1  172  20 
F‐AH2  184  12 
F‐AH4  172  16 
F‐AR2  156  16 
 
Histogram plots of the Gamma-ray measurements were made on each well, where the 
maximum and minimum readings were interpreted (see Appendix C). Figures 6.1 and 6.2 
below show the log derived volume of clay models for wells F-AH1, F-AH2, F-AH4, and F-
AR2 respectively. 
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Figure 6. 1   Log derived volume of clay models for wells F‐AH1 and F‐AH2
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Figure 6. 2   Log derived volume of clay models for wells F‐AH4 and F‐AR2 
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The log derived volume of clay models above are based on the linear gamma-ray method. 
The green curve “VCLGR” represents the linear gamma-ray method on display. The black 
“VCLAV” curve represents an average volume of clay. Here, the average derived log will be 
similar to the VCLGR curve as this is the only curve based for comparison. The green shaded 
left side of the “VCL” curve represents the clay volume of the formation. The yellow shaded 
right side of the “VCL” curve represents sand influence of the formation.  
 
6.3 POROSITY MODEL  
In chapter 4, porosity was defined as the percentage or ratio of void space to the solid rock 
(Lucia, 2007). Similarly, it is the non-solid volume of the rock that is filled with fluids 
divided by the total solid volume of the rock. Primary porosity is typically developed during 
the initial or original course of sedimentation whereas secondary porosity is developed after 
sedimentation and rock formation, in the form of burrowing, fracturing, vug formation via 
formation water etc. (Crain, 1986). These void spaces host a number of fluids such as gas, oil, 
and water. Porous rocks such as sandstone are generally regarded as good reservoir rocks 
whereas a shale has poor porosity and may form a seal above reservoirs (structural and/or 
stratigraphic trapping) , preventing these fluids from escaping to surface.  
There are various logs that may be used to estimate porosity. The porosity derived logs used 
in this study were the Density, Neutron, and Sonic log described in the subsections below. 
Raw log derived porosity is estimated as total porosity and in most instances need to be 
corrected for clay content. Where the clay effect is removed by correction, porosity is then 
termed effective porosity (Opuwari, 2010). Where clay content is sparse or negligible, the 
effective porosity is equivalent to the total porosity.  
 
6.3.1 POROSITY DETERMINATION FROM NEUTRON LOG 
Neutron porosity tools emit high-energy fast neutrons from chemical or electronic sources. 
The neutrons lose energy as they collide with nuclei of formation materials. Hydrogen is the 
most effective element in slowing fast neutrons (Crain, 2004). Collisions lead to a lower 
energy state thermal neutron which relates to the hydrogen index in the formation. The 
hydrogen index is derived from the ratio of counts from two detectors on the neutron tool. 
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Formation fluids such as oil, water, and gas contain variable hydrogen amounts. As gas 
contains a lower hydrogen density in comparison to oil and water, gas filled porosity appears 
as low porosity. Neutron porosity may be affected by the shale and gas effect. The shale 
effect is due to shale holding a high volume of water which relates to a high hydrogen 
density. The gas effect causes a low porosity reading on the neutron tool due to the low 
hydrogen density of gas. The fluid held by shale is often negligible as it cannot be produced 
easily. The effect of shale on the neutron log can be corrected by the following equation: 
࣐ࡺࢉ࢕࢘࢘ ൌ ࣐ࡺ࢒࢕ࢍ െ ࢂ࢙ࢎ ∗ ࣐ࡺ࢙ࢎ ……………….. (6.2) 
Where: 
߮ே௖௢௥௥= Corrected neutron porosity 
߮ே௟௢௚= Neutron log reading of the interval 
ܸݏ݄= Volume of shale 
߮ே௦௛= Neutron log reading of the adjacent shale formation 
 
6.3.2 POROSITY DETERMINATION FROM DENSITY LOG  
Density tools emit medium energy gamma-rays into the formation of interest. As these 
medium energy rays collide with electrons within the formation, they lose energy and scatter. 
With each collision is a relatable measure of electrons per unit volume, also known as the 
electron density. The electron density of formations and fluids are in most cases proportional 
to the bulk density (Crain, 2004; Opuwari, 2010). Bulk density measurements incorporate the 
electron density of both fluid (relating to the porosity of the formation) and the rock matrix 
which make up the formation. Together, these variables are essentially to compute the density 
porosity and are expressed in the equation (Wyllie, 1963) as: 
࣐ࡰࢋ࢔࢙࢏࢚࢟ ൌ ࣋࢓ࢇ࢚࢘࢏࢞ି࣋࢒࢕ࢍ࣋࢓ࢇ࢚࢘࢏࢞ି࣋ࢌ࢒࢛࢏ࢊ ……………….. (6.3) 
Where: 
߮஽௘௡௦௜௧௬= Porosity derived from Density log 
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ߩ௠௔௧௥௜௫= Matrix/grain density measured by the tool 
ߩ௟௢௚= Bulk density measured by the tool 
ߩ௙௟௨௜ௗ= Fluid density  
The most common reservoir rocks encountered are sandstone, limestone, and dolomite with 
typical matrix densities of 2.65 g/cc, 2.71 g/cc, and 2.87 g/cc respectively. Fluid mud 
densities vary with the type of fluid and pressure in the formation at the time and may be a 
fresh water mud (1 g/cc), salt water mud (1.1 g/cc), or gas mud (0.7 g/cc).  
The formation may contain a significant amount of shale and therefore may be taken into 
account using the following equation (Dresser Atlas, 1979): 
࣐ࡰࢋ࢔࡯࢕࢘࢘ ൌ ࣋࢓ࢇ࢚࢘࢏࢞ି࣋࢒࢕ࢍ࣋࢓ࢇ࢚࢘࢏࢞ି࣋ࢌ࢒࢛࢏ࢊ െ ࢂ࢙ࢎ
࣋࢓ࢇ࢚࢘࢏࢞ି࢙࣋ࢎࢇ࢒ࢋ
࣋࢓ࢇ࢚࢘࢏࢞ି࣋ࢌ࢒࢛࢏ࢊ ……………….. (6.4) 
Where: 
߮஽௘௡஼௢௥௥= Porosity derived from Density corrected for shale effect 
ߩ௠௔௧௥௜௫= Matrix/grain density measured by the tool 
ߩ௟௢௚= Bulk density measured by the tool 
ߩ௙௟௨௜ௗ= Fluid density  
ܸݏ݄= Volume of shale 
ߩ௦௛௔௟௘= Density measurement of adjacent shale formation 
 
6.3.3 POROSITY DETERMINATION FROM SONIC LOG 
One of the first reliable porosity measurements came from sonic or acoustic logging tools that 
were made available in the 1950’s (Schlumberger, 1989). Sonic porosity is measured by 
comparing how the speed of sound travels in the target formation to that of rocks having no 
porosity. Rocks that contain zero porosity are more uniform in structural nature and therefore 
sound will travel faster in these rocks as compared to fluid filled porous rocks (op cit.). The 
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following equations may be used to calculate the sonic porosity in consolidated and 
compacted formations (Wyllie et al., 1958): 
Wyllie Time-Average equation: 
࣐࢙࢕࢔࢏ࢉ ൌ ࡰࢀିࡰࢀࡹࢇࡰࢀࡲ૚ିࡰࢀࡹࢇ ∗
૚
࡮ࢉ࢖ ……………….. (6.5) 
Where: 
߮௦௢௡௜௖= Porosity derived from sonic/acoustic log 
ܦܶ= Acoustic travel time from the log 
ܦܶܯܽ= Acoustic travel time in matrix 
ܤܿ݌= Compaction correction= DTShale/100> 1 
 
Raymer-Hunt Gardner (1980) equation: 
࣐࢙࢕࢔࢏ࢉ ൌ ૞ૡ ∗
ࡰࢀିࡰࢀࡹࢇ
ࡰࢀ  ……………….. (6.6) 
Where: 
߮௦௢௡௜௖= Porosity derived from sonic/acoustic log 
ܦܶ= Acoustic travel time from the log 
ܦܶܯܽ= Acoustic travel time in matrix 
Hydrocarbons affect the acoustic travel time within the formation and may be corrected using 
the following correction equation for a gas formation (Hilchie, 1978): 
࣐ࢉ࢕࢘࢘ ൌ ࣐࢙࢕࢔࢏ࢉ ∗ ૙. ૠ ……………….. (6.7) 
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6.3.4 EFFECTIVE POROSITY DETERMINATION 
Effective porosity is that portion of the total void space of a porous formation that has the 
ability to transmit fluids (Gibb et al., 1984). It excludes all the bound water that may cling to 
clay particle surface areas. Effective porosity occurs because a fluid in a saturated porous 
media will not flow through all voids, but through the voids which are interconnected with 
one another (Op. Cit.). The effective porosity has been determined using the density log and 
is expressed through the following equation.  
ࡱ࢜ࢇ࢒	ࡼࢎ࢏ࢋ ൌ ൬࣋࢓ࢇି࣋࢒࢕ࢍ࣋࢓ࢇି࣋ࢌ࢒ ൰ െ ࢂࢉ࢒ࢇ࢟ ∗ ൬
࣋࢓ࢇି࣋ࢉ࢒ࢇ࢟
࣋࢓ࢇି࣋ࢌ࢒ ൰ ……………….. (6.8) 
Where: 
ܧݒ݈ܽ	݄ܲ݅݁= Effective porosity from density log 
ߩ௠௔= Matrix density (g/cc) from core 
ߩ௟௢௚= Log bulk formation density (g/cc) 
A summary of the parameters used for effective porosity calculation is described in the table 
below. 
Table 6. 2  Parameters used for determination of effective porosity 
PARAMETERS 
WELL  MATRIX DENSITY Pma (g/cc) 
CLAY 
(g/cc) 
WATER SENSITY 
(g/cc) 
HYDROCARBON 
DENSITY (g/cc) 
Vclay 
(v/v) 
F‐AH1  2.65  2.58  1  0.2  VCLGR 
F‐AH2  2.67  2.54  1  0.2  VCLGR 
F‐AH4  2.65  2.59  1  0.2  VCLGR 
F‐AR2  2.67  2.61  1  0.2  VCLGR 
 
Conventional core matrix density (Pma) measurements were only available for well F-AH4. 
The matrix density values for wells F-AH1 and F-AH2 were taken as average values from 
special core analysis reports at room condition. A matrix density of 2.67 g/cc was assumed 
for well F-AR2 as there were no conventional core matrix density data available for the cored 
interval. The fluid densities for water and gas were taken as constants of 1 g/cc and 0.2 g/cc 
respectively. The volume of clay (VGLGR) was estimated from the gamma-ray log using the 
linear method.  
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6.3.5 COMPARISON OF LOG AND CORE POROSITY 
The log derived porosities were computed and compared with the conventional core, SCAL 
overburden, and overburden corrected conventional core measured porosities. The aim is to 
compare log and core derived porosities by identifying a log curve that best fits the core 
derived porosity. Core porosity measurements are only available for the cored sections of 
interest. The log derived porosity curve which best fits the core porosity will therefore form 
the best overall estimate of porosity for the entire well, as the log porosity was extrapolated 
beyond the cored interval. The results are displayed in Figures 6.3 and 6.4 below. 
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Figure 6. 3   Comparison of log and core porosity for wells F‐AH1 and F‐AH2
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Figure 6. 4   Comparison of log and core porosity for wells F‐AH4 and F‐AR2
F-AH4Scale : 1 : 200
DEPTH (2364.94M - 2448.46M) 7/31/2014 09:47DB : IP BREDASDORP DATABASE (3)
1
GR (GAPI)
0. 150.
2
DEPTH
(M)
6
CALI
6. 16.
10
RHOB (G/C3)
2. 3.
NPHI (dec)
0.5 -0.15
DRHO (G/C3)
-1. 0.25
13
VCL (Dec)
0. 1.
14
PhiDen (dec)
0. 0.35
PhiNeu (dec)
0. 0.35
PhiSon (dec)
0. 0.35
OVB_CorrPoro ()
0. 0.35
2365
2370
2375
2380
2385
2390
2395
2400
2405
2410
2415
2420
2425
2430
2435
2440
2445
F-AR2Scale : 1 : 300
DEPTH (2655.57M - 2716.99M) 7/31/2014 09:50DB : IP BREDASDORP DATABASE (4)
1
GR (GAPI)
0. 200.
SP (MEGV)
-200. 200.
Rw SP (ohm.m)
0.01 1.
2
DEPTH
(M)
6
CALI
6. 16.
8
RHOB (G/C3)
2. 3.
NPHI (dec)
0.45 -0.15
DRHO (G/C3)
-1. 0.25
11
VCL (Dec)
0. 1.
12
PhiDen (dec)
0. 0.35
PhiNeu (dec)
0. 0.35
PhiSon (dec)
0. 0.35
core poro ()
0. 0.35
reservoir 5
reservoir 6
reservoir 7
reservoir 8
2660
2665
2670
2675
2680
2685
2690
2695
2700
2705
2710
2715
 
 
 
 
 197 
 
In the F-AH wells of Figures 6.3 and 6.4, the final track on the far right of all wells display 
the log derived porosity curves as well as the overburden corrected porosity measurements 
(black triangles). In well F-AR2, the last track displays the log derived porosity curves as 
well as the core porosity measurements (Black squares). Core porosity measurements were 
used for this well as there were no SCAL data and consequently no overburden porosity data 
that could have been validated against core measurements. The red curve represents the 
density log derived porosity (PhiDen), the green curve represents the neutron log derived 
porosity (PhiNeu), and the blue curve represents the sonic log derived porosity (PhiSon). The 
porosity logs were plotted against the overburden corrected porosity or core porosity 
measurements for comparison. The resultant interpretation was a selection of a porosity log 
curve that best matched the overburden corrected measurements in each of the F-AH wells, 
and core porosity measurements of well F-AR2.  
The density derived log porosity best fitted the overburden corrected core porosity in well F-
AH1, whereas the neutron derived log porosity best fitted the overburden corrected core 
porosity in wells F-AH2 and F-AH4. A good match was present between the density derived 
log porosity and the measured core porosity of well F-AR2. 
A general difference between log and core porosity for each well exists. Where a significant 
difference occurs, this may be attributed to the clay materials of the formation. Clay minerals 
have an effect of expanding and may lead to an increase in formation volume. This relates to 
a decrease in bulk density and porosity at reservoir condition but causes an over-estimation of 
porosity in air-dried samples measured in the laboratory. For the above investigated wells, the 
Neutron, Density, and Sonic logs were used to estimate porosity as these logs are good 
indicators of formation porosity. Each log determined porosity model (PhiDen, PhiNeu and 
PhiSon) was compared against known conventional core porosity measurements taken from 
core plugs of each well. The conventional core porosity data serves as real physical 
measurements from which the wire-line computed porosity measurements may be compared 
against. The log derived porosity model that best matched the conventional core porosity data 
for a particular well was used throughout the duration of this work.  
In conclusion to this section, the density log curve best suited the core porosity measurements 
in wells F-AH1 and F-AR2, whereas the neutron log porosity curve best suited the core 
porosity measurements in wells F-AH2 and F-AH4.   
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6.4 PERMEABILITY MODEL 
As discussed in chapter 4, permeability is the property of a rock (reservoir rock) to allow the 
transmission of a fluid when there is a pressure gradient set in place. This characterises the 
flow of fluids through interconnected pores within a rock and is a measure of its conductivity 
(Crain, 2004). Permeability is relative in value to the water saturation of a rock. Permeability 
may be measured vertically or horizontally. Vertical permeability measurements are 
generally less than horizontal measurements as grain sorting and size are more prone to 
change vertically with depth. Horizontal permeability follows bedding plane structure. For 
this reason, horizontal permeability is more widely used than its alternate vertical 
measurement. Comparison of core and log derived permeability is an important analysis as it 
allows the log generated data to be calibrated with actual core measurements. Two sources of 
permeability measurements were used within this contribution of work: the core measured 
permeability and the estimated permeability curve derived from cross-plotting core porosity 
versus core permeability.  
 
6.4.1 PERMEABILITY FROM CORE ANALYSIS (POROSITY-PERMEABILITY 
CROSSPLOT) 
The aim of this section is to establish a correlation between the core porosity and 
permeability measurements. Once established for each well, an estimated permeability curve 
is generated throughout each well section and furthermore compared with the core 
permeability results. The estimated permeability curve functions as a permeability prediction 
within the none-cored sections of the well. Figure 6.5 below represents the core porosity-
permeability cross plots for wells F-AH1, F-AH2, F-AH4, and F-AR2. 
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The porosity-permeability functions were obtained from cross plot relationships between core 
porosity and permeability, as discussed in section 5.5.5. The correlation coefficient (R²) was 
determined for each well and indicated how well the datasets compared or associated with 
one another. The functions are described in table 6.3 below. 
 
Table 6. 3  Porosity‐permeability functions per well 
Well  Porosity‐permeability function  Correlation coefficient (R²) 
F‐AH1  Log (K) = ‐1.4056+35.8453*PorosityF‐AH1  0.6663 
F‐AH2  Log (K) = ‐1.0004+20.6690*PorosityF‐AH2  0.5319 
F‐AH4  Log (K) = ‐4.2069+43.6948*PorosityF‐AH4  0.635 
F‐AR2  Log (K) = ‐2.2395+30.0054*PorosityF‐AR2  0.7916 
 
6.4.2 COMPARISON OF ESTIMATED LOG PERMEABILITY WITH CORE 
PERMEABILITY 
Using the functions above in table 6.3, an estimated permeability curve was generated for 
each well and validated against the core permeability measurements. The aim of the 
estimated permeability curve was to predict permeability throughout the well as core 
permeability measurements are limited to the cored section only. Figures 6.6 and 6.7 below 
illustrate the predicted permeability (Black curve, far right track) together with core 
permeability (blue squares, far right track) for wells F-AH1, F-AH2, F-AH4, and F-AR2 
respectively. 
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Figure 6. 6   Predicted permeability together with core permeability for wells F‐AH1 and F‐AH2
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Figure 6. 7   Predicted permeability together with core permeability for wells F‐AH4 and F‐AR2 
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As seen in the figures above, the predicted permeability readings (black curve, far right track) 
largely matched with the permeability from core results (blue squares, same track) for each 
well. Of particular note in well F-AH2 are the permeabilities that reach up to 495 mD.  
All of the concerned wells used for the generation of permeability estimation curves were 
commonly in acceptable correlation to the core permeability results. Areas of discrepancies 
between the estimated and core derived permeability were evident and expected as the log 
generated curves are models and relied on correlation equations to estimate permeability. 
Variability exists where data points may be erroneous on core measurements, and will 
consequently affect the estimated log permeability curve.  
In conclusion, the permeability for the non-cored sections was estimated from core porosity-
permeability and lie within an acceptable degree of correlation and confidence. A range of 
core and log estimated permeability for each well is presented in appendix D 
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6.5 WATER SATURATION MODEL 
As discussed in chapter 4, the formation may be filled with various types of fluid. The fluid 
saturation of a formation is that percentage of pore space that is occupied with a certain fluid. 
Connate water is a fluid that is sourced from a marine environment when the sediments were 
first deposited whereas interstitial water, though synonymous with connate water, could be 
water that resulted from rock compaction, expulsion of water, and lateral migration of the 
water (Levorsen, 1967). Connate and interstitial water are both considered to be irreducible 
and immobile. Water saturation is dependent on pore size, pore distribution, and the height 
above the water bearing zone (Opuwari, 2010). Generally within most rocks, a range of 10 - 
40 % of connate water may occupy its pore spaces at any given time. This implies that fluids 
other than connate water, i.e. hydrocarbons, occupy the remainder of the pore space.  
Different types of water occupy the formation and have largely been identified as bound 
water, that is easily attached to the large surface area of clay minerals; capillary water, which 
is the immobile water that is strongly influenced by capillary forces; and free water, that is 
water found within the macro-pore areas of the interconnected pore space of the reservoir, 
flow-able by a water gradient (Newman, 1987). 
There are various methods of determining the water saturation in a formation, which is: core 
data, wireline, capillary pressure data, and drill stem test data. The water saturation was 
determined using core data, wireline logs, and capillary pressure data. Specific emphasis will 
be placed on the log derived and core saturation where a comparison is conducted between 
the two. For log derived water saturation, various water saturation models are available and 
have been grouped into two: the shale free clean sand models and shaly-sand models. The 
clean sand model was determined from the Archie relationship and the shaly-sand models 
used in this study were Simandoux and Indonesia models. 
The basic input parameters such as water resistivity at formation temperature and the 
formation temperature estimation for the water saturation models will briefly be discussed 
below with the water saturation models to follow. 
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6.5.1 PARAMETERS 
6.5.1.1 Formation temperature determination 
The static formation temperature was taken from the end of well report for each well and then 
input into the Schlumberger Interactive Petrophysics software in order to calculate and 
generate a temperature gradient. These temperature calculations were output as temperature 
curves for later use in formation water resistivity from SP (self-potential log) calculations. 
 
6.5.1.2 Determination of formation water resistivity (Rw) 
The formation water resistivity value is that which saturates the porous formation and is not 
contaminated by drilling mud. It may be determined from calculation of spontaneous 
potential log, water catalogue, chemical analysis, water sample measurements, calculation 
from nearby water bearing formation, from Rwa technique, and from cross-plots (Opuwari, 
2010). For this study, the method for determination of formation water resistivity was by use 
of the spontaneous potential log and will be discussed below. 
 
6.5.1.2.1 Spontaneous Potential method for determination of formation water resistivity 
(Rw) 
The formation water resistivity may be estimated from the SP log in water bearing clean sand 
(Op. Cit.). The formation temperature was entered as a parameter and created from the 
temperature gradient module in the Interactive Petrophysics (IP) software. The output curves 
are the ‘resistivity of water from SP curve’ (RwSP) and salinity curve. This method does not 
work well in oil based muds as oil impedes the generation of SP. The SP measurement is also 
hindered in shale dominated formations and hydrocarbon bearing intervals and should only 
be applied to clean sands holding water. An example of an RwSp generated curve for well F-
AH1 is displayed in Figure 6.8 below. The water resistivity from SP (RwSP) and the salinity 
curves of the formation is shown in track 7 
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Figure 6. 8  Example of resistivity of water from SP method.
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6.5.2 WATER SATURATION (Sw) MODELS 
Three water saturation models, namely the clean sand Archie model, Simandoux, and 
Indonesian model were used. The comparison of these models to best fit each well was 
analysed below: 
 
6.5.2.1 Clean Sand model 
6.5.2.1.1 Archie’s model 
Archie’s model is one of the most commonly used models for clean sands. In this model, 
Archie (1942) characterised the conductivity of a porous media having a matrix that is 
essentially non-conductive and is a function of the porosity as well as the saturating fluid’s 
conductivity. 
Archies equation was expressed as: 
ࡿ࢝࢔ ൌ ࡾ࢝/ሺ࣐࢓ ∗ ࡾ࢚ሻ ……………….. (6.9) 
Where: 
ܵݓ =Water saturation of the un-invaded zone 
ܴݓ =Formation water resistivity at formation temperature= 0.1 Ohm-m 
ܴݐ =True resistivity of the formation corrected for invasion, borehole, thin bed, and other 
effects 
݉ = Cementation exponent 
݊ = Saturation exponent 
߮ = Porosity 
Table 6.4 below represents the cementation exponent (m), and saturation exponent (n) that 
was taken as averages from SCAL reports for wells F-AH1 to F-AH4, and assumed for well 
F-AR2 as no SCAL information was available.  
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Table 6. 4  Porosity‐permeability functions per well 
WELL 
Cementation 
Exponent 
(m) 
Saturation 
Exponent 
(n) 
Comment 
F‐AH1  1.79  1.69  Averages from SCAL 
report 
F‐AH2  1.68  1.78  Averages from SCAL 
report 
F‐AH4  1.77  1.81  Averages from SCAL 
report 
F‐AR2  2  2  Assumed 
 
According to Opuwari (2010), Archie’s equation works well in highly saline formation 
waters where pores are interconnected to allow for a current flow. Low salinity formations 
consequently cause erroneous readings due to surface conductance effects.  
 
6.5.2.2 Shaley-Sand models 
The clean sand Archie model may give erroneous readings in shaley-sand reservoirs and lead 
to misleading results as the model recognises the formation water as the only electrically 
conductive material within the formation (Crain 2004). In shaley-sand reservoirs, the shale 
itself acts as an electrical conductor. Electrical conductivity within this type of formation is 
therefore largely dependent on the type of clays present, origin of the shale, and the 
composition of the fluid. Unlike Archie’s model, shaley-sand models take into account the 
formation water as well as the conductivity of shale.  
Today there are many shaley-sand models used to determine the water saturation of a 
formation (Simandoux, Modified Simandoux, Fertl & Hammock, Indonesia, etc.). The 
Simandoux and Indonesian models were deemed sufficient for this study and are described 
below.  
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6.5.2.2.1 Simandoux model 
The Simandoux model (1963) is based on factors utilising a mixture of sand and shale within 
the formation. The model is expressed using the following relationship: 
ࡿࢃ ൌ ࢇࡾࢃ૛࣐࢓ െ ሺ
ࢂ࢙ࢎ
ࡾ࢙ࢎ ൅ ටቀ
ࢂ࢙ࢎ
ࡾ࢙ࢎቁ
૛ ൅ ૝ࡲ ∗ ࡾࢃ ∗ ࡾ࢚ሻ ……………….. (6.10) 
Where: 
ܵௐ= Water saturation 
ܽ= Equation coefficient 
ܴௐ= Resistivity of water 
݉= cementation exponent 
߮= Effective porosity in fraction 
௦ܸ௛= Volume of shale 
ܴ௦௛= Resistivity of shale 
ܨ= Formation resistivity factor 
ܴ௧= True formation resisitivity from corrected deep resistivity log. 
 
6.5.2.2.2 Indonesian model 
Poupon and Leveaux (1971) created an empirical model based on the characteristics of fresh 
waters with high degrees of shale content that were present in the formation, called the 
Indonesian model. The empirical relationship has been described as: 
૚
√ࡾ࢚ ൌ ቀ
࣐ࢋ࢓
ࢇ∗ࡾ࢝ ൅
ࢂࢉ࢒૚షࢂࢉ࢒/૛ሻ
√ࡾࢉ࢒ ቁ ∗ ࡿ࢝࢔/૛ ……………….. (6.11) 
Where: 
ܴݐ= Resistivity curve from deep log reading 
ܴݓ= Formation water resistivity 
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߮݁= Effective porosity 
݉= Cementation exponent 
݊= Saturation exponent 
ܽ= Tortuosity factor 
ܸ݈ܿ = Volume of shale in fraction 
ܴ݈ܿ= Resistivity of wet clay 
ܵݓ= Water saturation in fraction 
 
6.5.3 COMPARISON OF CONVENTIONAL CORE, CAPILLARY PRESSURE, AND 
LOG DERIVED WATER SATURATION 
The water saturation was determined via three focal methods and compared per well. The aim 
was to define which log derived curve (Archie, Simandoux, or Indonesian) best fitted the 
conventional core and capillary pressure derived free water saturation measurements. The 
conventional core water saturation measurements (see section 5.5.4) and log calculated water 
saturation models were provided for all wells (F-AH1 to F-AR2). It should be noted that the 
version of Interactive Petrophysics (IP) software used in this study only generates the log 
water saturation models for sections that were flagged as reservoir zones. Free water 
measurements derived from capillary pressure curves were provided for wells F-AH1, F-
AH2, and F-AH4. Well F-AR2 lacked capillary pressure data and therefore no free water 
measurements were estimated for this well. Figures 6.9 to 6.13 below represent the 
comparison of the conventional core and free water saturation measurements with log 
calculated water saturation models. 
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In Figure 6.9, the 3 log calculated water saturation models (Archie, Simandoux, and 
Indonesian) along with conventional core and capillary pressure derived water saturation 
measurements are displayed in track 17 for comparison purposes. The Archie, Simandoux, 
and Indonesian models are displayed as red, aqua, and green respectively. The core water 
saturation measurements and capillary pressure derived water saturation measurements are 
displayed as blue circles and black squares respectively. All measurements are plotted on a 
fraction scale.  
In well F-AH1, the average water saturation estimated from the Archie’s model was 
approximately 87 %, Indonesia was 61 %, and Simandoux was 63 % within the reservoir 
section. As previously discussed, the difference between a clean sand formation and shaley-
sand formation has a significant effect on the water saturation models. An example of such a 
difference in water saturation models are presented in Figure 6.9. The water saturation 
derived from Archie’s model shows a vast increase where clay volumes are high. Archie’s 
model is only accurate in clean sands with minimal clay influence. In general, the log 
calculated water saturation curves are higher than the conventional core water saturation 
measurements. The Indonesian model (green colour curve, track 17) best matches the 
capillary pressure derived free water saturation for this well and will therefore be used 
throughout this study.  
The dashed black line represents the fluid contact (Gas-oil and oil-water contacts) determined 
from Repeat Formation Test (RFT) and log response interpretations (discussed in chapter 7.3 
below). The red, green, and blue shaded areas represent gas, oil, and water respectively, 
based on RFT pressure gradient results. Above the OWC, hydrocarbons (Gas and oil) were 
interpreted to exist whereas water was interpreted to exist below the OWC. Based on this 
information, the water saturation curve (Indonesian) is expected to increase below the OWC. 
As seen in the above figure, the water saturation increases to 100 %, but drastically decreases 
to roughly 70 % after 2482.5 m and remains steady at this value. Regardless of this lowered 
value, a water saturation of 70 % is considered high (water saturation cut-off for pay zone is 
60 %, discussed further in section 8.3.3) and a wet non-productive interval. Above the OWC, 
the water saturation is expected to be lower in comparison to the wet zone (below OWC) as 
hydrocarbons will occupy the pore space. This has been observed in the figure above where 
the water saturation curve decreased to 50 % but then appeared to increase to between 60-70 
% and fluctuate at these ranges above the OWC. It has also been observed that clay exists 
throughout this section and affects the water saturation curves by means of water retention. 
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The 3 log calculated water saturation models (Archie, Simandoux, and Indonesian) along 
with conventional core and capillary pressure derived water saturation measurements are 
displayed in track 16 for contrastive purposes (Figure 6.10). The Archie, Simandoux, and 
Indonesian models are displayed as red, aqua, and green respectively. The core water 
saturation measurements and capillary pressure derived water saturation measurements are 
displayed as blue circles and black squares respectively. All measurements are plotted on a 
fraction scale.  
In well F-AH2, the average water saturation estimated from Archie’s model was 
approximately 49 %, Indonesia was 39 %, and Simandoux was 42 % within the reservoir 
section. There is a good agreement between the core derived water saturation and log 
calculated water saturation results. The water saturation derived from Archie’s model 
maintains a higher water saturation level than the other water saturation curves. Archie’s 
model appears to be less affected by clay when compared to well F-AH1 as the formation is 
largely clean sand. The capillary pressure curve shows a poor match when compared to the 
log and core water saturation measurements. The Simandoux model (aqua blue colour curve, 
track 16) best matches the core derived water saturation results.  
The dashed black line represents the gas-water contact (GWC) determined from Repeat 
Formation Test (RFT) and log response interpretations (discussed in chapter 7.3 below). The 
red shaded area indicates gas and the blue area indicates water as interpreted using RFT data. 
Above the GWC, gas was interpreted to exist whereas water was interpreted to exist below 
the GWC. Based on this information, the water saturation curve (Simandoux) is expected to 
increase below the GWC. As seen in the above figure, the water saturation increases from 62 
% up to 80 % at a depth of 2441.9 m within the reservoir section as expected. Above the 
GWC, the water saturation is generally low where gas was believed to be, except for at points 
where clay content was high (owing to water retention of clays). 
 
 
 
 
 
 215 
 
 
Figure 6. 11  Comparison of core and log water saturation models for well F‐AH4 
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The 3 log calculated water saturation models (Archie, Simandoux, and Indonesian) along 
with conventional core and capillary pressure derived water saturation measurements are 
displayed in track 17 for contrastive purposes (Figure 6.11). The Archie, Simandoux, and 
Indonesian models are displayed as red, aqua, and green respectively. The core water 
saturation measurements and capillary pressure derived water saturation measurements are 
displayed as blue circles and black squares respectively. All water saturation measurements 
are plotted on a fraction scale. Figure 6.11 above only describes the water saturation results 
where core and free water interpreted data was available. The water saturation result in 
relation to the hydrocarbon column was located at a shallower depth and does not coincide 
with the core water saturation results and will therefore be discussed in the next figure.  
In well F-AH4, the average water saturation estimated from the Archie’s model was 
approximately 45 %, Indonesia was 34 %, and Simandoux was 33 % within the reservoir 
section. The conventional core water saturation results have a clearer match to the log 
calculated curves than the capillary pressure derived free water saturation measurements. The 
cored section for well F-AH4 was relatively clean sand with minimal clay influence. Archie’s 
model appears to be less affected by clay in comparison to well F-AH1, as the formation is 
generally made up of cleaner sand. For this reason, Archie’s model can be used with 
confidence. The capillary pressure curve shows a poor match when compared to the log and 
core water saturation measurements. The Archie model (red colour curve, track 17) best 
matches the core derived water saturation results for this well and will be used throughout 
this study. 
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In well F-AR2, the average water saturation estimated from the Archie’s model was 
approximately 45 %, Indonesia was 38 %, and Simandoux was 38 % within the reservoir 
section. Free water saturation measurements derived from capillary pressure data were 
unavailable as there were no capillary pressure data available for this well. There is a 
moderate to poor correlation between the core derived water saturation and log calculated 
water saturation results. Again, Archie’s model appears to be less affected by clay when 
compared to well F-AH1, as the formation is generally made of cleaner sand. The Archie 
model (red colour curve, track 14) best matches the core derived water saturation results for 
this well and will therefore be used throughout this investigation.  
Repeat Formation Test (RFT) and log results indicated a gas zone (shaded red) within the 
reservoir section (Discussed in chapter 7.3 below). From the RFT results, no pressure 
measurements were obtained in water bearing zones due to seal failure. Based on the low 
water saturation observed within reservoir 5, most of the investigated section was assumed to 
be gas bearing from 2660 m to 2689.7 m.  
In conclusion to this section of work, the Indonesian water saturation model was used for 
well F-AH1, Simandoux model was used for well F-AH2, and the Archie model was used in 
the both wells F-AH4 and F-AR2. A trend was observed within the analysis of above water 
saturation results where reservoir sections of interpreted hydrocarbon columns (from RFT 
and log analysis) commonly showed low water saturation values (less than 50 % saturation) 
This is consistent with the understanding that pore space with low shows of water occupying 
it may most likely be filled with fluids such as gas and oil of variable amounts.  
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CHAPTER 7 
 
DETERMINATION OF FLUID CONTACT 
 
7.1 INTRODUCTION 
Having information on different fluid types as well as an understanding of their contact 
depths provide a useful means of effectively understanding potential productive and non-
productive zones within a reservoir and aids in clarifying petrophysical interpretations. The 
most common fluids found within a reservoir are oil, gas, and water. Oil, gas, and water are 
all fluids and have varying densities and pressures relative to one another. The fluids of 
particular concern for economic development of a field are namely oil and gas. In a reservoir 
containing all three fluids, water will relatively be at the bottom of the reservoir, followed by 
oil above it, and the lighter gas immediately above the oil (based on density variation). When 
hydrocarbons and water both accumulate in the reservoir, there is a natural separation that 
occurs due variance in fluid specific gravity (Crain, 2004). Gas is less dense relative to oil 
and water and will therefore rise above both fluids to the top of the reservoir. Immediately 
below the gas cap lays the gas-to-oil transition zone. Below the gas-to-oil transition zone will 
be the oil-to-water transition zone, where both oil and water exist. The water contact 
describes the elevation above which fluids (oil/gas) may be found within the pores of the rock 
(Op. Cit.). The fluid contacts within a reservoir may be determined using petrophysical 
interpretation of wireline logs as well as production test results (Opuwari, 2010). For this 
contribution of work, the fluid types and contacts were interpreted using wireline pressure 
data and log data.  
 
7.2 REPEAT FORMATION TEST DATA ANALYSIS AND INTERPRETATION 
Pressure within the subsurface is primarily dependent on the densities of the surrounding rock 
as well as the fluids contained within them. A normal hydrostatic pressure generally increases 
with increasing depth in the subsurface and fluid density is a controlling factor on this normal 
hydrostatic pressure gradient. Table 7.1 below shows the range of density and pressure 
gradients for hydrocarbons. 
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Table 7. 1  Density and Pressure gradient ranges for hydrocarbons (Modified after Gearhart-Owens 
Industry,1972) 
Fluid 
Normal density range 
(g/cc) 
Gradient range 
(psi/ft) 
Gas (Gaseous phase) 0.007-0.30 0.003-1.130 
Gas (Liquid phase) 0.200-0.40 0.090-0.174 
Oil 0.400-1.12 0.174-0.486 
Water 1.000-1.15 0.433-0.500 
 
Wireline pressure data were obtained for wells F-AH1 to F-AR2 in order to establish fluid 
pressure gradients within the studied reservoir sandstones. The section below graphically 
displays the results of the Repeat Formation Test (RFT). Certain results were discarded in the 
analysis as they were identified as unsuccessful tests. Results may be unsuccessful due to 
various factors resulting from packer seal failure, probe blockages, or poor isolation of the 
mud column (Op. Cit.). Certain results may deviate drastically from normal plotted results 
and may be due to low permeability “Supercharged” zones where mud filtrate has 
significantly invaded that section. The points plotting as supercharged were, in most cases, 
discarded from the rest of the analysis as the data was unreliable but nevertheless important 
to point out. The interpretation was carried out by creating a pressure versus depth plot. The 
plot was used to better visualise the results and to identify different fluid gradients 
(gas/oil/water) as well as to identify free water levels. Where the hydrocarbon and water 
gradients intersect, a free water level may be inferred and used to identify the depth of 
contact between the two fluids. Pressure gradients of the different fluids hosted by the 
reservoirs of each well were interpreted from the RFT pressure curves and were consequently 
used to calculate and plot saturation height curves for each well (as seen in chapter 5). The 
pressure gradients were converted to fluid densities using the following relationship 
(Bateman, 1985): 
Fluid density (g/cc) = Pressure gradient (psi/ft) * 2.3072 ……………….. (7.1) 
Equation 8.1 above may be manipulated to express the pore pressure gradients in psi/m using 
the following relationship: 
1 psi/m = 0.7034 g/cc ……………….. (7.2) 
The RFT results are described for each well below.  
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7.2.1 WELL F-AH1 
The RFT tool was run in well F-AH1 in order to establish a fluid contacts, gradients and 
formation pressures within the reservoir sands. The formation fluid pressure was tested at 33 
levels of which 24 were successful (Bell et. al, 1986). The measured results are displayed in 
appendix E. An interpretation of the results is presented in Figure 7.1 below. 
 
Figure 7. 1  Well F-AH1 Formation pressure versus Depth Plot 
 
The results in Figure 7.1 indicate 3 possible fluids existing within the tested reservoir section. 
There is a gas gradient of 0.23 g/cc down to a gas-oil contact (GOC) at 2416.5 m, an oil 
gradient of 1.18 g/cc down to an oil-water contact (OWC) at 2455.9 m, and a water gradient 
of 1.68 g/cc. Points plotting at abnormally high pressures were observed in this well and 
regarded as supercharged.   
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7.2.2 WELL F-AH2 
The formation fluid (pore) pressure was tested at 32 levels from depths ranging from 2365 m 
to 2598 m as seen in appendix E. The interpretation is presented in Figure 7.2 below. 
 
Figure 7. 2  Well F-AH2 Formation pressure versus Depth Plot 
 
Two possible fluids existed within the tested reservoir section of well F-AH2 (Figure 7.2). 
There is a gas gradient of 0.22 g/cc down to a gas-water contact (GWC) at 2436.1 m, and a 
water gradient of 1.16 g/cc. Points plotting at abnormally high pressures were also observed 
in this well and regarded as supercharged. No fluid samples were taken.   
2300
2350
2400
2450
2500
2550
2600
2650
3300 3400 3500 3600 3700 3800 3900
D
e
p
th
  
 (
m
) 
Formation Pressure (psi) 
Well F-AH2 Pressure vs Depth plot (RFT) 
Data
Oil
Water
Gas 1
Oil (auto)
Water (auto)
Gas 1 (auto)
Gas gradient= 0.096 
psi/ft = 0.315 psi/m = 
0.22 g/cc 
Water gradient= 
0.503 psi/ft = 
1.650 psi/m = 1.16 
g/cc 
Gas-Water 
contact= 2436.1m 
Supercharged 
 
 
 
 
 224 
 
7.2.3 WELL F-AH4 
The formation fluid (pore) pressure was tested at 13 levels from depths ranging from 1834 m 
to 1861 m as seen in appendix E. The interpretation is presented in Figure 7.3 below. 
 
 
Figure 7. 3  Well F-AH4 Formation pressure versus Depth Plot 
 
In Figure 7.3, two possible fluids exist within the tested reservoir section. There is a gas 
gradient of 0.40 g/cc down to a gas-water contact (GWC) at 1836 m, and a water gradient of 
1.11 g/cc. There were no points observed plotting at abnormally high pressure (supercharged) 
in this well. No fluid samples were taken.   
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7.2.4 WELL F-AR2 
The formation fluid (pore) pressure measurements were attempted in the sandstones over an 
interval that ranged from 2662 m to 2775 m. Of the 22 attempts, only 15 were successful and 
7 were used within this study from depths that ranged from 2662 m to 2688 m as seen in 
Appendix E. The interpretation is presented in Figure 7.4 below. 
 
 
Figure 7. 4  Well F-AR2 Pressure versus Depth Plot 
 
The results indicate a gas gradient of 0.14 g/cc within the massive regressive sandstone 
reservoir. No pressure measurements were obtained in water bearing zones due to seal failure 
and hence a water gradient and resultant gas-water contact could not be determined. 
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A summary of the interpreted pressure gradient (for gas, oil, and water) and fluid density data 
per well is presented in table 7.2 below. 
Table 7. 2  Summary of pressure gradients and fluid density data per well 
Well 
name 
Gas 
Gradient 
(psi/m) 
Gas 
Gradient 
(psi/ft) 
Density 
(g/cc) 
Oil 
Gradient 
(psi/m) 
Oil 
Gradient 
(psi/ft) 
Density 
(g/cc) 
Water 
Gradient 
(psi/m) 
Water 
Gradient 
(psi/ft) 
Density 
(g/cc) 
F-AH1 0.322 0.098 0.23 1.677 0.511 1.18 2.388 0.728 1.68 
F-AH2 0.315 0.096 0.22 ~ ~ ~ 1.65 0.503 1.16 
F-AH4 0.574 0.175 0.4 ~ ~ ~ 1.575 0.48 1.11 
F-AR2 0.2 0.061 0.14 ~ ~ ~ ~ ~ ~ 
 
In observation of all the studied wells, the water gradient ranged from 1.575 - 2.388 psi/m 
(1.11 - 1.68 g/cc) where well F-AR2 indicated the highest interpreted water gradient of 2.388 
psi/m. Only well F-AH1 indicated a possible oil column with an interpreted oil gradient of 
1.677 psi/m. The interpreted gas gradients ranged from 0.2 - 0.574 psi/m (0.14 - 0.4 g/cc). 
The high density gas gradient of 0.4 g/cc interpreted in well F-AH4 was significantly higher 
than the rest of the wells. Such dense gas was assumed to be nearing the liquid phase.   
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7.3 COMPARISON OF RFT AND LOG FLUID CONTACT 
There are a number of possible ways to determine fluid contacts in a target zone. An example 
would be the repeat formation test data of wells F-AH1 to F-AR2 that were interpreted and 
discussed in section 7.2 above. Another possible way to determine the contact between fluids 
(gas, oil, and water) in a reservoir would be to use a combination of neutron and density logs, 
as well as the use of the resistivity log. If significant gas is present in the reservoir, the 
density log porosity increases with an accompanied decrease in neutron log porosity 
(Bassiouni, 1994). The hydrocarbon and water contacts may be established by observing the 
separation between the neutron and density log responses.  
The base of a gas column is interpreted by looking at a reduction in this separation of 
neutron-density log responses in the reservoir. Reservoir quality is one of the primary factors 
that affect the sensitivity of neutron-density log separation and the ability to interpret the fluid 
contacts. Where reservoir quality is poor (increased clay content and cementation), the 
neutron-density separation will be diminished. Hydrocarbons within a formation are 
generally resistive to current flow relative to water, thereby causing a significantly high 
resistivity log response. The hydrocarbon water contacts are chosen at the base of an apparent 
saturation zone from the resistivity log data and from computed water saturation. The chosen 
fluid contacts from logs were compared with pressure measurement contacts and presented in 
the figures below. 
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Figure 7. 5  Well F-AH1 comparison of log and repeat formation test hydrocarbon water contact
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Figure 7.5 above presents the resistivity log in track 6, the neutron-density logs in track 8, 
and the pressure versus depth (RFT data) in track 9 on the far right hand side of the figure. 
Gas, oil, and water were interpreted to be in the reservoir section of the F-AH1 well. The 
repeat formation test pressure versus depth plot shows the gas-oil contact (GOC) at a depth of 
2442.5 m and an oil-water contact (OWC) at a depth of 2481.9 m. There existed an obvious 
separation between the neutron and density log responses in the gas column that warranted 
the interpretation of such a hydrocarbon column. The log interpreted GOC matched closely 
with that of the RFT pressure interpretation. The resistivity log response was not as obvious 
in the entire column. These low resistivity values were attributed to clay minerals such as 
chlorite. The neutron-density separation within the oil column was also not as obvious as in 
the gas column. A gas column of 29.5 m (section above gas-oil contact) and an oil column of 
38.5 m (section above oil-water contact) were interpreted in this well. An oil-water contact 
(OWC) was suggested at a depth of 2481.9 m using RFT pressure data. There is no DST 
information available to establish the type of production, and fluids present in the well.  
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Figure 7. 6  Well F-AH2 comparison of log and repeat formation test gas water contact 
 
Figure 7.6 above presents the resistivity log in track 9, the neutron-density logs in track 10, 
and the pressure versus depth (RFT data) in track 11 on the far right hand side of the figure. 
Only gas and water were interpreted to be in the reservoir section of the F-AH2 well. The 
repeat formation test pressure versus depth plot shows the gas-water contact (GWC) at a 
depth of 2436.1 m using RFT results. Separation existed between the neutron and density log 
responses down to 2444 m, but a GWC was taken at 2436.1 m since the resistivity log 
response diminished rapidly down to 2444 m, and possibly indicated transition into a water 
zone. The possible gas column was interpreted as being potentially 72.1 m thick from depths 
that ranged from 2364 m to 2436.1 m. There is no DST information available to establish the 
type of production, and fluids present in the well.  
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Figure 7. 7  Well F-AH4 comparison of log and repeat formation test gas water contact 
 
Figure 7.7 above presents the resistivity log in track 9, the neutron-density logs in track 10, 
and the pressure versus depth (RFT data) in track 11 on the far right hand side of the figure. 
Only gas and water were interpreted to be in the reservoir section of the F-AH4 well. The 
repeat formation test pressure versus depth plot shows the gas-water contact (GWC) at a 
depth of 1836 m. The wireline interpreted GWC and RFT pressure GWC correlate well. 
There was separation between the neutron and density log responses from 1833.5 m down to 
1855 m but a GWC was taken at 1836 m because: the neutron-density log response showed a 
large separation from 1833.5 m to 1836 m, resistivity readings were high down to 1836 m, 
and RFT pressure results confirm a gas column at this interval. The possible gas column was 
interpreted as being potentially 2.5 m thick. Below the GWC lies the water zone. There is no 
DST information available to establish the type of production, and fluids present in the well.  
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Figure 7. 8  Well F-AR2 comparison of log and repeat formation test gas water contact 
Figure 7.8 above presents the resistivity log in track 7, the neutron-density logs in track 8, 
and the pressure versus depth (RFT data) in track 9 on the far right hand side of the figure. 
Only gas was interpreted to be in the reservoir section of the F-AR2 well. The neutron-
density log separation was large throughout the reservoir zone, indicating that the entire 
section is possibly gas bearing. Resistivity readings could not confirm this as the response 
readings were too low. The RFT results indicate a gas gradient of 0.14 g/cc within the tested 
section. No pressure measurements were obtained in water bearing zones due to seal failure, 
hence a water gradient and resultant gas-water contact could not be determined.  
The gas-water contacts determined from the log and pressure data were generally in close 
correlation with each other. In some wells, the gas effect was not clearly visible and was 
assumed to be due to the prevalence of liquid condensate gas with the tested section.  
Table 7.3 below represents a summary of the interpreted fluid contacts per well. 
Table 7. 3  Summary of fluid contacts for each well 
Well name  Interval (m) 
Gas Oil Contact 
(GOC) (m) 
Oil Water 
Contact (OWC) 
(m)  
Gas Water 
Contact (GWC) 
(m) 
F-AH1 2193-2567.5 2442.5 2481.9 ~ 
F-AH2 2365.6-2597.5 ~ ~ 2436.1 
F-AH4 1834-1861 ~ ~ 1836 
F-AR2 2662-2688 ~ ~ ~ 
F-AR2Scale : 1 : 300
DEPTH (2656.94M - 2690.77M) 9/7/2014 14:15DB : IP BREDASDORP DATABASE (4)
1
GR (GAPI)
0. 200.
SP (MEGV)
-200. 200.
Rw SP (ohm.m)
0.01 1.
2
DEPTH
(M)
6
CALI (IN)
6. 16.
7
ILD (OHMM)
0.2 2000.
LLS (OHMM)
0.2 2000.
MSFL (OHMM)
0.2 2000.
8
RHOB (G/C3)
2. 3.
NPHI (dec)
0.45 -0.15
DRHO (G/C3)
-1. 0.25
9
RFT Final (mBR ()
3820. 3840.
reservoir 5
2660
2665
2670
2675
2680
2685
2690
G
A
S C
O
LU
M
N
 
Gas Density= 0.14 
g/cc 
 
 
 
 
 233 
 
CHAPTER 8 
 
APPLICATION OF RESULTS, DETERMINATION OF CUT-OFF AND 
NET PAY 
 
8.1 INTRODUCTION 
As petrophysical properties may be derived from various data sources such as core, wireline 
logs, and production test data, different physical parameters are consequently measured. This 
opens challenges as not all measurements are produced in favourable conditions. In these 
situations, all available data are usually compared with one another and are calibrated against 
a known accurate measurement (usually core measurements extracted from core plugs). This 
minimises uncertainty with certain data, as the data are often interpretations and not direct 
measurements of the formation (such as petrophysical properties from wireline logging).  
By incorporating all available data and attempting to arrive at similar results from 
measurements, discrepancies may easily be picked up and the outcome of petrophysical 
properties becomes more reliable. The data used to derive the petrophysical properties for this 
study were essentially from core (conventional and SCAL), where lithofacies were described, 
porosity, permeability, and fluid saturations were extracted; wire-line log data, where the 
porosity, permeability, volume of clay, and fluid saturations were estimated for the non-cored 
sections of each well. This chapter firstly describes the various models used to determine the 
petrophysical properties in the non-cored wells, the cut-off parameters used to determine the 
pay capabilities of each well, and finally the net pay of these wells. 
 
8.2 DETERMINATION OF PETROPHYSICAL PROPERTIES IN NON-CORED 
WELLS 
As discussed in the preceding chapters, the petrophysical models of volume of shale, 
porosity, permeability, and water saturation were derived from the cored reservoir sections of 
wells F-AH1, F-AH2, F-AH4, and F-AR2, later being applied throughout the non-cored 
sections of each well.  
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The volume of clay was estimated for the non-cored sections of each well using the linear 
gamma-ray method. This method was deemed sufficient for the scope of this study. As seen 
in chapter 6, the linear volume of clay model showed a good match with the observed facies 
for each well  
The log calculated porosities were derived using the three main logs mainly the sonic, 
neutron, and density porosity. The logs that best matched conventional core porosity results 
were accordingly used as a best-fit analysis per well. Each log calculated porosity curve per 
well was compared with overburden porosity measurements. The overburden porosity 
measurements were calculated by cross plotting the SCAL measured overburden porosity 
versus conventional core porosity to get a pore reduction equation. In well F-AH1, the 
Density log best matched core analysis results, in well F-AH2 the Neutron log, in well F-
AH4 the Neutron log, and in well F-AR2 the Density log best fitted the core porosity analysis 
results.  
Core porosity and permeability measurements were cross-plotted per well to derive 
individual correlation equations. The correlation equations were used together with identified 
log porosity curves in order to derive an estimated permeability curve. The estimated 
permeability curves per well were then displayed for comparison against core permeability 
results.  
The capillary pressure results were used to infer possible hydrocarbon-water contact zones 
but largely to calibrate log derived water saturation models. In well F-AH1, the oil-water 
contact was interpreted to be 3.12 m above the free water level (FWL). In wells F-AH2 and 
F-AH4, the gas-water contacts were interpreted to be at 2.8 m and 3.5 m above the free water 
level respectively. In the water saturation study, the Archie, Simandoux, and Indonesian 
water saturation models were used. In well F-AH1, the Indonesian model best matched core 
analysis water saturation results, in well F-AH2 the Simandoux model, in well F-AH4 the 
Archie model, and in well F-AR2 again the Archie model best fitted the core water saturation 
and capillary pressure derived water saturation results. All selected models that best fitted the 
core analysis results were used as an extrapolation to estimate petrophysical properties in the 
non-cored zones 
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Figure 8. 1  Well F‐AH1 results of estimated petrophysical properties 
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Figure 8. 2   Well F‐AH2 results of estimated petrophysical properties 
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Figure 8. 3   Well F‐AH4 results of estimated petrophysical properties 
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Figure 8. 4   Well F‐AR2 results of estimated petrophysical properties 
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Figure 8. 5   Well F‐AR2 further results of estimated petrophysical properties. 
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8.3 CUT-OFF DETERMINATION 
Cut-off parameters are typically applied to wells in order to differentiate between reservoir 
and non-reservoir zones, as well as to form base criteria in the determination of hydrocarbon 
presence. This differentiation becomes important in knowing the limits of a reservoir and 
evaluating how efficiently a reservoir may recover potential hydrocarbons. Non-reservoirs do 
not contribute well to reservoir dynamics and recovery mechanisms and therefore become a 
challenge in prospect assessments.  
To identify hydrocarbon volumes also requires the use of cut-off parameters so that the gross 
reservoir package and net hydrocarbon bearing interval may be identified. According to 
Suzanne and Robert (2004), the net reservoir zones are rocks that have adequate porosity and 
permeability to allow fluids (specifically hydrocarbons) to flow at commercially viable rates. 
It was further explained that if these intervals are evidenced to contain hydrocarbons, they are 
classified as net pay zones.  
Different types of reservoir exist. In an unconventional type reservoir example, shale may 
contain high amounts of organic material and may host hydrocarbons within them. These 
rocks act as both a source and a reservoir to shale gas but do not permit the flow of these 
hydrocarbons toward the surface. In these situations, the porosity and permeability are 
generally very low and are at times unfavourable to produce. Sandstones are a different case 
(conventional type) and may have high porosity and permeability. Theses sandstones may be 
reservoirs to hydrocarbons provided there is evidence for hydrocarbon existence. Lithology in 
most cases is a controlling factor to take into account. Permeability cut-off is another 
controlling factor as it relates to how easily the fluids may flow through the formation. 
In this section, the primary cut-off parameters used for reservoir evaluation were porosity, 
permeability, volume of clay, and water saturation and will be described below. 
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8.3.1 POROSITY CUT-OFF DETERMINATION 
To differentiate between reservoir and non-reservoir intervals, a porosity cut-off must be 
established. Low porosity rocks are largely non-reservoirs and rocks with high porosity are 
generally reservoir capable rocks. To establish a cut-off, a cross-plot of core porosity versus 
permeability corrected to overburden conditions and facies was made combining all wells in 
this study. This cross-plot allows for the establishment of the lowest porosity and equivalent 
permeability capable of flowing hydrocarbons. Figure 8.6 below represents such a cross-plot 
for combined wells where the cut-off parameters were determined. 
 
 
Figure 8. 6   Multi‐well porosity‐permeability plot for cut‐off determination 
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The porosity-permeability relationships in Figure 8.6 above show a porosity of 4 % and 
permeability of 0.2 mD as cut-off points between reservoir and non-reservoir sections. The 
points ܭ௖	and ߮௖ on the y-axis and x-axis represent the permeability and porosity cut-off 
points respectively. In the net reservoir region, variable facies types are prevalent. Facies F1 
(medium sandstone), F2 (fine sandstone) and F11 (intermixed fine and medium sandstone) 
appear to be the dominant groupings overall, representing good porosity and permeability 
(exceeding cutoffs). Non-reservoir type facies such as F8 (Siltstone) and F9 (Mudstone) are 
shown to exist in the net-reservoir region having good porosity-permeability relationships. 
This could be explained by fractured sections of mud and silt which represent sections of 
high porosity-permeability relationships. Within the non-reservoir region, variable facies 
types also exist, mainly F1 (Medium sandstone), F2 (Fine sandstone), F3 (Very fine 
sandstone). These sand type facies could be relatively more argillaceous than its reservoir 
counterparts, which could explain the poor porosity-permeability relationships.  
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8.3.2 VOLUME OF CLAY CUT-OFF DETERMINATION 
In any well, the amount of clay content per formation may be used to distinguish between 
reservoir and non-reservoir rocks. A rock that contains high amounts of clay (mudstone) is 
usually a poor reservoir rock by conventional standards, as these rocks have poor porosity 
and permeability. Rocks with low or near zero amounts of clay are generally considered as 
being capable reservoirs as they usually have good porosity and permeability. The volume of 
clay cut-off is used to distinguish between reservoir and non-reservoir rocks by allocating a 
cut-off value. Rocks falling below this value are considered potential reservoirs where rocks 
above the cut-off value are identified as non-reservoirs. The multi-well volume of clay versus 
porosity plot was used to determine the volume of clay cut-off and is presented in Figure 8.7 
below. 
 
 
Figure 8. 7   Multi‐well Volume of Clay‐Porosity plot for cut‐off determination. 
 
ALL WELLS
Volume of Clay versus Porosity for cut-off determination
Multi well Interval plot
0. 0.2 0.4 0.6 0.8 1.
Volume of Clay (v/v)
0.
0.06
0.12
0.18
0.24
0.3
Po
ro
si
ty
 (v
/v
)
Clean Sand
Shaly Sand
Shaly
Shale
0.
150.
Gamma-Ray (API)
315 points plotted out of 1693
Well Depths
(1) F-AH1 2415.M - 2474.M
(2) F-AH2 2368.62M - 2459.35M
(3) F-AH4 2367.05M - 2439.66M
(4) F-AR2 2667.M - 2702.M
Reservoir Non‐Reservoir
VCL cut‐off= 0.31
 
 
 
 
 244 
 
The plot in Figure 8.7 above indicates that the volume of clay (VCL) cut-off value 
distinguishing between reservoir and non-reservoir was established at 0.31. This indicates 
that any rock with a volume of clay value that lies above 31 % will be classified as a non-
reservoir, whereas volume of clay values that are equal to or less that 31 % are considered as 
potential reservoirs. The reservoir section may be related to good porosity-permeability 
relationship zones where clay content is low. Fine clays and silt are capable of sealing off 
pore space and lowers porosity and permeability. The non-reservoir section represents areas 
of relatively higher volume of clay content and lower porosity-permeability relationships than 
the reservoir section.  
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8.4 NET PAY DETERMINATION 
In order to determine the net pay zones per well, potential reservoir zones need to be 
identified per well along with the application of cut-off parameters in petrophysical analysis. 
The gross zone is considered as the thickness interval that contains hydrocarbons along with 
sections that do not contribute to hydrocarbon production, but are reservoir sections 
nonetheless. The net pay zone of a reservoir is considered to be the interval that contains 
producible hydrocarbon (sufficient hydrocarbon saturation, storage space, and mobility) at an 
economically favourable rate for an allocated production method (Opuwari, 2010). The net 
pay is primarily used in volumetric calculations to estimate the total hydrocarbon in place, 
whether it is oil, gas, or a combination of the two. These hydrocarbons may be moveable and 
non-moveable within the reservoir.  
As discussed in paragraph one, the petrophysical cut-off parameters are applied in order to 
distinguish reservoirs into gross and net pay zones. The identified gross and net pay zones are 
also described as a ratio of net pay to gross zone, and relates to the quality of the reservoir 
and its ability to hold hydrocarbons. The cut-off parameters applied (see section 8.2 to 8.5) to 
the wells in this study and to identify pay zones are: porosity at ≥ 0.04, volume of clay at ≤ 
0.31, and water saturation of ≤ 0.6. This translates to reservoir intervals that have a porosity 
greater than or equal to 4 %, volume of clay with less than or equal to 31 %, and water 
saturation less than or equal to 60 %, being regarded as net pay zones. By applying these cut-
off limits, net (red) and gross (green) reservoir sands were created in Interactive Petrophysics, 
allowing the net to gross ratio (N/G ratio) to be determined. The net to gross ratio is useful as 
it may be used to calculate the volume of hydrocarbon. This aspect, however, is beyond the 
scope of this study. Below are the summary of results for calculated net pay and parameters 
for identified reservoirs per well. 
Table 8. 1  Summary of calculated net pay parameters for well F‐AH1 
Zone Name  Top (m)  Bottom (m) 
Gross 
(m) 
Net 
(m)  N/G
Av Phi 
(v/v) 
Av Sw 
(v/v) 
Av Vcl 
(v/v) 
reservoir 1  2411.88  2427.88  16  15.32  0.96 0.12  0.502  0.181 
reservoir 2  2430.17  2454.25  24.08  12.73  0.53 0.086  0.524  0.146 
reservoir 3  2498.6  2502.87  4.27  0  0  ‐‐‐       ‐‐‐        ‐‐‐      
reservoir 4  2561.08  2569.31  8.23  0  0  ‐‐‐       ‐‐‐        ‐‐‐      
All Zones  2411.88  2569.31  52.58  28.04  0.53 0.105  0.51  0.165 
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Four reservoir intervals were identified within well F-AH1 where two proved to have net pay 
zones (reservoir 1 and 2). Reservoir 1 had the highest net pay (15.32 m) and had an average 
porosity of 12 %, water saturation 50.2 %, and clay volume of 18.1 % (table 8.1). A graphic 
of the results for well F-AH1 is displayed in Figure 8.9 below. 
 
Figure 8. 9   Calculated reservoir parameters and pay flag for well F‐AH1 
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Table 8. 2   Summary of calculated net pay parameters for well F‐AH2 
Zone Name     Top (m)    Bottom (m) 
Gross 
(m) 
Net 
(m)     N/G   
Av Phi 
(v/v)    
Av Sw 
(v/v)     
Av Vcl 
(v/v)    
reservoir 1      2364.03  2444.65  80.62  67.82 0.84 0.131  0.226  0.227 
reservoir 2      2457.45  2462.17  4.72  3.81  0.81 0.098  0.488  0.218 
reservoir 3      2487.32  2490.22  2.9  0.61  0.21 0.082  0.514  0.274 
reservoir 4      2554.07  2557.58  3.51  3.12  0.89 0.079  0.451  0.222 
All Zones       2364.03  2557.58  91.74  75.36 0.82 0.127  0.244  0.227 
 
In well F-AH2, four reservoir intervals were identified and all proved to have net pay zones 
(reservoirs 1 to 4). The net thickness ranges from 0.61 m to 67.82 m, average porosity ranges 
from 8 % to 13 %, water saturation between 22 % and 51 %, and clay volume between 21 % 
and 27 % as seen in table 8.2. A graphic of the results for well F-AH2 is displayed in Figure 
8.10 below. 
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Figure 8. 10   Calculated reservoir parameters and pay flag for well F‐AH2. 
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Table 8. 3   Summary of calculated net pay parameters for well F‐AH4 
Zone Name  Top (m) Bottom (m) 
Gross 
(m) 
Net 
(m)  N/G 
Av Phi 
(v/v) 
Av Sw 
(v/v) 
Av Vcl 
(v/v) 
reservoir 1  1832  1865  33  2.59  0.079  0.234  0.376  0.118 
reservoir 2  2369.36 2376.37  7.01  5.49  0.783  0.082  0.363  0.237 
reservoir 3  2378.05 2428.65  50.6  31.55  0.623  0.125  0.386  0.248 
reservoir 4  2451.2  2458.21  7.01  0.46  0.065  0.122  0.586  0.188 
reservoir 5  2476.96 2482.29  5.33  0  0  ‐‐‐  ‐‐‐  ‐‐‐ 
reservoir 6  2517.04 2524.66  7.62  0  0  ‐‐‐  ‐‐‐  ‐‐‐ 
reservoir 7  2528.47 2535.63  7.16  0  0  ‐‐‐  ‐‐‐  ‐‐‐ 
reservoir 8  2546.3  2549.5  3.2  0  0  ‐‐‐  ‐‐‐  ‐‐‐ 
reservoir 9  2557.88 2560.78  2.9  0.3  0.105  0.085  0.53  0.193 
All Zones  1832  2560.78  123.83  40.39  0.326  0.126  0.386  0.237 
 
In well F-AH4, nine reservoir intervals were identified where five proved to have net pay 
zones (reservoirs 1 to 4 and 9). The net thickness ranges from 0.3 m to 40.54 m, average 
porosity ranges from 8.2 % to 12.2 %, water saturation between 37 % and 58 %, and clay 
volume between 14.6 % and 21.6 % as seen in table 8.3. Graphics of the result for well F-
AH4 are displayed in Figures 8.11 and 8.12 below. 
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Figure 8. 11  Calculated reservoir parameters and pay flag for well F‐AH4 (Reservoir 1 to 3). 
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Figure 8. 12   Calculated reservoir parameters and pay flag for well F‐AH4 (Reservoir 4 to 9).
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Table 8. 4   Summary of calculated net pay parameters for well F‐AR2 
Zone Name  Top (m)  Bottom (m) 
Gross 
(m) 
Net 
(m)  N/G
Av Phi 
(v/v) 
Av Sw 
(v/v) 
Av Vcl 
(v/v) 
reservoir 1  2044.45  2057.25  12.8  ‐‐‐  0  ‐‐‐  ‐‐‐  ‐‐‐ 
reservoir 2  2058.62  2071.27  12.65  ‐‐‐  0  ‐‐‐  ‐‐‐  ‐‐‐ 
reservoir 3  2115.46  2118.36  2.9  ‐‐‐  0  ‐‐‐  ‐‐‐  ‐‐‐ 
reservoir 4  2424.23  2429.1  4.88  0.46  0.09 0.145  0.593  0.085 
reservoir 5  2658.77  2690.32  31.55  28.5  0.9  0.128  0.313  0.073 
reservoir 6  2691.69  2695.19  3.51  0  0  ‐‐‐  ‐‐‐  ‐‐‐ 
reservoir 7  2696.57  2698.55  1.98  0  0  ‐‐‐  ‐‐‐  ‐‐‐ 
reservoir 8  2715.46  2717.29  1.83  0  0  ‐‐‐  ‐‐‐  ‐‐‐ 
reservoir 9  2733.14  2738.17  5.03  0.15  0.03 0.102  0.591  0.071 
reservoir 10  2741.98  2744.72  2.74  0.38  0.14 0.1  0.592  0.115 
reservoir 11  2748.23  2752.04  3.81  0  0  ‐‐‐  ‐‐‐  ‐‐‐ 
reservoir 12  2758.9  2762.4  3.51  2.59  0.74 0.133  0.531  0.124 
reservoir 13  2763.93  2769.57  5.64  0.46  0.08 0.094  0.571  0.099 
All Zones  2044.45  2769.57  92.81  32.54  0.35 0.127  0.342  0.078 
 
In well F-AR2, thirteen reservoir intervals were identified where six proved to have net pay 
zones (reservoirs 4, 5, 9, 10, 12, and 13). The net thickness ranges from 0.15 m to 28.5 m, 
average porosity ranges from 8.2 % to 12.2 %, water saturation between 37 % and 58 %, and 
clay volume between 9.4 % and 14.5 % as seen in table 8.4. A graphic of the results for well 
F-AR2 is displayed in Figures 8.12 and 8.13 below. 
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Figure 8. 13   Calculated reservoir parameters and pay flag for well F‐AR2 (Reservoir 1 to 5) 
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Figure 8. 14  Calculated reservoir parameters and pay flag for well F‐AR2 (reservoir 6 to 13). 
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Across all wells, the gross thickness ranges from 1.83 m to 80.62 m and the net thickness 
ranges 0 m to 67.82 m respectively. Reservoir 1 of well F-AH2 had the highest gross and net 
ratios of 80.62 m and 67.82 m respectively at a net/gross ratio of 0.841. Reservoir 1 of well 
F-AH1 showed the highest net/gross ratio at 0.957 where the gross thickness was recorded at 
16 m and the net thickness was recorded at 15.32 m. This represents almost 96 % of sand 
package having the potential to be occupied by hydrocarbons.  
Figures 8.15 to 8.17 below are graphical summaries representing average porosity, water 
saturation and clay volume over the net pay interval. Note that values displayed are averaged 
over entire net reservoir section of each well. For information regarding porosity, water 
saturation, and clay volume per net reservoir section of each well, please refer to tables 8.2 
through to 8.5. Each well depth corresponds to the first identified net pay interval within that 
particular well.  
 
 
Figure 8. 15   Summary of average Porosity over net pay zone 
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Figure 8. 16   Summary of average Water Saturation over net pay zone 
 
 
Figure 8. 17  Summary of average Clay Volume over net pay zone 
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Figure 8.15 above shows a clear relationship between the average porosity and depth. Well F-
AH4 has a net pay zone as shallow as 1832 m and has the highest average porosity of 13 % 
(0.13 v/v) in comparison to other wells. This is consistent with the logic that shallow 
formations (such as sandstone) are generally less compacted and more porous than deeper 
formations that are under greater influence of overburden stresses. Wells F-AH1 and F-AH2 
appear to show similar average porosities (~10 %), representing a general decrease to a 
westerly direction. The difference between average porosity is, however, minute and the 
reservoir sections have good overall porosity throughout all identified wells (average porosity 
varies between 10 % and 13 % throughout all wells). Water saturation appears to increase 
toward a south-easterly direction (~40 % in the northwest and ~53 % in the southeast) with a 
corresponding decrease in clay volume in in the same direction (~23 % in the northwest and 
~9 % in the southeast). It may be deduced that clay content is therefore not a major influence 
for holding water within these relatively clean reservoirs. Reservoirs become relatively dirty 
(muddy) toward the northwest suggesting some mud influx in this direction and that deeper 
less turbulent pockets existed where mud could settle. These diagrams, again, represent 
averaged values over large intervals and should rather be used as a qualitative summary over 
the area. 
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CHAPTER 9 
 
CONCLUSIONS AND RECOMMENDATIONS 
 
Petrophysical evaluation of selected sandstones reservoirs for wells F-AH1, F-AH2, F-AH4, 
and F-AR2 in the Bredasdorp basin have been addressed in this contribution of work. 
Reservoir assessment using petrophysical methods play an important role in understanding 
the factors that control reservoir behaviour. A total of four wells were selected from the F-AH 
and F-AR fields, drilled in complex faulted domal structures. Hydrocarbon bearing intervals 
were intercepted in all studied wells, being predominantly gas. The study consisted of two 
main parts starting with the introduction, geology of Bredasdorp basin, and theory of basic 
concepts (Chapters 1 to 4); and then results and interpretations (Chapters 5 to 9). A brief 
summary of the chapters with observations and finally recommendations for future study are 
described below. 
Chapter one was an introductory chapter that opens to the background of Bredasdorp basin, 
the study area location within the basin, and the aims and objectives that justify the 
petrophysical evaluation of sandstones within the study area. The Cretaceous sandstones of 
the Bredasdorp basin are host to a number of hydrocarbon intervals. The intervals evaluated 
for wells F-AH1, F-AH2, F-AH4, and F-AR2 ranged between 1600 m and 2900 m within 
which the cored intervals studied range between 2300 m and 2700 m. Wells were taken from 
two independent gas fields (F-AH and F-AR) drilled within faulted domal closures. The 
studied sand intervals are possible sequences formed within a transgressive shallow marine 
and shelf environment. 
Chapter two focuses on the geological aspects of the Bredasdorp basin sourced from various 
literatures. Topics covered included the regional geologic setting, basin structure, 
stratigraphy, and an introduction to basic geological concepts that applied to the basin. The 
formation of this basin resulted from extensional episodes during the initial stages of rifting 
during the Jurassic period; and is essentially filled with Upper Jurassic and Lower Cretaceous 
synrift continental and marine strata, and post Cretaceous and Cenozoic divergent rocks. The 
Bredasdorp Basin is bound in the north by the Infanta Arch and in the south by the Agulhas 
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Arch, where both arches form basement highs that are composed of Cape Supergroup 
sediments, granite, and Precambrian Metamorphic rock.  
Chapter three describes the values and uses of wireline logs within the formation. The 
wireline tools used within this study may be grouped into active and passive type tools, where 
active tools measure the formations response to some form of ‘excitations’ (Examples include 
neutron, density, resistivity, and the nuclear magnetic resonance tools); and passive tools 
which measure natural occurring phenomenon emitted from the subsurface formations such 
as gamma radiation (released by certain elements in the host rock, recorded by the Gamma 
Ray log) or electric potential (recorded by the Self Potential log), where mud salinity 
variations result in a potential difference as seen in formation water.  
Chapter four describes the materials used as well as the petrophysical properties and 
calculation procedures employed within this study. The chapter began with a workflow 
methodology of how the study was to be completed. The main petrophysical properties 
discussed included porosity, permeability, and water saturation. These properties are 
important in estimation of gross and net pay intervals within each well. Porosity may be 
expressed as a percentage, or the ratio of void space to the solid rock. Permeability is the 
ability of a porous medium (reservoir rock) to transmit a fluid when there is a pressure 
gradient set in place. The fluid saturation of a rock refers to the amount (percentage or 
fraction) of fluid that the host rock is said to contain. The fluid may be water, hydrocarbon, or 
usually a mixture of both. 
Chapter five discusses the core analysis results and interpretations. This chapter has been split 
into two main categories namely the conventional core analysis and special core analysis 
(SCAL). Cores form the only characteristic component of the reservoir rock that is physically 
available for examination and modelling. Special Core Analysis (SCAL) techniques are used 
in conjunction with routine core analysis measurements and provide added information to the 
data pool, thereby reducing uncertainty and allowing for more rigid decision making to take 
place.  
A total of 11 lithofacies were identified amongst all the studied wells and were based on 
differences in grain size, texture, and colour. Facies 1, 2, 4, 5, 10, and 11 were identified as 
potential reservoir rocks based on core porosity and permeability results. Facies 8 and 9 were 
identified as being non-reservoir rocks. Well F-AH4 was the only well to have core grain 
density results which ranged from 2.55 g/cc to 2.77 g/cc with a mean of 2.65 g/cc. The high 
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frequency of 2.65 g/cc represents a generally clean quartz reservoir. The presence of calcite 
and dolomite appear to be minor, relating to a low occurrence of calcium carbonate cement. 
The average core porosity throughout the four studied wells was 12 %, with a minimum and 
maximum of 0.4 % and 20.3 % respectively. Low porosity values have been attributed 
toward intervals of clay and mud influence. High porosity values were related to clean 
sandstone intervals with minimal cement influence. The average core permeability was at 126 
mD, with a minimum and maximum of 0 mD and 2767 mD respectively. Again Low 
permeability values have been attributed toward intervals of clay and mud influence. High 
permeability values were related to clean sandstone intervals with minimal cement influence. 
Three types of fluid namely oil, water, and gas, were recorded within each of the studied 
wells. Wells F-AH1, F-AH2, and F-AH4, had average oil saturations of 3 %, 1.1 %, and 0.2 
%. No oil measurements were recorded within well F-AR2. Wells F-AH1to F-AR2 each had 
average gas saturations of 61 %, 57 %, 27 %, and 56 % respectively. An average water 
saturation of 36 %, 42 %, 27 %, and 44 % were recorded per well. Conventional core 
porosity values were initially recorded at room condition and later converted to overburden 
corrected porosity using SCAL simulated stress conditions at 4300 psig. A cementation 
exponent of 1.85, 1.81, and 1.91 were measured for wells F-AH1, F-AH2, and F-AH4 
indicating a low to moderate cementation. No special core analysis measurements were taken 
for well F-AR2. Air-brine porous plate capillary pressure measurements were conducted on 
wells F-AH1 to F-AH4 from 1 to 180 psig Results show that as the irreducible water 
saturation increases, the shaliness increases with an accompanied decrease in porosity and 
permeability. The saturation-height functions indicated that the oil-water contact lies 3.12 m 
above the free water level in well F-AH1, and gas-water contacts of 2.8 m and 3.5 m above 
the free water levels of wells F-AH2 and F-AH4 respectively. 
Chapter 6 describes the petrophysical models of volume of clay, porosity, permeability, and 
water saturations. The volume of clay model was calculated using the linear gamma-ray 
method. Log density and neutron curves showed a significant spacing where clay was 
encountered. Density, neutron, and sonic log derived porosity were compared with core 
porosity measurements for each well to check for the closest matching log porosity. The 
density log derived porosity curve best matched wells F-AH1 and F-AR2 whereas the 
neutron log derived porosity best matched the core porosity in wells F-AH2 and F-AH4. The 
best match porosity curves served as an estimation of porosity in non-cored sections of the 
wells. Conventional core porosity and permeability results were cross-plotted to establish a 
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relationship and allowed for an estimated permeability curve to be calculated for the non-
cored intervals of each well. The estimated permeability and core permeability were in 
relative accordance with one another. The Archie, Simandoux, and Indonesian water 
saturation models were carried out on each well to compare with core results and obtain a 
best match water saturation curve for each well. The Indonesian model best fitted the core 
results of F-AH1, the Simandoux model best matched F-AH2, and the Archie model best 
fitted wells F-AH4 and F-AR2.  
Chapter 7 describes the determination of fluid contacts of each well. Good quality data on 
fluid contacts establishes an effective means of understanding potential productive and non-
productive zones within a formation. Chapter 7 was subdivided into two main sections: the 
first section deals with Repeat Formation Test (RFT) pressure data analysis and the second 
section deals with a comparison of the above RFT data with log identified fluid contacts. 
Three possible fluids were interpreted to exist within well F-AH1 using RFT data, where the 
gas zone had a pressure gradient of 0.23 g/cc, the oil zone had a gradient of 1.18 g/cc, and the 
water zone had a gradient 1.68 g/cc. Within the same well, a gas-oil contact (GOC) was 
interpreted to be at 2416.5 m and the oil-water contact (OWC) was interpreted 2455.9 m. In 
well F-AH2, gas (at a gradient 0.22 g/cc) and water (1.16 g/cc) was interpreted down to a 
gas-water contact (GWC) at 2436.1 m. In well F-AH4, gas (at a gradient 0.40 g/cc) and water 
(1.11 g/cc) was interpreted down to a gas-water contact (GWC) at 1836 m. Well F-AR2 was 
interpreted to have gas (at a gradient of 0.14 g/cc) within its tested reservoir section. No 
pressure measurements were obtained in the water bearing zone of this well. The RFT and 
log derived fluid contacts were generally in good correlation with one another.  
Cut-off parameters were established in chapter 8 for volume of clay, porosity, and water 
saturation. These parameters are needed to estimate the gross sand and net sand package that 
are susceptible to contain hydrocarbons. Cut-off values of 4 % were used for porosity, 31 % 
for volume of clay, and 60 % for water saturation. Two intervals in F-AH1, four intervals 
each in F-AH2 and F-AH4, and six intervals in F-AH4 met the cut-off criteria. Across all 
wells, the gross thickness ranges from 1.83 m to 80.62 m and the net thickness ranges 0 m to 
67.82 m respectively. Reservoir 1 of well F-AH2 had the highest gross and net ratios of 80.62 
m and 67.82 m respectively at a net/gross ratio of 0.841. Reservoir 1 of well F-AH1 showed 
the highest net/gross ratio at 0.957 where the gross thickness was recorded at 16 m and the 
net thickness was recorded at 15.32 m. This represents almost 96 % of sand package having 
the potential to be occupied by hydrocarbons. Graphical summaries of averaged porosity, 
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water saturation, and clay volume over the net interval showed directional trends. Porosity 
generally increased from southwest (~10 %) to northeast (~12 %). Porosity appeared to also 
be high in the shallower identified net reservoir (F-AH4). Water saturation increased from the 
northwest (41 %) toward the southeast (~53 %). Clay volume increased from the southeast (9 
%) toward the northwest (23 %). Clay volume appeared to show an increase with relative 
decrease of water saturation in the northwest around well F-AH2. The opposite holds true for 
these parameters within well F-AR2 in the southeast.  
 
RECOMMENDATIONS FOR FUTURE WORK 
The use of the spectral gamma-ray log may be used to understand the types of clay that reside 
within the formation and gives a clearer understanding of clay bound water and the effects of 
clay within the formation. The use of this log is costly but allows for a greater detailed 
breakdown to Uranium, Thorium, and Potassium, relating to various clays within the 
formation. 
Seismic analysis may be incorporated into future work in order to understand the structural 
aspects of the study area, with specific regard to the local trapping mechanisms present 
within the area. 
The artificial neural network method may be useful in future work to predict permeability 
with accuracy and evaluated against previous permeability results of proximal study areas.
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APPENDICES 
 
APPENDIX A:  CORE PHOTOGRAPHS 
WELL F-AH1 CORE PHOTOS 
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WELL F-AH2 CORE PHOTOS 
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WELL F-AH4 CORE PHOTOS 
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APPENDIX B:  CALCULATED OVERBURDEN POROSITY FOR WELLS F-AH1, F-AH2, AND F-AH4 
 
F-AH1 F-AH2 F-AH4 
Depth (m) 
Routine 
Porosity (%) 
Corrected 
porosity (%) 
Depth (m) 
Routine 
Porosity (%) 
Corrected 
porosity (%) 
Depth (m) 
Routine 
Porosity (%) 
Corrected 
porosity (%) 
2415.1 6.4 5.6 2368.62 16.0 15.1 2367.05 20.3 19.6 
2416.61 7.5 6.6 2369.8 16.0 15.1 2367.25 14.8 14.1 
2417.82 0.4 -0.3 2370.69 15.0 14.1 2367.5 8.4 7.8 
2418.46 5.7 4.9 2371.59 9.4 8.6 2367.75 16.0 15.3 
2419.86 5.9 5.1 2372.52 7.7 6.9 2368.06 17.0 16.3 
2421 6.7 5.9 2373.13 15.0 14.1 2368.08 17.0 16.3 
2422.91 3.3 2.6 2378.6 14.7 13.8 2368.31 17.7 17.0 
2424 9.2 8.3 2379.16 10.3 9.5 2368.58 17.2 16.5 
2425.2 8.4 7.5 2380.92 6.5 5.7 2368.83 12.0 11.4 
2426.04 11.4 10.4 2381.45 10.7 9.9 2371.29 15.4 14.7 
2427.03 11.7 10.7 2382.45 8.8 8.0 2371.54 15.1 14.4 
2429.47 2.6 1.9 2383.33 11.4 10.6 2371.78 18.7 18.0 
2430.51 6.2 5.4 2384.69 17.2 16.3 2372.08 18.9 18.2 
2431.35 2.7 2.0 2386.3 9.4 8.6 2372.33 18.0 17.3 
2432.27 8.2 7.3 2387.97 12.6 11.8 2372.58 6.8 6.2 
2433.92 8 7.1 2388.71 15.5 14.6 2372.81 12.8 12.2 
2435 6.7 5.9 2390.11 15.8 14.9 2374.67 9.4 8.8 
2435.72 6.9 6.1 2390.38 12.3 11.5 2374.68 9.4 8.8 
2437 5.4 4.6 2391.95 12.1 11.3 2374.91 15.1 14.4 
2438 7.7 6.8 2392.57 14.8 13.9 2375.16 15.4 14.7 
2439 8.8 7.9 2393.27 14.1 13.2 2375.41 14.1 13.4 
2440.51 6.3 5.5 2395.69 10.6 9.8 2375.65 10.1 9.5 
2442 9.3 8.4 2396.36 6.9 6.1 2375.67 10.1 9.5 
2449.34 7.1 6.3 2397.09 12.5 11.7 2375.86 7.5 6.9 
2452.2 6.6 5.8 2398.43 15.3 14.4 2376.11 15.0 14.3 
2458.5 2 1.3 2399.47 13.0 12.1 2376.36 16.1 15.4 
2459.49 4.1 3.3 2400.35 14.5 13.6 2376.67 14.7 14.0 
2460.52 3.9 3.1 2401.52 14.2 13.3 2376.68 14.7 14.0 
   
2402.54 12.4 11.6 2376.86 15.9 15.2 
   
2403.44 11.4 10.6 2377.1 16.1 15.4 
   
2404.4 9.0 8.2 2377.35 6.6 6.0 
   
2406.6 11.0 10.2 2377.65 12.8 12.2 
   
2407.33 14.7 13.8 2377.66 12.8 12.2 
   
2408.24 9.2 8.4 2377.9 12.4 11.8 
   
2409.35 7.7 6.9 2378.14 14.8 14.1 
   
2411.23 11.5 10.7 2378.37 13.0 12.4 
   
2411.76 14.1 13.2 2378.61 12.9 12.3 
   
2412.91 9.6 8.8 2378.73 14.1 13.4 
   
2413.39 12.3 11.5 2379.04 13.5 12.9 
   
2417.05 10.9 10.1 2379.29 14.2 13.5 
   
2417.89 11.7 10.9 2379.64 15.3 14.6 
   
2418.85 14.1 13.2 2379.86 13.3 12.7 
   
2419.94 12.1 11.3 2380.11 15.9 15.2 
   
2421.07 14.3 13.4 2380.36 13.2 12.6 
   
2422.16 11.6 10.8 2380.61 10.1 9.5 
   
2423.28 9.4 8.6 2380.82 12.6 12.0 
   
2424.18 14.7 13.8 2381.07 16.5 15.8 
   
2425.19 11.3 10.5 2381.32 15.9 15.2 
   
2425.95 13.5 12.6 2381.61 15.1 14.4 
   
2427.06 14.6 13.7 2381.86 14.1 13.4 
   
2428.04 11.6 10.8 2382.11 16.2 15.5 
   
2429.31 13.0 12.1 2382.33 16.0 15.3 
   
2430.03 8.7 7.9 2382.57 12.3 11.7 
   
2430.84 10.6 9.8 2382.86 13.1 12.5 
   
2431.89 11.4 10.6 2383.11 14.3 13.6 
   
2433.15 7.7 6.9 2383.36 14.2 13.5 
   
2434.35 9.5 8.7 2383.62 13.5 12.9 
   
2435.06 8.3 7.5 2383.63 13.5 12.9 
   
2435.9 10.4 9.6 2383.86 12.6 12.0 
   
2436.82 15.5 14.6 2384.1 16.4 15.7 
   
2437.62 14.4 13.5 2384.35 14.0 13.3 
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 F-AH2 F-AH4 
   Depth (m) 
Routine 
Porosity (%) 
Corrected 
porosity (%) 
Depth (m) 
Routine 
Porosity (%) 
Corrected 
porosity (%) 
   
2439.95 9.0 8.2 2384.62 7.0 6.4 
   
2441.15 10.4 9.6 2384.63 7.0 6.4 
   
2441.41 7.5 6.7 2384.83 18.3 17.6 
   
2442.4 8.4 7.6 2385.08 17.9 17.2 
   
2443.33 10.3 9.5 2385.33 15.9 15.2 
   
2444.31 14.3 13.4 2385.62 17.9 17.2 
   
2445.66 13.3 12.4 2386.61 16.1 15.4 
   
2459.35 9.6 8.8 2387.59 14.3 13.6 
      
2388.58 16.1 15.4 
      
2389.58 18.8 18.1 
      
2390.58 12.0 11.4 
      
2391.56 12.7 12.1 
      
2392.53 12.2 11.6 
      
2393.53 13.8 13.1 
      
2394.52 16.6 15.9 
      
2395.56 13.0 12.4 
      
2396.6 15.5 14.8 
      
2397.59 11.0 10.4 
      
2398.61 9.2 8.6 
      
2399.65 17.0 16.3 
      
2400.65 13.3 12.7 
      
2401.65 10.2 9.6 
      
2402.77 11.0 10.4 
      
2403.43 10.2 9.6 
      
2404.76 16.6 15.9 
      
2405.86 14.6 13.9 
      
2406.89 13.2 12.6 
      
2407.74 10.5 9.9 
      
2408.76 13.5 12.9 
      
2409.73 13.1 12.5 
      
2410.7 11.8 11.2 
      
2410.71 11.8 11.2 
      
2411.76 10.8 10.2 
      
2412.71 16.6 15.9 
      
2412.72 16.6 15.9 
      
2413.71 14.1 13.4 
      
2413.72 14.1 13.4 
      
2414.75 14.6 13.9 
      
2415.74 9.2 8.6 
      
2416.74 9.4 8.8 
      
2417.73 13.2 12.6 
      
2418.73 14.9 14.2 
      
2419.75 12.4 11.8 
      
2420.75 16.0 15.3 
      
2421.78 13.9 13.2 
      
2422.78 14.9 14.2 
      
2424.43 11.9 11.3 
      
2425.58 6.1 5.5 
      
2428.46 12.4 11.8 
      
2429.73 14.6 13.9 
      
2429.74 14.6 13.9 
      
2430.46 12.4 11.8 
      
2431.21 6.6 6.0 
      
2431.49 3.4 2.9 
      
2432.51 12.0 11.4 
      
2433.51 7.6 7.0 
      
2434.68 12.0 11.4 
      
2435.68 11.4 10.8 
      
2436.67 13.5 12.9 
      
2437.66 11.5 10.9 
      
2438.67 6.7 6.1 
      
2439.65 5.3 4.7 
      
2439.66 8.3 7.7 
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APPENDIX C:  GAMMA-RAY HISTOGRAM PLOTS 
WELL F-AH1 GAMMA-RAY HISTOGRAM PLOT 
 
 
WELL F-AH2 GAMMA-RAY HISTOGRAM PLOT 
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WELL F-AH4 GAMMA-RAY HISTOGRAM PLOT 
 
 
WELL F-AR2 GAMMA-RAY HISTOGRAM PLOT 
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APPENDIX D:  RANGE OF CORE AND LOG ESTIMATED PERMEABILITY 
 
Well Reservoir Top Depth (m) Bottom Depth (m) Data type Min (mD) Max (mD) Mean (mD) 
F-AH1 
1 2411.883 2427.885 
Est. K 0.338 4676.31 365.139 
Core K 0.04 232 50.931 
2 2430.17 2454.25 
Est. K 0 214.883 13.621 
Core K 0.19 143 52.684 
3 2498.598 2502.865 
Est. K 10.658 486.259 105.016 
Core K N/A N/A N/A 
4 2561.082 2569.312 
Est. K 0.004 66.984 14.02 
Core K N/A N/A N/A 
F-AH2 
1 2364.029 2444.648 
Est. K 0.476 202.541 29.257 
Core K 0.69 497 89.94 
2 2457.45 2462.174 
Est. K 0.562 47.519 15.467 
Core K 2.5 2.5 2.5 
3 2487.32 2490.216 
Est. K 0.215 5.593 1.912 
Core K N/A N/A N/A 
4 2554.072 2557.577 
Est. K 0.124 28.931 6.772 
Core K N/A N/A N/A 
F-AH4 
1 2369.363 2376.373 
Est. K 0.01 7.192 1.033 
Core K 0.08 1221.547 360.386 
2 2378.05 2428.646 
Est. K 0.123 244.858 16.246 
Core K 0.07 985.714 182.42 
3 2451.202 2458.212 
Est. K 0.067 29.799 6.005 
Core K N/A N/A N/A 
4 2476.957 2482.291 
Est. K 0.065 14.04 3.729 
Core K N/A N/A N/A 
5 2517.038 2524.658 
Est. K 0.018 12.39 2.432 
Core K N/A N/A N/A 
6 2528.469 2535.631 
Est. K 0.459 15.707 5.008 
Core K N/A N/A N/A 
7 2546.299 2549.5 
Est. K 0.008 9.232 1.182 
Core K N/A N/A N/A 
8 2557.882 2560.777 
Est. K 0.002 12.229 3.513 
Core K N/A N/A N/A 
F-AR2 
1 2044.446 2057.248 
Est. K 1.34 4902.309 7798.973 
Core K N/A N/A N/A 
2 2058.619 2071.268 
Est. K 5.686 4515.25 41.553 
Core K N/A N/A N/A 
3 2115.464 2118.36 
Est. K 0.372 94.3 30.815 
Core K N/A N/A N/A 
4 2424.227 2429.104 
Est. K 0.9 227.053 76.563 
Core K N/A N/A N/A 
5 2658.771 2690.317 
Est. K 0.009 1327.158 108.044 
Core K 286 99.089 86 
6 2691.689 2695.194 
Est. K 0.142 35.929 8.783 
Core K 66 20.71 0.1 
7 2696.566 2698.547 
Est. K 0.01 22.223 6.475 
Core K 10 4.724 6.4 
8 2715.463 2717.292 
Est. K 1.573 14.861 5.872 
Core K N/A N/A N/A 
9 2733.142 2738.171 
Est. K 0.167 17.442 5.41 
Core K N/A N/A N/A 
10 2741.981 2744.724 
Est. K 1.056 22.223 5.965 
Core K N/A N/A N/A 
11 2748.229 2752.039 
Est. K 0.249 14.861 5.504 
Core K N/A N/A N/A 
12 2758.897 2762.402 
Est. K 3.239 4071.426 363.294 
Core K N/A N/A N/A 
13 2763.927 2769.565 
Est. K 0.142 35.929 8.497 
Core K N/A N/A N/A 
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APPENDIX E:  MEASURED REPEAT FORMATION TEST (RFT) RESULTS 
 
WELL F-AH1 MEASURED RFT RESULTS 
 
Depth 
(m) 
Formation pressure 
(psi) 
2167 3670.4 
2387 3491.2 
2389 3492.2 
2391 3493.5 
2394 3605 
2396 3969.3 
2399 3496.4 
2401 3492.7 
2404 3497 
2407 3495.7 
2409 3515.7 
2410 3496.4 
2412 3505.7 
2414 3531.4 
2415 3513 
2416.5 3496.7 
2417.5 3502.7 
2419 3504.7 
2422.5 3514.7 
2424 3518.5 
2473 3605.5 
2475 3598.2 
2509 3701.5 
2541.5 3767.7 
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WELL F-AH2 MEASURED RFT RESULTS 
 
Depth 
(m) 
Formation pressure 
(psi) 
2365.6 3461.7 
2369 3462.2 
2374 3462 
2378.5 3463.3 
2382 3466.2 
2387 3466.5 
2390 3465.7 
2394 3472 
2397 3468.8 
2404.1 3470 
2408 3471 
2415 3473.2 
2418 3473.2 
2425 3475.5 
2429 3477.5 
2432 3480 
2436.1 3486.2 
2437 3484.8 
2438 3485.3 
2441 3487 
2443 3489.2 
2444 3490.7 
2460 3525.2 
2476 3557.8 
2514.5 3651.8 
2569 3829.5 
2577 3854 
2579.5 3731 
2597.5 3744.7 
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WELL F-AH4 MEASURED RFT RESULTS 
 
Depth 
(m) 
Formation pressure 
(psi) 
1834 3021.2 
1834.5 3020.5 
1835 3020.6 
1835.5 3020.9 
1836 3021.3 
1837 3023.2 
1840 3028.3 
1842 3031.1 
1844.5 3034.9 
1847 3038.6 
1852 3046.2 
1854 3049.5 
1861 3061.4 
 
WELL F-AH4 MEASURED RFT RESULTS 
 
Depth 
(m) 
Formation pressure 
(psi) 
2662 3829 
2665 3827 
2670 3828 
2677 3829 
2680 3829 
2687 3843 
2688 3852 
 
 
 
 
 
 
